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Introduction 



A LTHOUGH natural gas has been utilized as 
a fuel for more than 150 years, the large de¬ 
mand for it has developed fairly recendy. The 
principal reason for this is the greater diffi¬ 
culty of storing and transporting gas as compared to liq¬ 
uid fuels. Initially, natural gas was used only in the areas 
in which it was produced, with excess production being 
vented to the air or flared. This was especially true of 
gas produced along with the oil in oil fields. 

The development of large diameter, high pressure 
pipelines and compressors, along with the technology of 
gas storage in reservoirs, has spurred both the demand 
for natural gas and the development of the technology 
required to produce and transport it. This is illustrated 
in the United States by the fact that natural gas supplied 
more than 30% of the total energy demand in 1980 as 
compared to 18% in 1950 and less than 4% in 1920. 
Natural gas supplied about 20% of the energy worldwide 
in 1980. 

The increased demand has also greatly increased the 
price obtained for the gas. In 1950 the average price for 
natural gas in the United States was about $0.07 per 
thousand standard cubic foot (Mscf), and as late as 1970 
the price averaged only about $0.17/Mscf. In 1980 the 
average price had increased to more than $0.90/Mscf 
with gas in some areas selling for as much as $9.00/ 
Mscf. The large difference in the average and maximum 
selling price is due to the huge quantities being sold at 
very low prices under long term contracts made many 
years ago. 

Natural gas is used primarily as a fuel for space heat¬ 
ing and for generating steam for electric power plants, 
although its use as a feedstock for petrochemical plants 
is increasing rapidly. Because of the necessity of using 


very high pressure to store significant quantities of nat¬ 
ural gas in small spaces, its use as a fuel for motor ve¬ 
hicles is very limited. However, as the supply of liquid 
.fuels such as gasoline diminishes, it is likely that tech¬ 
nology will be developed to overcome this problem. 

GEOGRAPHICAL OCCURRENCE OF NATURAL GAS 

Geological conditions necessary for commercial ac¬ 
cumulations of natural gas exist in various locations 
worldwide. The tables and graphs presented in this sec¬ 
tion locate and quantify the known reserves and the pro¬ 
duction rates of various countries. These data are also 
presented for various states in the United States. 

Worldwide Occurrence of Natural Gas 

The worldwide reserves of natural gas has steadily in¬ 
creased during recent years, while the United States re¬ 
serves declined from 1967 to 1983. 

Table 1-1 shows that the United States’ share of the 
total world reserves decreased from 27.8% to 6.7% dur¬ 
ing the 1967-1983 period. As of 1983, the proved world 
gas reserve was 3,033 trillion cubic feet. The changes in 
reserves by area from 1967 to 1983 are shown in Table 
1-1. These statistics are also reported by country for the 
twenty leading gas producing countries in Table 1-2. 

Although the United States has less than 7% of the 
total world reserves, it currently produces more than 34% 
of the gas produced worldwide. Production statistics by 
area for the 1975-1981 period are presented in Table 1- 
3. The production statistics for the twenty leading coun¬ 
tries are presented in Table 1—4 for 1980 and 1981. At 
the 1981 worldwide production rate of 160 billion cu ft/ 
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Gas Production Operations 


TABLE 1-1 

Estimated Proved World Reserves of Natural Gas Annually As of January 1 (Billions of Cubic Feet) 


Year 

WESTERN HEMISPHERE 

Western 

United Latin Hemisphere 

States Canada America Total 

Middle 

East 

Africa 

Asia- 

Pacific 

Western 

Europe 

Total 

Free 

World 

Communist 

Nations 

Total 

World 

U.S. 

as a 

% of 
Total 
World 

Year 

... 

1967 

289,333 

43,450 

64,550 

397,333 

215,070 

158,155 

32,450 

88,582 

891,590 

150,000 

1,041,590 

27.8% 

1967 

1968 

292,908 

45,682 

67,101 

405,691 

220,670 

167,223 

40,050 

133,965 

967,599 

215,500 

1,183,099 

24.8 

1968 

1 

1969 

287,350 

47,666 

62,900 

397,916 

223,775 

168,345 

52,724 

141,176 

983,936 

343,000 

1,326,936 

21.7 

1969 


1970 

275,109 

51,951 

163,150 

490,210 

235,275 

197,143 

67,500 

150,800 

1,140,928 

350,000 

1,490,928 

18.5 

1970 


1971 

290,746'” 

53,376 

73,100 

417,222 

354,262 

191,516 

56,330 

147,731 

1,167,061 

440,000 

1,607,061 

18.1 

1971 

1972 

278,806'” 

55,462 

72,700 

406,968 

343,930 

193,018 

69,800 

163,250 

1,176,966 

558,000 

1,734,966 

16.1 

1972 


1973 

266,085'” 

52,936 

79,218 

398,239 

344,150 

189,015 

101,236 

178,400 

1,211,040 

664,400 

1,875,440 

14.2 

1973 

; 

1974 

249,950'” 

52,457 

91,321 

393,728 

413,325 

187,720 

114,200 

193,797 

1,302,770 

735,400 

2,038,170 

12.3 

1974 

j 

1975 

237,132'” 

56,708 

100,214 

394,054 

672,670 

314,974 

115,880 

202,826 

1,700,404 

846,000 

2,546,404 

9.3 

1975 

1976 

228,200'” 

56,975 

90,487 

375,662 

538,648 

207,152 

111,560 

180,875 

1,413,897 

835,000 

2,248,897 

10.1 

1976 


1977 

216,026'” 

58,282 

90,325 

364,633 

536,460 

209,077 

120,010 

141,905 

1,372,085 

953,000 

2,325,085 

9.2 

1977 


1978 

208,878'” 

59,472 

108,480 

376,830 

719,660 

207,504 

122,725 

138,190 

1,564,909 

955,000 

2,519,909 

8.3 

1978 

-■i 

1979 

200,302'” 

59,000 

112,950 

372,252 

730,660 

186,290 

119,850 

143,260 

1,552,312 

945,000 

2,497,312 

8.0 

1979 

1980 

194,917'” 

85,500 

144,500 

424,917 

740,330 

210,350 

128,815 

135,376 

1,639,158 

935,000 

2,574,158 

7.6 

1980 


1981 

199,021'” 

87,300 

159,811 

446,132 

752,415 

208,470 

126,290 

159,315 

1,692,622 

953,900 

2,646,522 

7.5 

1981 

. j 

1982 (r| 

201,730'” 

89,900 

176,323 

467,953 

762,490 

211,667 

127,616 

150,650 

1,720,376 

1,194,700 

2,915,076 

6.9 

1982'° 

J 

1983 lpl 

204,000'” 

97,000 

186,591 

487,591 

769,730 

189,423 

146,247 

156,736 

1,749,727 

1,283,800 

3,033,527 

6.7 

1983 lpl 

w Revised 

;h 


,pl Preliminary 

’’’Figures include 26 trillion cubic feet in Prudhoe Bay, Alaska (discovered in 1968) for which transportation facilities are not yet available t. 

Source: 1967-1980: United States—American Gas Association, Committee on Natural Gas Reserves 
1981-1982: United States—Department of Energy 
1983: Oil and Gas Journal 

Rest of the World—The Oil & Gas Journal "Worldwide Report" Issues. 1 ■ 


Courtesy the American Petroleum Institute 

day, known reserves exist to sustain this rate for another 
forty-five years. 

Occurrence of Natural Gas in the United States 

The United States is not in the same condition as the 
total world with respect to supply of natural gas. As shown 
in Table 1-5, almost eleven years would be required to 
deplete the 1981 known reserves at 1981 production rates. 
This does not mean that the gas will be depleted in ten 
years, however, as new supplies are being found con¬ 
tinuously. The changing reserve situation in the United 
States is illustrated graphically in Figure 1-1. Table 1-6 
shows estimates of the total remaining resources of nat¬ 
ural gas in the United States. Depending on the source 
of the estimate, the resources remaining in 1979 range 
from 502 to 1202 trillion cubic feet. 

Table 1-7 presents salient statistics related to the gas 
industry in the United States for the period 1970-1981. 
Approximately 5% of the gas consumed is imported, pri¬ 
marily from Canada. Some liquefied natural gas is im¬ 
ported from Algeria. 

Of the gas produced in the United States, almost 90% 
comes from only five states. These are Kansas, Loui¬ 


siana, New Mexico, Oklahoma, and Texas. The state of 
Louisiana is by far the largest producer, accounting for 
about 34% of the total gas produced in the United States 
in 1981. Much of this gas is produced offshore. Table 
1-8 lists the gas production by states for the period 1972- 
1981. 

Consumption of natural gas is of course more evenly 
distributed among the states, with Texas being the larg¬ 
est consumer. Table 1-9 shows where the United States- 
produced gas was used in the period 1977-1981. 

The large growth of the gas industry in the United 
States is attributable to the comprehensive transmission 
system that has developed since the late 1940’s. In 1977 
the network of gas pipelines consisted of more than 
250,000 miles and served almost 45 million gas cus¬ 
tomers. The pipeline grid is shown in Figure 1-2, and 
the distribution of pipelines and customers among the 
states is listed in Table 1-10. 


GEOLOGICAL OCCURRENCE OF NATURAL GAS 


Certain requirements must be met for a commercial 
deposit of petroleum to exist. These are: 
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TABLE 1-2 

Estimated Natural Gas Reserves—-Twenty Leading Nations (As of January 1)(Billion Cubic Feet) 


Reserves 


% of 

Free World 
Reserves 


% of 

Total World 
Reserves 


Reserves 


% of 

Free World 
Reserves 


"’Revised 
<pl Preliminary 

Source: 1982: United States—Department of Energy, Rest of World—Oil and Gas Journal, “Worldwide Report" issue. 
1983: Oil and Gas Journal, "Worldwide Report” issue. 

Courtesy the American Petroleum Institute 


TABLE 1-3 

World Marketed Production of Natural Gas by Area (Millions of Cubic Feet) 


% of 

Total World 
Reserves 


1. U.S.S.R 

1,160,000 

— 

39.8 

1. U.S.S.R 

1,240,000 


40.9 

2. Iran 

484,000 

28.1 

16.6 

2. Iran 

482,600 

27.6 

15.9 

3. United States 

201,730 

11.7 

6.9 

3. U.S.A. 

204,000 

11.7 

6.7 

4. Algeria 

130,900 

7.6 

4.5 

4. Saudi Arabia 

117,000 

6.7 

3.9 

5. Saudi Arabia 

114,000 

6.6 

3.9 

5. Algeria 

111,250 

6.4 

3.7 

6. Canada 

89,900 

5.2 

3.1 

6. Canada 

97,000 

5.5 

3.2 

7. Mexico 

75,350 

4.4 

2.6 

7. Mexico 

75,850 

4.3 

2.5 

8. Qatar 

60,000 

3.5 

2.1 

8. Qatar 

62,000 

3.5 

2.0 

9. Netherlands 

55,700 

3.2 

1.9 

9. Norway 

58,000 

3.3 

1.9 

10. Norway 

49,370 

2.9 

1.7 

10. Venezuela 

54,079 

3.1 

1.8 

11. Venezuela 

47,000 

2.7 

1.6 

11. Netherlands 

51,920 

3.0 

1.7 

12. Nigeria 

40,500 

2.4 

1.4 

12. Malaysia 

34,000 

1.9 

1.1 

13. Kuwait 

30,500 

1.8 

1.0 

13. Nigeria 

32,400 

1.9 

1.1 

14. Indonesia 

27,400 

1.6 

0.9 

14. Kuwait 

29,900 

1.7 

1.0 

15. Iraq 

27,300 

1.6 

0.9 

15. Indonesia 

29,600 

1.7 

1.0 

16. United Kingdom 

17. People's Republic 

26,000 

1.5 

0.9 

16. Iraq 

28,800 

1.6 

0.9 

of China 

24,400 

— 

0.8 

17. United Kingdom 

25,400 

1.5 

0.8 

18. Argentina 

23,400 

1.4 

0.8 

18. Argentina 

25,200 

1.4 

0.8 

19. Libya 

23,200 

1.3 

0.8 

19. Libya 

21,500 

1.2 

0.7 

20. Abu Dhabi 

19,500 

1.1 

0.7 

20. Abu Dhabi 

19,260 

1.1 

0.6 

TOTAL FREE WORLD 

1,720,376 

100.0 

59.0 

TOTAL FREE WORLD 

1,749,727 

100.0 

57.8 

TOTAL WORLD 

2,915,076 


100.0 

TOTAL WORLD 

3,033,527 

— 

100.0 


WESTERN HEMISPHERE 


Year 

United 

States 

Canada 

Latin 

America 

Western 

Hemisphere 

Total 

Middle 

East 

Africa 

Asia- 

Pacific 

Western 

Europe 

Total 

Free 

World 

Communist 

Nations 

Total 

World 

Free 

World 

Total 

% of 
World 
Total 

Year 

1975 

20,108,661 

3,075,693 

1,735,060 

24,919,414 

1,436,210 

670,402 

938,365 

5,966,659 

33,931,050 

13,276,275 

47,207,325 

59.3 

42.6 

1975 

1976 

19.952,438 

3,067,353 

1,722,106 

24,741,897 

1,492,772 

905,792 

1,173,878 

6,343,593 

34,657,932 

14,801,281 

49,459,213 

57.6 

40.3 

1976 

1977 

20,025,463 

3,230,672 

1,865,734 

25,121,869 

1,506,982 

919,464 

1,329,016 

6,502,502 

35,379,833 

14,720,257 

50,100,090 

56.6 

40.0 

1977 

1978 

19,974,033 

3,128,056 

2,012,912 

25,115,001 

1,579,478 

1,117,416 

1,469,154 

6,649,855 

35,930,904 

15,818,398 

51.749,302 

55.6 

38.6 

1978 

1979 

20,471,260 

3,646,500 

2,610,000 

26,727,760 

1,624,700 

1,027,900 

1,827,900 

6,866,800 

38,075,060 

19,591.400 

57.666.460 

53.8 

35.5 

1979 1 

1980 (r) 

20,378,787 

2,668,300 

3,297,500 

26,344,587 

1.221,300 

884,700 

2,558,400 

6,668,700 

37,677,687 

21,069,900 

58.747,587 

54.1 

34.7 

1980 <r) 

1981 (0 

20,177,701 

2,623,000 

3,227,000 

26,027,701 

1,542,000 

1,947,000 

2,765,000 

6,906,000 

39,187,701 

19,210,000 

58.397,701 

51.5 

34.6 

1981 40 


"’Revised 

Source: 1975-78: U.S. Energy Information Administration, World Natural Gas, Annuals. 

1979-1981: U.S. Energy information Administration, United States only; Rest of World, Oil and Gas Journal. 

Courtesy the American Petroleum Institute 
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TABLE 1-4 

World Natural Gas Production—Twenty Leading Nations (Billion Cubic Feet) 


1980”’ 


1981 <r) 



MARKETED 

PRODUCTION” 2 ’ 

% of Free 

% of Total 


MARKETED - 
PRODUCTION” 21 

% of Free 

% of Total 

Nation 

Total 

Billion 

cf/d 

World 

Production 

World 

Production 

Nation 

Total 

Billion 

cf/d 

World 

Production 

World 

Production 

1. United States 

20,378.8 

55.28 

54.1 

34.7 

1. United States 

20,177.7 

55.28 

51.5 

34.6 

2. U.S.S.R. 

15,355.5 

42.07 

— 

26.3 

2. U.S.S.R. 

16,390.0 

44.90 

— 

28.1 

3. People's Republic 
of China 

3,469.0 

9.50 

_ 

5.9 

3. Netherlands 

3,054.0 

8.37 

7.8 

5.2 

4. Netherlands 

2,799.6 

7.67 

7.5 

4.8 

4. Canada 

2,623.0 

7.19 

6.7 

4.5 

5. Canada 

2,668.3 

7.31 

7.1 

4.6 

5. Mexico 

1,486.0 

4.07 

3.8 

2.5 

6. United Kingdom 

1,500.0 

4.11 

4.0 

2.6 

6. Romania 

1,440.0 

3.95 

— 

2.5 

7. Mexico 

1,190.5 

3.26 

3.2 

2.0 

7. United Kingdom 

1,427.0 

3.91 

3.6 

2.4 

8. Romania 

1,176.4 

3.22 

— 

2.0 

8. Algeria 

1,149.0 

3.15 

2.9 

2.0 

9. Indonesia 

1,028.4 

2.82 

2.8 

1.8 

9. Indonesia 

1,075.0 

2.95 

2.7 

1.8 

10. West Germany 

738.6 

2.02 

2.0 

1.3 

10. Nonway 

923.0 

2.53 

2.4 

1.6 

11. Norway 

705.2 

1.93 

1.9 

1.2 

11. Libya 

674.0 

1.85 

1.7 

1.2 

12. Pakistan 

600.0 

1.64 

1.6 

1.0 

12. West Germany 

636.0 

1.74 

1.6 

1.1 

13. Italy 

524.6 

1.44 

1.4 

0.9 

13. Venezuela 

602.0 

1.65 

1.5 

1.0 

14. Venezuela 

518.0 

1.42 

1.4 

0.9 

14. Pakistan 

600.0 

1.64 

1.5 

1.0 

15. Algeria 

517.0 

1.42 

1.4 

0.9 

15. Italy 

500.0 

1.37 

1.3 

0.9 

16. Saudia Arabia 

310.2 

0.85 

0.8 

0.5 

16. People’s Republic 
of China 

459.0 

1.26 


0.8 

17. Argentina 

296.9 

0.81 

0.8 

0.5 

17. Saudi Arabia 

435.0 

1.19 

1.1 

0.7 

18. Iran 

292.0 

0.80 

0.8 

0.5 

18. Australia 

377.0 

1.03 

1.0 

0.7 

19. Kuwait 

291.3 

0.80 

0.8 

0.5 

19. Kuwait 

340.0 

0.93 

0.9 

0.6 

20. Brunei 

282.0 

0.77 

0.8 

0.5 

20. Argentina 

330.0 

0.90 

0.8 

0.6 

TOTAL FREE WORLD 

37,677.7 

102.94 

100.0 

64.1 

TOTAL FREE WORLD 

39,187.7 

107.36 

100.0 

67.1 

TOTAL WORLD 

58,747.7 

160.51 

— 

100.0 

TOTAL WORLD 

58,397.7 

159.99 

— 

100.0 


w Revised 

’’’Comprises all gas collected and utilized as a fuel or as a chemical industry raw material, including gas used in oil and/or gas fields as a fuel by producers, 
even though it is not actually sold. 

’ 2I United States is reported marketed production; all others may include some gross production. 


Source: U.S. Energy Information Administration, United States only; other nations, Oil and Gas Journal. 
Courtesy the American Petroleum Institute 


TABLE 1-5 

The Reserves of United States Natural Gas (Millions of Cubic Feet—14.72 psia at 60°F.) 


Year 

Proved Reserves 
at Start of Year 

Reserve 

Revisions, 

Extensions 

and 

Discoveries 
During Year 

Net Change 

In 

Underground 

Storage* 7 ’ 

Production 

During 

Year'” 

Proved Reserves at Year-end 

Net Change, 

In Reserves, 
During Year 

Indicated, 
Years Supply, 
of Year-end, 
Proved 
Reserves 

Year 

1975 

211,132,497 13 ’ 

237,132,497 12 ’ 

10,483,688 

302,561 

19,718,570 

202,200,176' 3 ’ 

228,200,176’"’ 

-8,932,321 

10.2' 3 ’ 11.6'"’ 

1975 

1976 

202,200,176 13 ’ 

228,200,176’ 3 ’ 

7,555,468 

-187,550 

19,542,020 

190,026,074 13 ’ 

216,026,047’"’ 

-12,174,102 

9.7 13 ' ll.l'"’ 

1976 

1977 

190,026,074 (3 ’ 

216,026,074’"’ 

11,851,924 

446,930 

19,447,050 

182,877.878’ 3 ' 

208,877,878’"’ 

-7,148,196 

9.4 13 ’ 10.7’"’ 

1977 

1978 

182,877,878’ 3 ’ 

208,877,878’"’ 

10,586,144 

148,733 

19,311,048 

174,301.707’ 3 ’ 

200,301,707’"’ 

-8,576.171 

9.0’ 3 ’ 10.4 1 "’ 

1978 

1979 

174,301,707’ 3 ’ 

200,301,707’"’ 

14,285,947 

239,323 

19,910,353 

168,916,624' 3 ’ 

194,916,624'"’ 

-5,385,083 

8.5 13 ’ 9.8'"’ 

1979 

1980 

200,997,000’"’ 


16,723,000 

NA 

18,699,000 

199,021.000’"’ 


-1,976,000 

10.6’"' 

1980 

1981 

199,021,000’"’ 


21,446,000 


18.737,000 

201,730.000'"’ 


+2,709,000 

10.8’"’ 

1981 


’’’Estimated 

^’Figures exclude 26 trillion cubic feet in Prudhoe Bay, Alaska (discovered in 1968) which are not yet available for market due to the lack of transportation facilities. 

’"’Figures include 26 trillion cubic feet in Prudhoe Bay, Alaska. 

171 The net difference between gas stored in and gas withdrawn from underground storage reservoirs, inclusive of adjustments and native gas transferred from other reserve categories 
(Adjustments include change of reporting basis starting in 1973 to repod only gas reserves considered recoverable, in effect, reducing gas reserves by 1,024,140 MMCF that would 
have been repoded since 1972 using former basis.) 

Source: 1975-1979—American Gas Association, Committee on Natural Gas Reserves. 

1980-1981—U.S. Depadment of Energy, Energy Information Administration. 

Coudesy the American Petroleum Institute 
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Fig. 1-1. U.S. natural-gas reserves. Used by permission of the copyright holder, American Gas Association. 


TABLE 1-6 

Estimated Gas Resources and Reserves (Trillion Cubic Feet) Including Alaska 


Source of 
Estimate 

Year of 
Estimate 

New Fields 

Potential Resources' 
Old Fields 

Total 

1979 Proved 
Reserves 

Total Remaining 
Resources 2 

U.S. Geological 

Survey 

1980 

594 

162 

756 

195 

922 

National Academy 
of Sciences 

1974 

530 

118 

648 

195 

717 

Exxon Base 

1974 

342-942 

56-321 

423-1143 

195 

502-1202 

Potential Gas 
Committee 

1980 

720 

193 

913 

195 

1089 


'Does not include possible resources from unconventional sources such as coal-bed degasification. Devonian shale, Rocky Mountain tight- 
gas formation, geopressured resources, and biomass and coal gasification. 

2 As of December 31, 1981. Estimates are corrected for gas consumed since the date of resource estimate. 

Used by permission of the copyright holder, American Gas Association. 
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TABLE 1-7 

Salient Statistics of Natural Gas in the U.S. (Million Cubic Feet) 


Year 

Marketed 

Production 

Exports 

Consumption 

Imports 

1970 

21,920,642 

69,813 

22,045,799 

820,780 

1971 

22,493,012 

80,212 

22,676,581 

934,548 

1972 

22,531,698 

78,013 

23,009,445 

1,019,496 

1973 

22,647,549 

77,169 

22,965,914 

1,032,901 

1974 

21,600,522 

76,789 

22,110,623 

959,284 

1975 

20,108,661 

72,675 

20,409,875 

953,008 

1976 

19,952,438 

64,711 

20,800,582 

963,768 

1977 

20,025,463 

55,626 

19,520,581 

1,011,001 

1978 

19,974,033 

52,532 

19,627,478 

965,545 

1979 

20,471,260 

55,673 

20,240,761 

1,253,383 

1980 

20,378,787 

48,731 

19,877,293 

984,767 

1981 

20,177,701 

59,372 

19,403,858 

903,949 


VALUE AT WELLHEAD 

Total Average Expc 

Thousand Cents a • 
Dollars Per Met Prod 

$ 3,745,680 17.1c 0. 

4,085,482 18.2 0. 

4,180,462 18.6 0. 

4,894,072 . 21.6 0. 

6,573,402 30.4 0. 

8,945,062 44.5 0. 

11,571,776 58.0 0. 

15,833,719 79.0 0. 

18,084,914 90.5 0. 

24,113,634 117.8 0. 


1980 20,378,787 48,731 19,877,293 984,767 32,052,182 

1981 20,177,701 59,372 19,403,858 903,949 39,561,874 

01 Also includes changes in above ground storage and gas unaccounted for. 
•'•Revised 

Source: U.S. Energy Information Administration, Natural Gas Annuals 
Courtesy the American Petroleum Institute 


Exports as 
a % of 
Production 

Imports as a 
% of 

Consumption 

Withdrawn 

from 

Storage 

Stored 

Lost in 
Trans¬ 
mission 1 

Vented 

and 

Flared 

Year 

0.3% 

3.7% 

1,458,607 

1,856,767 

227,650 

489,460 

1970 

0.4 

4.1 

1,507,630 

1,839,398 

338,999 

284,561 

1971 

0.3 

4.4 

1,757,218 

1,892,952 

328,002 

248,119 

1972 

0.3 

4.5 

1,532,820 

1,974,324 

195,863 

248,292 

1973 

0.4 

4.3 

1,700,546 

1,784,209 

288,731 

169,381 

1974 

0.4 

4.7 

1,759,565 

2,103,619 

235,065 

133,913 

1975 

0.3 

4.6 

1,921,017 

1,755,690 

216,240 

131,930 

1976 

0.3 

5.2 

1,749,884 

2,306,515 

41,063 

136,807 

1977 

0.3 

4.9 

2,157,765 

2,278,002 

287,201 

153,350 

1978 

0.3 

6.1 

2,047,000 

2,295,034 

372,330 

167,019 

1979 

0.2 

4.8 

1,909,902 

1,896,284 

644,072 

125,451 

1980 (r) 

0.3 

4.5 

1,886,940 

2,179,683 

505,026 

98,017 

1981 


TABLE 1-8 

U.S. Marketed Production 111 of Natural Gas by State (Million Cubic Feet) 


Alabama 

3,644 

11,271 

27,865 

37,814 

41,427 

57,227 

85,399 

85,815 

105,527 

119,334 

Alaska 

125,596 

131,007 

128,935 

160,270 

166,072 

187,889 

203,088 

220,754 

230,588 

242,564 

Arizona 

442 

125 

224 

208 

262 

240 

286 

247 

214 

187 

Arkansas 

166,522 

157,529 

123.975 

116,237 

109,533 

104.096 

106.792 

109,452 

111,808 

92,986 

California 

487,278 

449,369 

365,354 

318,308 

354.334 

311,462 

311,084 

248.206 

309,783 

380,730 

Colorado 

116.949 

137,725 

144,629 

171,629 

183,972 

188,792 

183,693 

191.239 

190,814 

199,146 

Florida 

15,521 

33,857 

38.137 

44.383 

43,165 

48,171 

51.595 

50.190 

45,744 

35,938 

Illinois 

1,194 

1,638 

1,436 

1,440 

1,556 

1,003 

1,159 

1,585 

1,574 

1,295 

Indiana 

355 

276 

176 

346 

192 

183 

163 

350 

463 

330 

Kansas 

889,268 

893,118 

886,782 

843,625 

829,170 

781,289 

854,484 

797,762 

735.035 

640,114 

Kentucky 

63,648 

62,396 

71,876 

60,511 

66.137 

60,902 

70,044 

59,520 

57,180 

61,312 

Louisiana 

7,972,678 

8.242.423 

7,753.631 

7,090,645 

7,006,596 

7,215,006 

7,476,497 

7.266.217 

6,939,924 

6,780,184 

Maryland 

244 

298 

133 

93 

75 

82 

88 

28 

68 

56 

Michigan 

34,221 

44,579 

69,133 

102,113 

119,262 

129,954 

148,047 

159.731 

158,302 

152,593 

Mississippi 

103,989 

99,706 

78,787 

74,345 

70,762 

82,995 

106,579 

144,077 

185.469 

211,371 

Missouri 

9 

33 

33 

30 

29 

20 

— 

“ 

— 

— 

Montana 

33,474 

56,175 

54,873 

40,734 

42,563 

46,819 

46,522 

53,888 

51,867 

56,565 

Nebraska 

3,478 

3,836 

2,538 

2,565 

2,511 

2,789 

2,882 

3,208 

2,550 

2.519 

New Mexico 

1,216,061 

1,218,749 

1,244,779 

1,217,430 

1,230,976 

1,202,973 

1.174,198 

1,181,363 

1,149,781 

1,134,113 

New York 

3,679 

4,539 

4,990 

7,628 

9,235 

10,682 

13,900 

15,500 

15,643 

16,074 

North Dakota 

32,472 

27,703 

31,206 

24,786 

31,470 

29,173 

30,499 

18,468 

42,346 

42,573 

Ohio 

89,995 

93,610 

92,055 

84,960 

88,891 

99,327 

114,098 

123,181 

138,856 

141,134 

Oklahoma 

1,806,887 

1,770,980 

1,638,942 

1,605,410 

1,726,513 

1,769,519 

1,773,582 

1,835,366 

1,891,824 

2,019,199 

Oregon 

— 

__ 

— 

— 

— 

— 

— 

2 

5 

5 

Pennsylvania 

73,958 

78,514 

82,637 

84,676 

89,386 

91,717 

97,763 

96,313 

97,439 

122,454 

South Dakota 

_ 

— 

— 

— ■ - ■ 

— 

— 

— 

914 

1,193 

1,155 

Tennessee 

25 

20 

17 

27 

47 

263 

468 

941 

1,241 

1,719 

Texas 

8,657,840 

8,513,850 

8,170,798 

7,485,764 

7,191,859 

7,051,027 

6,548.184 

7,174,623 

7,251,879 

7,050,207 

Utah 

39.474 

42,715 

50,522 

55,354 

57,416 

60,696 

58,416 

58,605 

87,766 

91,191 

Virginia 

2,787 

5,101 

7,096 

6,723 

6,937 

8,220 

8,492 

8,544 

7,812 

8,903 

West Virginia 

214,951 

208,676 

202,306 

154,484 

153,322 

152.767 

148,564 

150,505 

156,551 

161,251 

Wyoming 

375.059 

357,731 

326,657 

316,123 

328,768 

330,180 

357,267 

414,416 

409,541 

410,449 

Total 

22,531,698 

22,647,549 

21,600,522 

20,108,661 

19,952,438 

20,025,463 

19,974,033 

20,471,260 

20,378,787 

20,177,701 


(1) Marketed production of natural gas represents gross withdrawals less gas used for repressuring and quantities vented and flared. 
Source: U.S. Energy Information Administration, Natural Gas Annuals. January 1983. 

Courtesy the American Petroleum Institute 
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TABLE 1-9 

U.S. Consumption of Natural Gas by State (Million Cubic Feet) 


State 

1977 

1978 

1979 

1980 

1981 141 

Alabama 

241,237 

237,258 

283,435 

269,240 

271,280 

Alaska 

116,278 

145,025 

157,236 

153,345 

121,727 

Arizona 

167,092 

175,041 

172,738 

165,850 

182,533 

Arkansas 

229,558 

220,699 

250,747 

273,720 

264,787 

California 

1,772,041 

1,563,172 

1,810,381 

1,807,731 

1,858,178 

Colorado 

282,215 

267,838 

292,272 

256,363 

211,780 

Connecticut 

64,068 

65,191 

67,957 

72,583 

76,829 

Delaware 

15,787 

20,626 

24,981 

29,797 

30,643 

Dist of Col. 

(2) 

(2) 

(2) 

27,868 

29,023 

Florida 

302,344 

318,344 

344,177 

316,588 

337,557 

Georgia 

264,665 

278,272 

312,299 

315,201 

316,613. 

Idaho 

45,537 

44,210 

54,237 

49,047 

44,960 

| Illinois 

1,167,099 

1,174,934 

1,142,732 

1,089,720 

1,061,957 

Indiana 

398,268 

440,955 

504,185 

489,254 

496,349 

Iowa 

280,246 

238,229 

291,521 

269,581 

253,231 

Kansas 

506,910 

519,346 

584,236 

488,338 

428,130 

Kentucky 

219,521 

212,913 

218,689 

202,284 

199,445 

Louisiana 

2,190,848 

2,249,172 

1,978,382 

1,794,007 

1,781,716 

Maine 

o); 

(D 

(1) 

2,268 

2,326 

Maryland 

158,838 

161,695 

201,584 

160,244 

175,289 

1 Massachusetts 

160,343 

160,503 

156,459 

182,587 

184,575 

Michigan 

741,295 

789,594 

875,726 

865,137 

800,873 

Minnesota 

293,381 

313,229 

334,202 

285,846 

266,282 

f Mississippi 

197,689 

203,719 

254,366 

263,530 

242,987 

i Missouri 

366,970 

358,905 

347,257 

318,451 

283,514 

Montana 

70,956 

72,649 

69,805 

60,724 

52,452 

Nebraska 

188,804 

163,051 

170,013 

163,079 

138,322 

j Nevada 

71,052 

64,506 

84,433 

58,454 

73,182 

New Hampshire 

13,609 

14,039 

14,881 

9,474 

10,220 

New Jersey 

247,120 

228,843 

260,579 

339,825 

390,121 

New Mexico 

229.813 

213,698 

211,182 

221,793 

196,212 

I New York 

561,698 

569,702 

623,891 

737,443 

760,463 

1 North Carolina 

72,527 

81,989 

130,884 

153,316 

152,496 

North Dakota 

37,650 

39,067 

29,236 

22,848 

34,445 

Ohio 

847,497 

929,593 

898,029 

896,983 

870,341 

Oklahoma 

766,986 

770,249 

824,980 

722,318 

670,971 

! Oregon 

72,521 

86,140 

93,707 

78,703 

75,562 

Pennsylvania 

668,337 

673,770 

740,818 

775,715 

784,691 

Rhode Island 

25,631 

23,042 

27,219 

27,630 

29,202 

South Carolina 

138,585 

117,573 

119,319 

142,228 

141,924 

South Dakota 

36,097 

35,423 

25,724 

24,078 

22,056 

Tennessee 

202,135 

184,048 

226,477 

229,661 

223,529 

Texas 

4,143,023 

4,211,432 

4,001,355 

4,091,099 

3,926,687 

Utah 

106,315 

118,513 

126,047 

115,092 

102,239 

Vermont 

(1) 

0) 

(D 

3,991 

4,383 

Virginia 

118,020 

134,144 

134,088 

158,479 

151,737 

Washington 

142,657 

127,280 

158,515 

128,770 

124,942 

West Virginia 

144,535 

151,839 

148,538 

143,047 

148,527 

Wisconsin 

349,160 

370,726 

367,517 

351,857 

324,611 

Wyoming 

83,623 

87,292 

93,797 

68,975 

69,056 

U.S. Total 

19,520,581 

19,627,478 

20,240,761 

19,877,293< 31 

19,403,858 a ' 


(11 Included with New Hampshire 
(2) Included with Maryland 

(3| Total includes 3,131 MMcf from Hawaii in 1980 and 2,899 MMcf in 1981. 

|4| Totals may not add due to independent rounding. 

Source: U.S. Energy Information Administration, Natural Gas Annuals. January 1983. 
Courtesy the American Petroleum Institute 
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Fig. 1-2. Major natural-gas pipelines in the United States in 1977. 
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TABLE 1-10 

Transmission Pipelines and Natural-Gas Customers by State 


State 

Transmission 
Pipelines - 
(Miles) 

Gas Customers 
(Thousands) 

Alabama 

5,301 

644.4 

Alaska 

115 

30.4 

Arizona 

5,041 

561.0 

California 

7,813 

6,632.2 

Colorado 

6,219 

726.6 

Connecticut 

538 

390.2 

Delaware 

227 

82.4 

District of Columbia 

23 

153.2 

Florida 

3,101 

409.9 

Georgia 

4,982 

927.3 

Hawaii 

0 

34.5 

Idaho 

1,312 

109.0 

Illinois 

9,955 

3,158.3 

Indiana 

5,655 

1,196.3 

Iowa 

6,142 

702.6 

Kansas 

15,547 

679.0 

Kentucky 

6,950 

627.4 

Louisiana 

21,697 

943.3 

Maine 

538 

17.6 

Maryland 

730 

773.8 

Massachusetts 

789 

1,052.4 

Michigan 

6,891 

2,244.4 

Minnesota 

3,983 

727.3 

Mississippi 

9,355 

383.3 

Missouri 

4,153 

1,177.5 

Montana 

3,041 

176.1 

Nebraska 

7,448 

411.2 

Nevada 

1,236 

118.7 

New Hampshire 

129 

46.2 

New Jersey 

1,310 

1,823.9 

New Mexico 

6,023 

288.7 

New York 

4,232 

3,996.3 

North Carolina 

2,291 

342.2 

North Dakota 

1,111 

74.9 

Ohio 

10,218 

2,756.3 

Oklahoma 

11,136 

753.9 

Oregon 

1,167 

250.8 

Pennsylvania 

11,983 

2,327.1 

Rhode Island 

53 

160.8 

South Carolina 

2,315 

285.9 

South Dakota 

942 

94.7 

Tennessee 

5,116 

494.0 

Texas 

38,295 

3,029.1 

Utah 

909 

310.0 

Vermont 

60 

16.6 

Virginia 

2,352 

526.1 

Washington 

1,707 

348.8 

West Virginia 

5,830 

396.1 

Wisconsin 

3,166 ;X: 

959.0 

Wyoming 

2,885 

103.5 

Total U.S. 

252,012 

44,941.5 


Source: interstate Natural Gas Association of America, Washing¬ 
ton, D.C. 


1. A source; that is, material from which the petroleum 
is formed. 

2. Porous and permeable beds in which the petroleum 


may migrate and accumulate after being formed. 

3. A trap or subsurface condition restricting further 
movement so that it may accumulate in commercial 
quantities. 

Natural gas and crude oil are generated from organic 
matter under the influence of increasing temperature and 
time. Both the type of organic matter and the tempera¬ 
ture it experiences have a role in controlling whether oil 
or gas is formed. Organic matter can be divided into two 
broad categories depending on whether it was derived 
from organisms growing on the land surface or growing 
in water, that is, whether it is terrestrial or aquatic. It is 
generally thought that the terrestrial matter produces nat¬ 
ural gas and some waxy crudes, whereas aquatic mate¬ 
rial produces normal crudes. 

This distinction is important in estimating the maxi¬ 
mum depth to which crude oil or natural gas may occur. 
Rivers have played a critical role in transporting terres¬ 
trial material to the depositional environment. Therefore, 



Stage 1. Gas, oil, and water above spill point. Both 

oil and gas continue to be trapped while water 
is displaced. This stage ends when oil-water 
interface reaches spill point. 


Fig. 1-3. Illustration of differential entrapment principle, 
showing various stages of hydrocarbon accumulation in an 
anticline. Solid and dashed arrows denote oil and gas 
movement respectively. (After Gussow) Courtesy American 
Association of Petroleum Geologists. 






Water 




Stage 2. Stage of selective entrapment and gas flushing. 
Gas continues to be trapped but oil is spilled 
up dip. This stage ends when oil-gas interface 
reaches spill point. 



Stage 3. End stage. Trap filled with gas. Excess gas 
spills up dip as more gas enters trap. Oil by¬ 
passes trap and continues upward migration. 
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Fig. 1-4. Final condition of differential entrapment in a series of interconnected traps. (After Gussow) Courtesy American 
Association of Petroleum Geologists. 


deltas are very gas-prone depositional environments. The 
oldest and deepest sediments were deposited in the con¬ 
tinental rift and are rich in terrestrial organic matter. They 
are overlain by increasingly marine sediments containing 
greater amounts of aquatic matter so that a vertical se¬ 
quence develops with the gas-generating organic' matter 
at the bottom and the oil-generating material at the top. 

Modification by Migration and Burial 

Oil and gas may be remobilized after it has formed in 
reservoirs. This secondary migration is most frequently 
caused by regional tipping and may lead to a marked 
separation of oil and gas. Gussow 1 used the term “dif¬ 
ferential entrapment” for the case in which a full trap 
with a gas cap spills oil from the bottom into the next 
higher trap. This can lead to adjacent traps with gas, oil, 
or varying mixtures of the two. The gas-filled reservoirs 
can be downdip from the oil-filled reservoirs. The pro¬ 
cess is illustrated in Figures 1-3 and 1-4. 

As can be seen from Figure 1-4, natural gas can occur 
either associated or not associated with oil. Trap 1 in 
Figure 1-4 is a non-associated gas reservoir while Trap 
2 is an associated gas reservoir; that is, the gas occurs 
as a gas cap in contact with crude oil. In some associated 
gas reservoirs the oil exists as a thin rim at the bottom 
of the trap. 

The temperature increase that accompanies increasing 
depth of burial has a major role in determining the com¬ 
position of the trapped petroleum. Crude oils are not 
equilibrium mixtures, and as temperature increases the 
hydrocarbons readjust toward equilibrium at an increas¬ 
ing rate. This readjustment causes a redistribution of hy¬ 
drogen, ultimately giving methane and a solid carbon- 
rich residue. The oil changes first to condensate, then to 
wet gas, and finally to dry gas. Gas developed in this 
manner is frequently associated with hydrogen sulfide 
and carbon dioxide. 


TABLE 1-11 

Total Estimated Potential Supply of Natural Gas by Depth 
Increments As of December 31, 1982 (Trillion Cubic Feet) 



Probable 

Possible 

Speculative 

Onshore (Drilling Depth) 

Lower 48 States 
less than 15,000 feet 

103 

133. 

83 

15,000 to 30,000 feet 

48 

130 

96 


151 

263 

179 

Alaska 

less than 15,000 feet 

6 

16 

28 

15,000 to 30,000 feet 

— 

— 

— 


6 

16 

28 

Total Onshore 

157 

279 

207 

Offshore (Water Depth) 




Lower 48 States 

less than 200 meters 

30 

41 

30 

200 to 1,000 meters 

3 

22 

23 





33 

63 

53 

Alaska 

less than 200 meters 

2 

13 

59 

200 to 1,000 meters 

— 

— 

10 


2 

13 

69 

Total Offshore 

35 

76 

122 








Total Lower 48 States 

184 

326 

232 

Total Alaska 

8 

29 

97 

Total United States 

192 

355 

329 


Courtesy Potential Gas Agency, Colorado School of Mines 


Although the maximum temperature for oil to exist is 
fairly well established, the temperature and thus depth 
limitations on the occurrence of natural gas have yet to 
be determined. Barker and Kemp 2 have published the 
results of a computer study to determine this depth lim¬ 
itation and have found that under certain conditions 
methane can remain stable at depths beyond 40,000 ft. 
The amount of methane surviving is strongly influenced 
by reservoir lithology with fairly cool, clean sandstones 
being the most favorable reservoirs. It was found that 
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Fig. 1-5. Hydrocarbon gas molecule structures. 


methane has less stability in deep carbonates. 

The Barker and Kemp study implies that natural gas 
may exist at depths greater than have been presently ex¬ 
plored if porous and permeable reservoirs exist at these 
depths. Table 1-11 shows that considerable reserves may 
exist at depths between 15,000 and 30,000 ft. 

CHARACTERISTICS OF NATURAL GAS 

Natural gas is a mixture of hydrocarbon gases with 
some impurities, mainly nitrogen (N 2 ), hydrogen sulfide 
(H 2 S), and carbon dioxide (C0 2 ). Gases containing sig¬ 
nificant amounts of H 2 S or C0 2 or both are called sour 
or acid gases. These impurities must be removed before 
the gas is used as a fuel. The hydrocarbon gases are 
methane, ethane, propane, butanes, pentanes, and small 
amounts of hexanes, heptanes, and some heavier frac¬ 


tions. In gas used for fuel, methane is the largest com¬ 
ponent, usually 95 to 98%. 

Natural gas is normally considered to be a mixture of 
straight chain or paraffin hydrocarbon compounds. 
However, occasionally cyclic and aromatic compounds 
occur in a natural gas. The molecular structures of some 
of these are shown in Figure 1-5. The general formula 
for the paraffin hydrocarbons is C„H 2 „ +2 , where n is the 
number of carbon atoms. 

Gas Composition 

The actual composition of a natural gas can vary over 
wide ranges. Even two gas wells producing from the same 
reservoir may have different compositions. Table 1-12 
shows typical hydrocarbon compositions of the gas pro¬ 
duced from different types of reservoirs. The composi¬ 
tion of the gas produced from a given reservoir may 
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TABLE 1-12 

Typical Natural Gas Compositions 


Mol Percent 


Component 

Symbol 

Associated 

Gas 

Wet 

Gas 

Dry 

Gas 

Methane 

c, 

27.52 

59.52 

97.17 

Ethane 

C 2 

16.34 

5.36 

1.89 

Propane 

c 3 

29.18 

4.71 

0.29 

i-Butane 

i-C„ 

5.37 

2.03 

0.13 

n-Butane 

n-C 4 

17.18 

2.39 

0.12 

i-Pentane 

i-C 5 

2.18 

1.80 

0.07 

n-Pentane 

n-C 6 

1.72 

1.61 

0.05 

Hexane 

C 6 

0.47 

2.60 

0.04 

Heptanes Plus 

C,- 

0.04 

19.98 

0.24 



100.00 

100.00 

100.00 


change with time if liquids condense in the reservoir as 
pressure declines. This occurs in a so-called retrograde 
condensate reservoir. 

Although natural gases contain small fractions of hy¬ 
drocarbon components much heavier than heptane, most 
analyses group all of the heavier components into a cat¬ 
egory called Heptanes plus or C 7+ . Table 1-13, from 
Katz 3 , lists some of the components of petroleum and 
the commercial products that contain these components. 
Only the constituents in the range of condensate well 
effluents and lighter will be considered in this text. 


OTHER SOURCES OF GASEOUS FUEL 

Alternatives to conventional sources of natural gas are 
importation of liquefied natural gas, substitute natural 
gas, coal gasification, and gas from shale reservoirs. The 
technology required for handling and transporting these 
gases once they are produced is essentially the same as 
for natural gases. 

Liquefied Natural Gas. Liquefied natural gas (LNG) 
is essentially methane that is liquefied at atmospheric 
pressure by cooling it to —260°F. The phase change re¬ 
duces the volume by 623:1, and approximately 15% of 
the energy is consumed in the phase change. Most of the 
LNG imported into the United States comes from Al¬ 
geria and is transported in large tankers that hold ap¬ 
proximately 750,000 barrels of LNG. This is equivalent 
to about 2.5 Bcf of gas. 

Coal Gasification. Synthetic gas from coal has been 
investigated in several pilot plants in the United States, 
but the commercial viability has not been demonstrated. 
The gas derived from coal is usually low in heating value 
as compared to natural gas. 

Substitute Natural Gas. Substitute natural gas (SNG) 
can be made from liquid petroleum feedstock such as 
naphtha, crude oil, propane, and butane. Facilities exist 


Name Formula 


Methane 

ch 4 

Ethane 

C 2 H 6 

Propane 

c 3 h 8 

Isobutane 

/-c 4 h 10 

n-Butane 

n-C 4 H 10 

Pentanes 

C 5 H 12 

Hexanes 

c 6 h 14 

Heptanes 

C?H 18 

Octanes 

CbH 18 

Decanes 

C 10 H 22 

Tetradecane 

Ci 4 H 2 0 

Hexadecane 


Triacontane 

C3oH 62 

Tetracontane 

G 40 H 8 2 

Asphaltene 

C 8 oHi62"^ 


TABLE 1-13 

Constituents of Petroleum 

Product of Commerce 
Containing Constituent 

Natural gas 

Natural gas 

Natural gas, propane 

Natural gasoline, butane 

Natural gasoline, motor fuel, butane 

Natural gasoline, motor fuel 

Natural gasoline, motor fuel 

Natural gasoline, motor fuel 

Natural gasoline, motor fuel 

Motor fuel 

Kerosene, light furnace oil 
Mineral seal oil, furnace oil 
Light lubricating oil, heavy fuel oil 
Lubricating oil, heavy fuel oil 
Asphalt, road oil, bunker fuel oil 


General Range of Constituents in Field Stream 


CD 

CO 

o> 

Q 


o 

"cc 

co 

CL 

CD 

CD 

32 

CD 


CO 

sz 

CL 

CD 

CO 

CD 

6 

£ 

CD 


O 


co 
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for this process, but the cost is extremely high in com¬ 
parison to natural gas at its present price. SNG may well 
become economical in the near future as demand for all 
forms of energy increases. 

Gas from Devonian Shale. Gas from Devonian shale 
formations is a potential source of gaseous fuel that could 
be extracted from an area of approximately 250,000 square 
miles of formations underlying the middle and eastern 
portions of the United States. Massive fracturing, ad¬ 
vanced recovery techniques, and a higher price for the 
gas will have to occur before this source contributes a 
substantial amount of energy to the United States. 

Tight Formation Gas. Gas from very low permeabil¬ 
ity formations is being produced from deposits in the 
Rocky Mountain states of the United States. In order to 
recover this gas in commercial quantities, some method 
is required for increasing the flow capacity of the wells. 
One method is to fracture the formation with a nuclear 
blast, but so far this technique has not proved feasible. 
The other method is massive hydraulic fracturing, which 
is the subject of much research of the present time. If 
either of these stimulation techniques can be perfected, 
recovery of the gas in place could reach 40 to 50%. 


Gas from Geopressured Aquifers. High pressure brine 
in geopressured aquifers may contain 30 to 40 scf of 
natural gas per barrel of water. In the United States, these 
aquifers are located in a band that extends from Florida 
to Texas along the Gulf of Mexico. Estimates of the gas 
in place range from 1000 to 3000 Tcf, but in 1981 no 
commercial method of recovering this gas had been de¬ 
veloped. 

GAS PRODUCTION OPERATIONS 

The engineer involved in gas production operations has 
one principal objective: to move the gas from some lo¬ 
cation in an underground reservoir to a pipeline that may 
be used to transport it to its final destination. Figure 1- 
6 shows that this involves moving the gas through a po¬ 
rous medium or rock formation, to the surface through 
casing or tubing, to separation facilities through a sur¬ 
face piping system, through a compressor if one is nec¬ 
essary to maintain sufficient flow rates, and finally through 
a surface line to the point of utilization. 

The engineer in charge of this operation must under¬ 
stand both reservoir engineering and production engi¬ 
neering concepts, as both are included in the total pro¬ 
ducing system. He must be able to determine the gas 



Fig. 1-6. Possible pressure losses in complete system. 
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recoverable in a reservoir and the time that will be re¬ 
quired to recover the gas. This requires analysis of in¬ 
dividual well performance and how this performance 
changes as gas is depleted from the reservoir and pres¬ 
sure declines. He must be capable of determining the 
relationship between flow rate and pressure drop in all 
parts of the system, the rock as well as all segments of 
the piping system. As pressure declines he must be able 
to determine the size and power of compression required 
to maintain production rates, and to handle liquids that 
form in the system, both condensate and water. All of 
the above design considerations require accurate values 
for flow rate through the system, which means that the 
engineer must be familiar with accurate methods to mea¬ 
sure flow rates. 

Since demand often exceeds producing or transpor¬ 
tation capacity during the winter months, the engineer 
may be required to determine the most feasible method 
for storing gas until it is needed. This requires the cal¬ 
culation of the efficiency with which gas displaces water 
in aquifers and the performance of injection wells. 


The following chapters contain the technology to han¬ 
dle all of these engineering problems. Each component 
of the system is treated individually and then combined 
for a total system analysis. Numerous example calcu¬ 
lations are made in order to clarify the application of the 
theory presented. Although some operations involved in 
the gas industry are not covered, such as unsteady state 
flow in pipelines and highly fractured reservoirs, the 
technology for handling day-to-day gas production op¬ 
erations is included in a complete and practical form. 
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11-12, 1980. 

3. Katz, D. L. et al: Handbook of Natural Gas Engineering, Mc¬ 
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Gas Properties 



T HE ability to calculate the performance of a 
gas producing system, including the reservoir 
and the piping system, requires knowledge of 
many gas properties at various, pressures and 
temperatures. If the natural gas is in contact with liquids, 
such as condensate or water, the effect of the liquids on 
gas properties must be evaluated. 

This chapter presents the best and most widely used 
methods to perform the necessary calculations. Some of 
the information presented in this chapter will be used 
only in reservoir calculations and some will be used only 
in the piping system design chapter; therefore, this chap¬ 
ter will be referred to frequently in the subsequent chap¬ 
ters. 

Numerous example problems are worked and graphs 
are presented for empirical correlations. Application of 
some of the methods requires a computer, and FOR¬ 
TRAN subroutines are included in the appendix if avail¬ 
able. 

IDEAL GASES 

The understanding of the behavior of gases with re¬ 
spect to pressure and temperature changes is made clearer 
by first considering the behavior of gases at conditions 
near standard conditions of pressure and temperature; that 
is: 

p = 14.7 psia = 101.325 kPa (SPE uses 100 kPa) 

T = 60°F = 520°R = 288.72°K (SPE uses 288°K). 

At these conditions the gas is said to behave ideally, 
and most of the early work with gases was conducted at 
conditions approaching these conditions. An ideal gas is 


defined as one in which: (1) the volume occupied by the 
molecules is small compared to the total gas volume; (2) 
all molecular collisions are elastic; and (3) there are no 
attractive or repulsive forces among the molecules. 

The basis for describing ideal gas behavior comes from 
the combination of some of the so-called gas laws pro¬ 
posed by early experimenters. 

Early Gas Laws 

Boyle's Law. Boyle observed experimentally that the 
volume of an ideal gas is inversely proportional to the 
pressure for a given weight or mass of gas when term 
perature is constant. This may be expressed as 

1 

Va- or pV = constant. 

P 

Charles’ Law. While working with gases at low pres¬ 
sures, Charles observed that the volume occupied by a 
fixed mass of gas is directly proportional to its absolute 
temperature, or 

V 

VaT or — = constant. 

T 

Avogadro’s Law. Avogadro’s Law states that under 
the same conditions of temperature and pressure, equal 
volumes of all ideal gases contain the same number of 
molecules. This is equivalent to the statement that at a 
given temperature and pressure one molecular weight of 
any ideal gas occupies the same volume as one molec¬ 
ular weight of another ideal gas. It has been shown that 
there are 2.73 x 10 26 molecules/lb-mole of ideal gas 
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and that one molecular weight in pounds of any ideal 
gas at 60°F and 14.7 psia occupies a volume of 379.4 
cu ft. One mole of a material is the quantity of that ma¬ 
terial whose mass, in the system of units selected, is nu¬ 
merically equal to the molecular weight. This means that 
one mole of any ideal gas, that is, 2.73 x 10 26 molecules 
of any gas, will occupy the same volume at a given pres¬ 
sure and temperature. 


or 

p,V, p 2 V 2 


Thus for a given quantity of gas, pV/T — a constant. 
The constant is designated with the symbol R when the 
quantity of gas is equal to one molecular weight. That 
is. 


The Ideal Gas Law 

The three gas laws described previously can be com¬ 
bined to express a relationship among pressure, volume, 
and temperature, called the ideal gas law. 

In order to combine Charles’ Law and Boyle’s Law 
to describe the behavior of an ideal gas when both tem¬ 
perature and pressure are changed, assume a given mass 
of gas whose volume is V] at pressure p i and temperature 
T u and imagine the following process through which the 
gas reaches volume V 2 at pressure p 2 and temperature 
T 2 : 

Step 1 

(V, at/7,, TO --- - > (V at p 2 , TO 

T x - constant 

(V at ft, TO - StCp2 > (V 3 at p 2 , TO. 

p 2 = constant 


pVu 

T 


= R 


where V M is the volume of one molecular weight of the 
gas at p and T. 

In order to show that R is the same for any gas, Avo- 
gadro’s Law is invoked. In symbolic form, this law states 

Vma ~ Vrn. 


where V m represents the volume of one molecular weight 
of gas A and V MB represents the volume of one molecular 
weight of gas B, both at pressure, p, and temperature, 
T. This implies that 




and 


In the first step the pressure is changed from a value 
of p x to a value of p 2 while temperature is held constant. 
This causes the volume to change from V, to V. In Step 
2, the pressure is maintained constant at a value of p 2 , 
and the temperature is changed from a value of T\ to a 
value of T 2 . 

The change in volume of the gas during the first step 
may be described through the use of Boyle’s Law since 
the quantity of gas and the temperature are held constant. 
Thus 


ftV, 

P\V\=p-iV or V =-, ( 2 -i) 

Pi 

where V represents the volume at pressure p 2 and tem¬ 
perature 7| ; Charles’ Law applies to the change in the 
volume of gas during the second step since the pressure 
and the quantity of gas are maintained constant; there¬ 
fore 


V _V 2 

r, ~ r 2 


or 



( 2 - 2 ) 


Elimination of volume, V, between Equations 2-1 and 
2-2 gives 


P\V\ V 2 T x 


PVMB 

T 


= Rb 


or 



where R A represents the gas constant for gas A and R B 
represents the gas constant for gas B. The combination 
of the above equations reveals that 


RJ^RbT 
P P 


R-A ~ Rb 


Thus, the constant R is the same for all ideal gases 
and is referred to as the universal gas constant. There¬ 
fore, the equation of state for one molecular weight of 
any ideal gas is 

pV M = RT. (2-4) 

For n moles of ideal gas this equation becomes 


pV = nRT, (2-5) 

1 

where V is the total volume of n moles of gas at tem¬ 
perature, T, and pressure, p. Since n is the mass of gas 
divided by the molecular weight, the equation can be 
written as -s 


m 

pV = — RT 
M 


Pi t 2 


or, since m/V is the gas density, 
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pM 



This expression is known by various names such as 
the ideal gas law, the general gas law, or the perfect gas 
law. This equation has limited practical value since no 
known gas behaves as an ideal gas; however, the equa¬ 
tion does describe the behavior of most real gases at low 
pressure and gives a basis for developing equations of 
state which more adequately describe the behavior of real 
gases at elevated pressures. 

The numerical value of the constant R depends on the 
units used to express temperature, pressure, and volume. 
As an example, suppose that pressure is expressed in 
psia, volume in cubic feet, temperature in degrees Ran¬ 
kin, and moles in pound moles. Avogadro’s Law states 
that 1 lb-mole of any ideal gas occupies 379.4 cu ft at 
60°F and 14.7 psia. Therefore, 

_ p v _ (14.7 psia)(379.4 cu ft) 

~ nT~ (1 lb-mole)(520°R) 

= 10.73 psia cu ft/lb-mole °R. 

Table 2-1 gives numerical values of R for various sys¬ 
tems of units. 


Example 2-1: 

Calculate the mass of methane gas contained at 1,000 
psia and 68°F in a cylinder with volume of 3.20 cu ft. 
Assume that methane is an ideal gas. 


Solution: 


m - 


pMV 

~RT 


(1000 psia) 16.0 


Ibm 


lb-mole 


(3.20 cu ft) 


m ■ 


psia cu ft \ 

10.73—-—r |(528°R) 


lb-mole°R 


m = 9.0 Ibm 


Example 2-2: 

Calculate the density of methane at standard condi¬ 
tions. 


Ps : 


pM 
'RT' 


. kg \ 

(101.325 kPa) 16- 2 — 

V kg-mole/ 


8.314 


kPa-m 3 


Vkg-mole-°K/ 


)(288.72°K) 


Ps = 


0.675 


= 0.0421 
m 


Ibm 

ft 3 


Units R 


atm, cc/g-mole, °K 82.06 

BTU/lb-mole, °R 1.987 

psia, cu ft /lb-mole, °R 10.73 

Ib/sq ft abs, cu ft/lb-mole, °R 1544 
atm, cu ft/lb-mole, °R 0.730 

mm Hg, liters/g-mole, °K 62.37 

in. Hg, cu ft/lb-mole, °R 21.85 

cal/g-mole, °K 1.987 

kPa, m 3 /kg-mole, °K 8.314 

J/kg-mole, °K 8314 


Ideal Gas Mixtures 

The previous treatment of the behavior of gases ap¬ 
plies only to single component gases. As the gas engi¬ 
neer rarely works with pure gases, the behavior of a multi- 
component mixture of gases must be treated. This re¬ 
quires the introduction of two additional ideal gas laws. 

Dalton's Law. Dalton’s Law states that each gas in a 
mixture of gases exerts a pressure equal to that which it 
would exert if it occupied the same volume as the total 
mixture. This pressure is called the partial pressure. The 
total pressure is the sum of the partial pressures. This 
law is valid only when the mixture and each component 
of the mixture obey the ideal gas law. It is sometimes 
called the Law of Additive Pressures. 

The partial pressure exerted by each component of the 
gas mixture can be calculated using the ideal gas law. 
Consider a mixture containing n A moles of component 
A, n B moles of component B and n c moles of component 
C. The partial pressure exerted by each component of 
the gas mixture may be determined with the ideal gas 
equation: 

RT RT RT 

Pa = n A —, p B = n B — , p c = n c — . 

According to Dalton’s Law, the total pressure is the 
sum of the partial pressures 

P =Pa+Pb + Pc 

RT RT RT 

p = n A -1- n B -f n c — 

F A V V V 

RT RT 
F V 1 V 

It follows that the ratio of the partial pressure of com¬ 
ponent j, pj, to the total pressure of the mixture p is 

P i= n L = ty 

p T<nj n 


(2-7) 
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where y) is defined as the mole fraction of the yth com¬ 
ponent in the gas mixture. Therefore, the partial pressure 
of a component of a gas mixture is the product of its 
mole fraction times the total pressure. 


Amagat’s Law. Amagat’s Law states that the total 
volume of a gaseous mixture is the sum of the volumes 
that each component would occupy at the given pressure 
and temperature. The volumes occupied by the individ¬ 
ual components are known as partial volumes. This law 
is correct only if the mixture and each of the components 
obey the ideal gas law. 

The partial volume occupied by each component of a 
gas mixture consisting of n A moles of component A, n B 
moles of component B, and so on, can be calculated us¬ 
ing the ideal gas law. 

RT RT RT 

V A = n A —, V B = n B —, V c -n c ... 
p P P 

Thus, according to Amagat, the total volume is 

V=V A + V B + V C + ... 


v = 

v = 


RT RT RT 

n A — + n B — + n c — + 
P P P 

RT RT 

— zrij - — n. 

P P 


It follows that the ratio of the partial volume of com¬ 
ponent j to the total volume of the mixture is 


Yi 

v 


RT 



RT n 


n — 




P 


( 2 - 8 ) 


This implies that for an ideal gas the volume fraction is 
equal to the mole fraction. 


Apparent Molecular Weight 

Since a gas mixture is composed of molecules of var¬ 
ious sizes, it is not strictly correct to say that a gas mix¬ 
ture has a molecular weight. However, a gas mixture 
behaves as if it were a pure gas with a definite molecular 
weight. This molecular weight is known as an apparent 
molecular weight and is defined as 

M a - 'ZyjMj. (2-9) 


Example 2-3: 

Dry air is a gas mixture consisting essentially of nitro¬ 
gen, oxygen, and small amounts of other gases. Com¬ 
pute the apparent molecular weight of air given its ap¬ 


proximate composition. The molecular weight of each 
component may be found in Table 2-2. 


Component 

Mole fraction, 

V 

Nitrogen 

0.78 

Oxygen 

0.21 

Argon 

0.01 


1.00 


Solution: 

M a = + y02^02 + YaMa 

M= JOZ8}(28.01) + (0.21 )(32.00) + (0.01 )(39.94) 

A vaiue~br293fis usually considered sufficiently accurate 
for engineering calculations. 

The specific gravity of a gas is defined as the ratio of 
the density of the gas to the density of dry air taken at 
standard conditions of temperature and pressure. Sym¬ 
bolically, 



Assuming that the behavior of both the gas and air 
may be represented by the ideal gas law, specific gravity 
may be given as 

M sP 

RT M g _ M g 
ll! “ M^P ~ M air 29’ 

RT 


where M air is the apparent molecular weight of air. If the 
gas is a mixture, this equation becomes 


M a _M a 
M air “ 29’ 


( 2 - 11 ) 


where M a is the apparent molecular weight of the gas 
mixture. 


Example 2-4: 

Calculate the gravity of a natural gas of the following 
composition. 


Component 

Mole fraction 

V 

Methane 

0.85 

Ethane 

0.09 

Propane 

0.04 

n-butane 

0.02 


1.00 
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TABLE 2-2 

PHYSICAL CONSTANTS OF HYDROCARBONS 


Critical constants 



Methane 
Ethane 
Propane 
n— Butane 
Isobutane 


n—Pentane 
Isopentane 
Neopentane 


n—Hexane 

2— Me thy I pentane 

3— Methy I pentane 
Neohexane 

2,3 — Dimethyl butone 


n— Heptane 

2— Methy I hexane 

3— Me thy Ihexane 
3— Ethyl pent one 

2.2— Di methy I pen tone 
2,4—Di methy I pentane 

3.3— D i methy l pentane 
T riptane 


n—Octane 
Diisobutyl 
I sooctane 
n—Nonane 
n—Decone 
Cyclopentane 
Methy Icy cl opentane 
Cyclohexane 
Methy I cyclohexane 


E thy lene 
Propene 
1-Butene 
Cis—2-Butene 
T ran s —2 — Butene 
Isobutene 
1 - Pentene 

1.2— Butadiene 

1.3- Butadiene 
Isopre - - 


Acetylene 
Benzene 
T oluene 
Ethylbenzene 
o—Xylene 
m —Xylene 
p_Xy lene 
Styrene 

Isopropylbenzene 


Methyl Alcohol 
Ethyl Alcohol . 
Carbon Monoxide 
Carbon Dioxide 
Hydrogen Sulfide 
Sulfur Dioxide 
Ammonia 
Air 

Hydrogen 

Oxygen 

N itrogen 

Chlorine 

Water 

Helium 

Hydrogen Chloride 


-116.63 

90.09 

206.01 

305.65 

274.98 


385.7 

369.10 

321.13 


453.7 

435.83 

448.3 

420.13 

440.29 


512.8 

495.00 

503.78 

513.48 

477.23 

475.95 

505.85 

496.44 


564.22 

530.44 

519.46 

610.68 

652.1 

461.5 
499.35 
536.7 
570.27 

48.58 

196.9 

295.6 
324.37 
311.86 
292.55 
376.93 
(339.) 
306. 
(412.) 


95.31 

552.22 

605.55 

651.24 

675.0 

651.02 

649.6 

706.0 

676.4 


462.97(21) 

469.58(21) 

-220.(17) 

87.9(23) 

212.7(17) 

315.5(17) 


270.3(24} 

-221.3(2) 

-399.8(17) 

-181.1(17) 

-232.4(24) 

291.(17) 

705.6(17) 


124.5(17) 


0.0991 

0.0788 

0.0737 

0.0702 

0.0724 


0.0675 

0.0679 

0.0674 


0.0688 

0.0681 

0.0681 

0.0667 

0.0665 


0.0691 

0.0673 

0.0646 

0.0665 

0.0665 

0.0668 

0.0662 

0.0636 


0.0690 

0.0676 

0.0656 

0.0684 

0.0679 

0.059 

0.0607 

0.0586 

0.0600 


0.0737 

0.0689 

0.0685 

0.0668 

0.0680 

0.0682 

0.0697 

(0.0649) 

0.0654 

(0.0650) 


0.0695 

0.0531 

0.0549 

0.0564 

0.0557 

0.0567 

0.0572 

0.0541 

0.0570 


0.0589(21) 

0.0580(21) 

0.0532(17) 

0.0342(23) 

0.0459(24) 

0.0306(24) 


0.0681(17) 

0.0517(3) 

0.5167(24) 

0.0382(24) 

0.0514(17) 

0.0281(17) 

0.0500(17) 

0.0208(17) 















































































































20 


Gas Production Operations 



Density of liquid; 60°F., 
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Cp 

BTU/lt 

Ideal 

gas 

>/°F. 

Liquid 

0.3 

0.3564 

0.5077 

0.5844 

0.5631 

2.5 

2.971 

4.233 

4.872 

4.695 

2.5 

2.962 

4.223 

4.865 

4.686 

6.4 

10.12 

10.42 

11.93 

12.38 

0.00152 

0.00117 

0.00119 

0.0104 

0.0986 

0.1524 

0.2010 

0.1848 

0.9981 

0.9916 

0.9820 

0.9667 

0.9696 

0.5539 

1.0382 

1.5225 

2.0068 

2.0068 

23.65 

12.62 

8.606 

6.529 

6.529 

59. 

37.5 

36.43 

31.81 

30.65 

0.5266 

0.4097 

0.3881 

0.3867 

0.3872 

0.9256 

0.5920 

0.5636 

0.5695 

1 

2 

3 

4 

5 

0.6310 

0.6247 

0.5967 

5.261 

5.208 

4.975 

5.251 

5.199 

4.965 

13.71 

13.85 

14.50 

0.00087 

0.00090 

0.00104 

0.2539 

0.2223 

0.1969 

0.9549 

0.9544 

0.9510 

2.4911 

2.4911 

2.4911 

5.260 

5.260 

5.260 

27.67 

27.39 

26.17 

0.3883 

0.3827 

(0.3866) 

0.5441 

0.5353 

0.554 

6 

7 

8 

0.6640 

0.6579 

0.6689 

0.6540 

0.6664 

5.536 

5.485 

5.577 

5.453 

5.556 

5.526 

5.475 

5.568 

S.443 

5.546 

15.57 

15.71 

15.45 

15.81 

15.51 

0.00075 

0.00078 

0.00075 

0.00078 

0.00075 

0.3007 

0.2825 

0.2741 

0.2369 

0.2495 

— 

2.9753 

2.9753 

2.9753 

2.9753 

2.9753 

4.404 

4.404 

4.404 

4.404 

4.404 

24.38 

24.15 

24.56 

24.01 

24.47 

0.3864 

0.3872 

0.3815 

0.3809 

0.378 

0.5332 

0.5264 

0.507 

0.5165 

0.5127 

9 

10 

11 

12 

13 

0.6882 

0.6830 

0.6917 

0.7028 

0.6782 

0.6773 

0.6976 

0.6946 

5.738 

5.694 

5.767 

5.859 

5.654 

5.647 

5.816 

5.791 

5.728 

5.685 

5.757 

5.850 

5.645 

5.637 

5.807 

5.782 

17.46 

17.60 

17.38 

17.10 

17.72 

17.75 

17.23 

17.30 

0.00069 

0.00068 

0.00069 

0.00070 

0.00072 

0.00072 

0.00065 

0.00069 

0.3498 

0.3336 

0.3257 

0.3095 

0.2998 

0.3048 

0.2840 

0.2568 

— 

3.4596 

3.4596 

3.4596 

3.4596 

3.4596 

3.4596 

3-4596 

3.4596 

3.787 

3.787 

3.787 

3.787 

3.787 

3.787 

3.787 

3.787 

21.73 

21.57 

21.84 

22.19 

21.41 

21.39 

22.03 

21.93 

0.3875 

(0.390) 

(0.390) 

(0.390) 

(0.395) 

0.3906 

(0.395) 

0-3812 

0.5283 

0.5223 

0.511 

0.5145 

0.5171 

0.5247 

0.502 

0.4995 

14 

15 

16 

17 

18 

19 

20 

21 

0.7068 

0.6979 

0.6962 

0.7217 

0.7342 

0.7504 

0.7536 

0.7834 

0.7740 

5.893 

5.819 

5.804 

6.017 

6.121 

6.256 

6.283 

6.531 

6.453 

5.883 

5.810 

5.795 

6.008 

6.112 

6.247 

6.274 

6.522 

6.444 

19.39 
19.63 
19.68 

21.32 

23.24 

11.21 

13.40 

12.89 

15.22 

0.00062 

0.00065 

0.00065 

0.00063 

0.00055 

0.00070 

0.00071 

0.00068 

0.00063 

0.4018 

0.3596 

0.3041 

0.4455 

0.4885 

0.1955 

0.2306 

0.2133 

0.2567 

0.9657 

3.9439 

3.9439 

3.9439 

4.4282 

4.9125 

2.4215 

2.9057 

2.9057 

3.3900 

3.322 

3.322 

3.322 

2.959 

2.667 

5.411 

4.509 

4.509 

3.865 

19.58 

19.33 
19.28 

17.80 

16.33 

33.85 

28.33 

29.45 

24.94 

(0 3876) 
(0.373) 

0.3758 

0.3840 . 

0.3835 

0.2712 

0.3010 

0.2900 

0.3170 

0.5239 

0.5114 

0.4892 

0.5228 

0.5208 

0.4216 

0.4407 

0.4332 

0.4397 

22 

23 

24 

25 

26 

27 

28 

29 

30 

0.5220 

0.6013 

0.6271 

0.6100 

0.6004 

0.6457 

0.658 h 

0.6272 

0.6861 

4.352 

5.013 

5.228 
5.086 
5.006 
5.383 

5.486 

5.229 
5.720 

4.343 

5.004 

5.219 
5.076 
4.996 
5.374 

5.470 

5.220 
5.711 

9.67 

11.19 

10.73 

11.03 

11.21 

13.03 

9.86 

10.34 

11.91 

0.00189 

0.00116 

0.00098 

0.00107 

0.00120 

0.00089 

0.00098 

0.00113 

0.00086 

0.0868 

0.1405 

0.1906 

0.1953 

0.2220 

0.1951 

0.2925 

0.2485 

0.1955 

0.2323 

0.9938 

0.9844 

0.9704 

0.9661 

0.9662 

0.9689 

0.9550 

(0.969) 

(0.965) 

(0.962) 

0.9686 

1.4529 

1.9372 

1.9372 

1.9372 

1.9372 

2.4215 

1.8676 
1.8676 
2.3519 

13.53 

9.018 

6.764 

6.764 

6.764 

6.764 

5.411 

7.016 

7.016 

5.571 

39.25 

33.91 

35.36 

34.40 

33.86 
29.13 

38.49 

36.69 

31.87 

0.3622 

0.3541 

0.3548 

0.3269 

0.3654 

0.3701 

0.3635 

0.3458 

0.3412 

0.357 

0.585 

0.535 

0.5271 

0.5351 

0.549 

0.5196 

0.5408 
0.5079 
. 0.5192 

31 

32 

33 

34 

35 

36 

37 

38 

39 

40 

0.615 

0.8844 

0.8718 

0.8718 

0.8848 

0.8687 

0.8657 

0.9110 

0.8663 

7.373 

7.268 

7.268 

7.377 

7.243 

7.218 

7.595 

7.223 

7.365 

7,260 

7.259 

7.367 

7.234 

7.209 

7.586 

7.214 

10.59 

12.68 

14.61 

14.39 

14.66 

14.71 

13.71 
16.64 

0.00066 

0.00060 

0.00054 

0.00055 

0.00054 

0.00054 

0.00057 

0.00054 

0.1803 

0.2125 

0.2596 

0.3169 

0.3023 

0.3278 

0.3138 

0.2862 

0.9925 

0.929(15) 

0.903(21) 

0.8990 

2.6969 

3.1812 

3.6655 

3.6655 

3.6655 

3.6655 

3.5959 

4.1498 

14.57 

4.858 

4.119 

3.574 

3.574 

3.574 

3.574 

3.644 

3-157 

35.82 

29.94 

25.98 

26.37 

25.89 

25.80 
27.67 

22.80 

0.3966 

0.2429 

0.2598 

0.2795 

0.2914 

0.2782 

0.2769 

0.2711 

0.2917 

0.4098 

0.4012 

0.4114 

0.4418 

0.4045 

0.4083 

0.4122 

(0.414) 

41 

42 

43 

44 

45 

46 

47 

48 

49 

0.796(3) 
0.794(3) 
0.801 (8) 
0.827 (6) 
0.79 (6) 

1 V)7 {I/O 

6.64 

6.62 

6.68 

6.89 

6.59 

11.65 

6.63 

6.61 

6.67 

6.88 

6.58 

11.64 

4-83 

6.96 

4.19 

6.38 

5.17 

5.50 

— 

0.041 

0.225 

0.100 

0.246 

0.9995(15) 

0.9943(15) 

0.9903(15) 

1.1063 

1.5906 

0.9671 

1.5195 

1.1765 

2.2117 

11.84 

8.237 

13.55 

8.623 

11.14 

5.924 

78.6 

54.5 

59.5 
73.3 

69.0 

0.3231 (24) 
0.3323 (24) 
0.2484(13) 
0.1991(13) 
0.238(4) 

0.145(7) 

0.594(7) 

0.562(7) 

0.325 (7) 

50 

51 

52 

53 

54 

0.6173(11) 
0.856 (8) 
0.07 (3) 
1.14 (3) 
0.808 (3) 
1.414(14) 
1.000 

0.8558(14) 

5.15 

7.14 

9.50 

6.74 

11.79 

8.337 

7.135 

5.14 

7.13 

9.49 

6.73 

11.78 

8.328 

7.126 

3.31 

4.06 

3.37 

4.16 
6.01 

2.16 

5.11 

0.00335 

0.255 

0.000 

0.0213 

0.040 

0.348 

0.9996(15) 

1.0006(15) 

0.9997(15) 

0.5880 

1.0000 

0.0696 

1.1048 

0.9672 

2.4481 

0.6220 

1.2588 

22-28 

13.10 

188.2 

11.86 

13.55 

5.352 

21.06 

10.41 

114.7 

63.1 

175.6 

74.3 

0.5002(10) 

0.2400(9) 

3.408(13) 

0.2188(13) 

0.2482(13) 

0.119(7) 

0.4446(13) 

0.190(7) 

1.114 (7) 

1.0009(7) 

56 

57 

58 

59 

60 

61 

62 

63 

64 
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No. 

Compound 

Co 

ortfic value, 60°F- 

* 

Heat of vaporization, 

14.696 psia at boiling 
point, BTU/lb 

J? 

u o' 
a x 

J: «j 

ft, -o 

on .£ 

ll 

o 

CO 

■o 

Air required for 
cu ft/cu ft combustion 

ideal gas 

Flammability 
limits, vol 
% in 

air mixture 

ASTM 

octane 

number 

Net 

Gross 

o 

cs 

o 

o o 

3 Dl (N 
u_ 

\ o o 

D * ~ 

f-2 s. 

£fl 

BTU/cu ft, 

Ideal gas, 14.696 
ps ia 

BTU/lb 

liquid 

(wt in vacuum) 

BTU/gal 

liquid 

Lower 

Higher 

Motor method 

0-357 

Research 

method 

D-908 


Methane 

909.1 

1009.7 

— 

— 

219.22 

— 

9.54 

5.0 

15.0 

-• 

— 

2 

Ethane 

1617.8 

1768.8 

— 

— 

210.41 

— 

16.70 

2.9 

13.0 

+.05 

+1.6 

3 

Propane 

2316.1 

2517.4 

21513 

91065 

183.05 

— 

23.86 

2.1 

9.5 

97.1 

+1.8 

4 

n—Butane 

3010.4 

3262.1 

21139 

102989 

165.65 

1.3326 

31.02 

1.8 

8.4 

89.6 

93.8 

5 

1 sobutane 

3001.1 

3252.7 

21091 

99022 

157.53 

— 

31.02 

1.8 

8.4 

97.6 

+.10 

6 

n— Pentane 

3707.5 

4009.5 

20928 

110102 

153.59 

1.35748 

38.18 

1.4 

8.3 

62.6 

61.7 

7 

Isopentane 

3698.3 

4000.3 

20889 

108790 

147.13 

1.35373 

38.18 

1.4 

(8.3) 

90.3 

92.3 

e 

Neopentone 

3682.6 

3984.6 

20824 

103599 

135.58 

1.342 

38.18 

1.4 

(8.3) 

80.2 

85.5 

9 

n—Hexane 

4403.7 

4756.1 

20784 

115060 

143.95 

1.37486 

45.34 

1.2 

7.7 

26.0 

24.8 

10 

2—Me thy 1 pentane 

4395.8 

4748.1 

20757 

113852 

138.67 

1.37145 

45.34 

1.2 

(7.7) 

73.5 

73.4 

11 

3—Methyl pentane 

4398.7 

4751.0 

20768 

115823 

140.09 

1.37652 

45.34 

(1.2) 

(7.7) 

74.3 

74.5 

12 

Neohexane 

4382.6 

4735.0 

20710 

112932 

131.24 

1.36876 

45.34 

1.2 

(7.7) 

93.4 

91.8 

13 

2,3—D imethy lb u tone 

4391.7 

4744.0 

20742 

115243 

136.08 

1.37495 

45.34 

(1.2) 

(7.7) 

94.3 

+0.3 

14 

n—Heptane 

5100.2 

5502.9 

20681 

118668 

136.01 

1.38764 

52.50 

1.0 

7.0 

0.0 

0.0 

15 

2—Methy Ihexane 

5092.1 

5494.8 

20658 

117627 

131.59 

1.38485 

52.50 

(1.0) 

(7.0) 

46.4 

42.4 

16 

3—Methy Ihexane 

5095.2 

5497.8 

20668 

119192 

132.11 

1.38864 

52.50 

(1.0) 

(7.0) 

55.8 

52.0 

17 

3— Ethylpentane 

5098.2 

5500.9 

20679 

121158 

132.83 

1.39339 

52.50 

(1.0) 

(7.0) 

69.3 

65.0 

18 

2,2—Dime thy i pentane 

5079.4 

5482.1 

20620 

116585 

125.13 

1.38215 

52.50 

(1.0) 

(7.0) 

95.6 

92.8 

19 

2,4 —D imethy 1 pentane 

5084.3 

5487.0 

20636 

116531 

126.58 

1.38145 

52.50 

(1.0) 

(7.0) 

83.8 

83.1 

20 

3,3—Dime thy Iperi tone 

5085.0 

5487.6 

20638 

120031 

127.21 

1.39092 

52.50 

(1.0) 

(7.0) 

86.6 

80.8 

21 

Triptone 

5081.0 

5483.6 

20627 

119451 

124.21 

1.38944 

52.50 

(1.0) 

(7.0) 

+0.1 

+1.8 

22 

'n—Octane 

5796.7 

6249.7 

20604 

121419 

129.53 

1.39743 

59.65 

0.96 

— 

— 

— 

23 

Di isobuty! 

5781.3 

6234.3 

20564 

119662 

122.8 

1.39246 

59.65 

(0.98) 

— 

55.7 

55.2 

24 

1sooctane 

5779.8 

6232.8 

20570 

119388 

116.71 

1.39145 

59.65 

1.0 

— 

100. 

100. 

25 

n-Nonane 

6493.3 

6996.6 

20544 

123613 

123.76 

1.40542 

66.81 

0.87 

29 

— 

— 

26 

n—Decane 

7188.6 

7742.3 

20494 

125444 

118.68 

1.41189 

73.97 

0.78 

2.6 

— 

— 

27 

Cyc lopentane 

3512.0 

3763.7 

20188 

126296 

167.34 

1.40645 

35.79 

(1.4) 

— 

84.9 

+0 1 

28 

Methy 1 cyclopentane 

4198.4 

4500.4 

20130 

126477 

147.83 

1.40970 

42.95 

(1.2) 

8.35 

80.0 

91.3 

29 

Cyclohexane 

4178.8 

4480.8 

20035 

130849 

153.0 

1.42623 

42.95 

1.3 

7.8 

77.2 

83.0 

30 

Methyl cyclohexane 

4862.8 

5215.2 

20001 

12906* 

136.3 

1.42312 

50.11 

1.2 

— 

71,1 

74.8 

31 

Ethy lene 

1499.0 

1599.7 

— 

— 

207.57 

_ 

14,32 

2.7 

34.0 

75.6 

+.03 

32 

Propene 

2182.7 

2333.7 

— 

— 

188.18 

— 

21.48 

2.0 

10.0 

84.9 

+0.2< 

33 

1 - Butene 

2879.4 

3080.7 

20678 

103659 

167.94 

— 

28.63 

1.6 

9.3 

80.8 

97.4 

34 

Cis-2—Butene 

2871.7 

3073.1 

20611 

107754 

178.91 

— 

28.63 

(1.6) 

— 

83.5 

100. 

35 

T rans-2-Butene 

2866.8 

3068.2 

20584 

104690 

174.39 

— 

28.63 

(1.6) 

— 

— 

— 

36 

Isobutene 

2860.4 

3061.8 

20548 

102863 

169.48 

— 

28.63 

(1.6) 

— 

— 

— 

37 

1 — Pentene 

3575.2 

3826.9 

20548 

110610 

154.46 

1.37148 

35.79 

1.4 

8.7 

77.1 

90.9 

38 

1,2—Butadiene 

2789.0 

2940.0 

20447 

112172 

(181.) 

_ 

26.25 

(2.0) 

(12.) 

__ 

_ 

39 

1,3—Butadiene 

2730.0 

2881.0 

20047 

104826 

(174.) 

— 

26.25 

2.0 

11.5 

— 

_ 

40 

Isoprene 

3410.8 

3612.1 

19964 

114194 

(153.) 

1.42194 

33.41 

(1.5) 

— 

81.0 

99.1 

41 

Acetylene 

1422.4 

1472.8 

— 

— 

— 

— 

11.93 

2.5 

80. 

— 

— 

42 

Benzene 

3590.7 

3741.7 

17992 

132655 

169.31 

1.50112 

35.79 

1.3 

7.9 

+2.8 

— 

43 

T oluene 

4273.3 

4474.7 

18252 

132656 

154.84 

1.49693 

42.95 

1.2 

7.1 

+0.3 

+5.8 

44 1 

E thyIbenzene 

4970.0 

5221.7 

18494 

134414 

144.0 

1.49588 

50.11 

0.99 

6.7 

97.9 

+0.8 

45 

o— Xylene 

4958.3 

5210.0 

18445 

136069 

149.1 

1.50545 

50.11 

1.1 

6.4 

100. 

— 

46 

m — Xylene 

4956.8 

5208.5 

18441 

133568 

147.2 

1.49722 

50.11 

1.1 

6.4 

+2.8 

44.0 

47 

p— Xy lene 

4956.9 

5208.5 

18445 

133136 

144.52 

1.49582 

50.1 1 

1.1 

6.6 

+1.2 

+3.4 

48 

Styrene 

4828.7 

5030.0 

18150 

137849 

(151.) 

1.54682 

47.72 

1.1 

6.1 

+0.2 

>+3. 

49 

Isopropylbenzene 

5661-4 

5963.4 

18665 

134817 

134.3 

1.49145 

57.27 

0.88 

6.5 

99.3 

+2.1 

50 

Methyl Alcohol 

— 

— 

9760 

64771 

473.(2) 

1.3288(8) 

7.16 

6.72(5) 

36.50 

— 

— 

51 

Ethyl Alcohol 

— 

— 

12780 

84600 

367.(2) 

1.3614(8) 

14.32 

3.28(5) 

18.95 

— 

— 

52 

Carbon Monoxide 

— 

321.(13) 

— 

— 

92.7(14) 

— 

2.39 

12.50(5) 

74.20 

— 

— 

53 

Carbon Dioxide 

— 

— 

— 

— 

238.2 (14) 

— 

— 

— 

— 

—_ 

—__ 

54 

Hydrogen Sulfide 

588.(16) 

637.(16) 

— 

— 

235.T>{7) 

— 

7.16 

4.30(5) 

45.50 

_ 

_ 

55 

Sulfur Dioxide 

— 

— 

— 

— 

166.7(14) 

-- 

— 

-- 

— 

— 

— 

56 

Ammonia 

359.06) 

434.(16) 

— 

— 

587.2(14) 

_ 

3.58 

15.50(5) 

27.00 

_ 

_ 

57 

Air 

— 

— 

— 

— 

92.(3) 

_ 

_ 

_ 

_ 

_ 

_ 

58 

Hydrogen 

274.03) 

324.(13) 

— 

-- 

193.9(14) 

— 

2.39 

4.00(5) 

74.20 

_ 

_ 

59 

Oxygen 

— 

— 

-- 

— 

91.6(14) 

— 

— 

— 

—_ 

— 

— 

60 

N itrogen 

~— 

—_. 

— 

— 

87.8(14) 

— 

— 

— 

— 

— 

— 

61 

Chlorine 

— 

— 

— 

— 

123.8(14) 

—- 

— 

— 

— 

— 

— 

62 

Water 

— 

— 

— 

— 

970.3(12) 

1.3330(8) 

— 

— 

- - 

— 

— 

63 

Helium 

— 

— 

— 

-- 

— 

— 

— 

— 

— 

— 

— 

64 

Hydrogen Chloride 

— 

— 

— 

— 

185.5(14) 

— 

— 

— 

— 

— 

— 


Courtesy Gas Processors Suppliers Association 
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Solution: 


Component 

Mole 

fraction, 

y.i 

Molecular 

weight, 

M s 

vM 

c, 

0.85 

16.0 

13.60 


0.09 

30.1 

2.71 

C3 

0.04 

44.1 

1.76 

n- C 4 

0.02 

58.1 

1.16 


1.00 


19.23 = M a 



19.23 

29 


= 0.66 


REAL GASES 

Several assumptions were made in formulating the 
equation of state for ideal gases. Since these assumptions 
are not correct for gases at pressures and temperatures 
that deviate from ideal or standard conditions, correc¬ 
tions must be made to account for the deviation from 
ideal behavior. The most widely used correction method 
in the petroleum industry is the gas compressibility fac¬ 
tor, more commonly called the Z-factor. It is defined as 
the ratio of the actual volume occupied by a mass of gas 
at some pressure and temperature to the volume the gas 
would occupy if it behaved ideally. That is, 


Therefore, the equation of state for any gas becomes 

pV — ZnRT 2 , ( 2 - 12 ) 

where, for an ideal gas, 2=1.. 

The compressibility factor varies with changes in gas 
composition, temperature, and pressure. It must be de¬ 
termined experimentally. The results of experimental de¬ 
terminations of compressibility factors are normally given 
graphically and usually take the form shown in Figure 
2-1. The shape of the curve is consistent with present 
knowledge of the behavior of gases; at very low pressure 
the molecules are relatively far apart and the conditions 
of ideal gas behavior are more likely to be met. At low 
pressure the compressibility factor approaches a value of 
1.0, which would indicate that ideal gas behavior does 
in fact occur. Compressibility factors for several hydro¬ 
carbon gases are given in Figures 2-2, 2-3, and 2-4. 


Example 2-5: 

Calculate the mass of methane gas contained at 1,000 
psia and 68°F in a cylinder with volume of 3.20 cu ft. 


Solution: 


m = 


pMV 

ZRT 


_ ^actual _ ,, \ j 

2- ~ OF ^actual = * ideal* 

"ideal 

The equation of state is 

.. T actual 

P Fideai = nRT or p —j~~ = nRT. 


Z = 0.89 (from Fig. 2-2) 


m - 


(1,000 psia) 


f 16.0 


lb 




lb-mole. 


(0.89) 10.73 


psia cu ft 
lb-mole°R 


(3.2 cu ft) 


(528°R) 



Fig. 2-1. Typical plot of the compressibility factor as a 
function of pressure at constant temperature. Courtesy Gas 
Processors Suppliers Association. 


m = 10.2 lb 

If ideal behavior had been assumed, the mass calcu¬ 
lated would have been m = 10.2 (.89) = 9.08 Ibm. 

Real Gas Mixtures 

Compressibility factor charts are available for most of 
the single component light hydrocarbon gases, but in 
practice a single component gas is rarely encountered. 
In order to get Z-factors for natural gas mixtures, the law 
of corresponding states is used. This law states that the 
ratio of the value of any intensive property to the value 
of that property at the critical state is related to the ratios 
of the prevailing absolute temperature and pressure to 
the critical temperature and pressure by the same func¬ 
tion for all similar substances. This means that all pure 
gases have the same Z-factor at the same values of re¬ 
duced pressure and temperature, where the reduced val¬ 
ues are defined as 
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I 



The critical properties, from Table 2-2, are T c = 550°R, 
p c = 708 psia, M = 30.1 Ibm/lb-mole. 


where T c and p c are the critical temperature and pressure 
for the gas, respectively. The values must be in absolute 
units. 


Example 2-6: 

Calculate the density of ethane at 900 psia and 110°F. 


Solution 


T (110 + 460) 

T r = ~ = - --= 1.C 

r. ftftn 


p 900 



Fig. 2-2. Compressibility factors for methane. Courtesy Gas Processors Suppliers Association. 
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Fig. 2-3. Compressibility factors for ethane. Courtesy Gas Processors Suppliers Association. 


Assuming ideal behavior, the value calculated would 
be p = 13.03 (.34) = 4.43 lbm/ft 3 . 

It has been shown that the Law of Corresponding States 
works better for gases of similar molecular characteris¬ 
tics. This is fortunate since most of the gases that the 
petroleum engineer deals with are composed of mole¬ 
cules of the same class of organic compounds known as 
paraffin hydrocarbons. The law of corresponding states 
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o t-1-1-1_i 

0 500 1,000 1,500 

Pressure, psia 


Fig. 2-4. Compressibility factors for propane. Courtesy Gas Processors Suppliers Association.- 

temperatures and critical pressures are used for pure gases. 
It must be understood, however, that these pseudocriti- 
cal properties were devised simply for use in correlating 
compressibility factors and in no way relate to the actual 
critical properties of the gas mixture. 


Example 2-7: 

Calculate the pseudocritical temperature and pseudo- 
critical pressure of the following natural gas mixture. 
Use the critical constants given in Table 2-2. 


has been extended to cover mixtures of gases that are 
closely related chemically. Since it is somewhat difficult 
to obtain the critical point for multicomponent mixtures, 
the quantities of pseudocritical temperature and pseu¬ 
docritical pressure have been conceived. These quan¬ 
tities are defined as 

Tpc = ZyjT cj and p pc = Xyjp cj . (2-i3) 

These pseudocritical quantities are used for mixtures 
of gases in exactly the same manner as the actual critical 
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Solution: 


Component 

Mole 

fraction 

y> 

Critical 

temperature, 

°R. 

Tci 

yi T a 

Critical 

pressure, 

psia 

Pq 

YiPcj 

Cl 

0.85 

343.1 

291.6 

667.8 

567.6 

c 2 

0.09 

549.8 

49.5 

707.8 

63.7 

•C 3 

0.04 

665.7 

26.6 

616.3 

24.7 

n- C4 

0.02 

765.3 

15.3 

550.7 

11.0 


1.00 

Tpc 

= 383.0 S R 

Ppc 

= 667.0 psia 


Tpc = 383°R p pc = 667 psia 

The compressibility factors for natural gases have been 
correlated using pseudocritical properties and are pre¬ 
sented in Figures 2-6, 2-7, and 2-8. Compressibility fac¬ 
tors are a function of composition as well as temperature 
and pressure. It has been pointed out that the compo¬ 
nents of most natural gases are hydrocarbons of the same 
family, and therefore a correlation of this type is pos¬ 
sible. 



{ 

i 

i 


f 

















Fig. 2-6. Compressibility factors for natural gases. Courtesy Gas Processors Suppliers Association. 


Example 2-8: 

Calculate the volume occupied by 1 lb-mole of the nat¬ 
ural gas given in Example 2-7 at 120°F and 1,500 psia. 


Solution: 


T 580°R 

T or =— = -= 1.51 

p T pc 383°R 


p 1,500 psia 
Pnr — '. 2.25 

Ppo 667 psia 


Z = 0.813 (from Fig. 2-6) 


Compressibility foctor 
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Fig. 2-7. Generalized plot of compressibility factors at low reduced pressures. Courtesy Gas Processors Suppliers As¬ 
sociation. 


I psia cu ft \ 

(0.813)(1 lb-mole) 10.73-- (580°R.) 

\ lb-mole°R/ 

U =--- : - 

1,500 psia 

V/ = 3.37 cu ft 

A computer subroutine for calculating Z-factor is given 
in the Appendix. This subroutine reproduces Figure 2- 
6 . 

In some cases the composition of a gas will be given 
in weight or mass percent rather than mole percent. In 


this event, the composition must be first converted to 
mole fraction or percent before the mixture properties 
can be calculated. The following example illustrates this 
conversion. 


Example 2-9: 

A gas mixture consists of 50% C,, 30% C 2 , and 20% 
C 3 by weight. Calculate the apparent molecular weight 
and specific gravity of this mixture. 
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Fig. 2-8. Compressibility factors for gases near atmo¬ 
spheric pressure. Courtesy Gas Processors Suppliers As¬ 
sociation. 


Solution: 

Assume 100 Ibm of gas as a basis. 


Component 

Mass, m, 
Ibm 

Mj Ibm/ 
lb-mole 

q, 

lb-mole 

y.i 

yM 

c, 

50 

16 

3.13 

0.68 

10.9 

c 2 

30 

30 

1.00 

0.22 

6.6 

c 3 

20 

44 

0.45 

0.10 

4.4 


100 


n = 4.58 

1.00 

21.9 


fraction basis, taking into account the deviation from ideal 
behavior. The following example illustrates this proce¬ 
dure. 


Example 2-10: 

A gas has the following composition measured at 2,500 
psia and 300°F. Calculate the composition in mole frac¬ 
tion. The volume percents at these conditions are: C t 
= 67%, C* = 30%, C 3 = 1%, C0 2 = 2%. 


Solution: 

To convert from volume to moles, assume 100 ft 3 as 
a basis. Then use 


n = 


pV 2500V 
ZRT~ 10.73 (760) Z 


0.3062 V/Z 


Com¬ 

po¬ 

nent 

K 

ft 3 

Tr 

Pr 

1 

Z 

V/Z 

VA 

V- 

n J 

y = 

n,/n 

c, 

67 

2.20 

3.72 

0.963 

69.6 ' 

21.30 

.595 

C 2 

30 

1.40 

3.53 

0.708 

42.5 

13.00 

.363 

c 3 

1 

1.14 

4.06 

0.585 

1.8 

0.55 

.015 

co 2 

2 

1.30 

2.32 

0.658 

3.2 

0.48 

.027 


100 




n 

= 38.83 

1.000 


In most cases the composition of a natural gas will be 
known and the apparent molecular weight and critical 
properties can be calculated as previously described. Oc¬ 
casionally, however, only the gas gravity will be known. 
Also, it is very easy to measure the gas gravity in the 
field. If the composition is unknown, or if accuracy re¬ 
quirements do not justify the longer calculations. Figure 
2-9 can be used to estimate the pseudocritical properties. 
The properties can also be calculated using the following 
equations. 

T pc — 170.5 + 307.3 y g (2-i4) 

p pc = 709.6 - 58.7 y s (2-15) 

For condensate fluids: 

T pc = 187 + 330 y ? -71.5 V 


m, 50 Ibm 

n, = — , for V n, =---= 3.13 lb-mole 

Mi Ibm 

‘ 16- 

lb-mole 


M a = lyMj = 21.9 


Ibm 

lb-mole 


Tg = 


Ma 

29 


0.76 


Ppc = 706 - 51.7 y, - 11.1 y/ 


Example 2-11: 

Using the empirical correlation (Fig. 2-9) for critical 
properties, calculate T pc and p pc for the gas in Example 
2-4. Compare these values with those obtained using 
the composition (Example 2-7). 


If the volume fraction is given at conditions other than 
standard, the volume fraction must be converted to a mole 


Solution: 

Tpc = 170.5 + 307.3 y g = 170.5 + 307.3 (0.66) 
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ZT bbls 

B„ = 0.00504- ( 2 - 17 ) 

* p scf 

For the constants given above, pressure is in psia and 
temperature is in °R. For the SI system (p = kPa, T = 
°K) 


Z 7(101.325) ZT 

---= 0.351 — 

(1) (288.72 )P p 


( 2 - 18 ) 


Example 2-12: 

Calculate the formation volume factor for a natural gas 
having a gravity of 0.7 at a temperature of 93°C and 
an absolute pressure of 10343 kPa. 


Solution: 

Tpc = 170.5 + 307.3(.7) = 385.6°R = 214 K 


Fig. 2-9. Pseudocritical properties of natural gases. Cour¬ 
tesy Gas Processors Suppliers Association. 

= 373°R 

Ppc = 709.6 - 58.7 y g = 709.6 - 58.7 (0.66) 

= 671 psia 

The values from Example 2-7 were 383°R and 667 psia. 


Ppc = 709.6 - 58.7(.7) = 668.5 psia = 4609 kPa 



10343 

4609 


2.24 


From Figure 2-6, Z = .88 


T r = 


(93 + 273) 
214 


1.71 


0.351 (,88)(366) 
10343 


0.0109 


vol 

std vol 


GAS FORMATION VOLUME FACTOR 

In most operations involving gas production the flow 
rates and quantities produced are measured at standard 
conditions such as scf/day or scf. Reservoir engineering 
and pipeline flow calculations require the volumes at in 
situ conditions of pressure and temperature, and there¬ 
fore a convenient conversion factor from standard con¬ 
ditions to in situ conditions is needed. This conversion 
factor is called the gas formation volume factor and is 
defined as the actual volume occupied by the gas at some 
pressure and temperature divided by the volume that the 
gas would occupy at standard conditions. That is, 


CORRECTION FOR NONHYDROCARBON IMPURITIES 

Natural gases frequently contain materials other than 
hydrocarbons, such as nitrogen (N 2 ), carbon dioxide 
(C0 2 ), and hydrogen sulfide (H 2 S). The presence of these 
impurities affects the value obtained from the Z-factor 
chart. 

A procedure for adjusting the critical properties of the 
gas was proposed by Wichert and Aziz 2 in 1970. The 
adjusted critical properties are then used in calculating 
the reduced properties, and the Z-factor is then obtained 
from Figure 2-6. 

The procedure for obtaining the Z-factor for sour gases 
is: 


ZnRT 


B s = 


Vr.r 


Z T p sc vol 


v sc z sc n R T sc z sc T sc p std vol 

Psc 

Using T sc = 520°R, p sc = 14.7 psia and Z sc = 1, gives 




ZT( 14.7) 
(1) (520)p 


0.0283 


ZT vol 


ft 3 


— ——-, e.g. — ( 2 - 16 ) 

p std vol scf 


It is sometimes convenient to express B g in barrels of 
volume, or 


1. Determine p pc and T pc for the gas using the gas com¬ 
position or Figure 2-9 and 

2. Calculate the adjusted critical properties. 

T' = T - e 

■* pc pc > 

n 'T' 

t _ Ppc pc 

Ppc ~ T pc + e(B — B 2 ) 

where 

e - 120 (A 0 ' 9 - A 1 ' 6 ) + 15 (B 0 5 - B 4 ) 

B = mole fraction H 2 S, 
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A = mole fraction C0 2 + B 


€ = correction factor, °F 


3. Calculate, the reduced properties using the corrected 
critical properties. 


T r = 




4. 


Find Z from Figure 2-6 or using the correlation given 
in the Appendix. —~—~ 


Example 2-13: 

A gas containing 2.87% C0 2 and 23.27% H 2 S has a 
critical pressure of 822 psia and a critical temperature 
of 465°R. Find the gas compressibility factor, Z, for p 
= 1000 psia, T= 100°F. 


Solution: 

B = 0.2327 A = 0.0287 + 0.2327 = 0.2614 
e = 120 [(0.2614) 0 ' 9 - (0.2614) 1 ' 6 ] + 15 [(0.2327) 05 
- (0.2327) 4 ] 
e = 29.0°F 


T' = T 

•pc 1 pc 


Ppc 


- e = 465 - 29 = 436°R 
Ppc T'pe (822) (436) 


Tpc + e(B - S 2 ) 465 + 29 (0.2327 - 0.0541) 

= 762 psia 

1000 


T 560 

T r =— =-=1.28 

T' pc 436 

From Figure 2-6, Z = 0.78. 


762 


= 1.31 


OTHER EQUATIONS OF STATE 

One of the limitations in the use of the compressibility 
equation to describe the behavior of gases is that the 


compressibility factor is not constant, and therefore 
mathematical manipulations cannot be made directly but 
must be accomplished through graphical or numerical 
techniques. Most of the other commonly used equations 
of state were devised so that the correction factors, which 
correct the ideal gas law for nonideality, may be as¬ 
sumed constant, thus permitting the equations to be used 
in mathematical calculations involving differentiation or 
integration. 

Many equations of state have been proposed for de¬ 
scribing gas behavior and many modifications and im¬ 
provements have been made. Only two of the most com¬ 
monly used equations will be described. These will be 
used later in the calculation of phase behavior. 


Benedict-Webb-Rubin Equation (BWR) 

An earlier equation presented by Beattie and Bridgeman 3 
was modified and resulted in an equation with eight em¬ 
pirical constants. 


RT ( B 0 RT - A 0 - CJT 2 ) (bRT - a) 
P = — +---+ 


V, 


M 


vJ 


v M 


aa. c 

V M 6 t 2 v m 3 


1 + — 2 EXP 

Vm / \y m 


Vm 

7 


V) 2 


(2-19) 


The parameters B ot A 0 , C a , a, b, c, a, and y are con¬ 
stants for pure compounds and are functions of com¬ 
position for mixtures. The constants for pure compounds 
are given in Table 2-3. These constants may be com¬ 
bined for use with mixtures of gases according to the 
following mixture rules. 

A 0 = (lyjA 0 / /2 ) 2 

Bo - X yjB oj 

c D = a yj c 0 ; /2 ) 2 

a = (lyja/'y 


TABLE 2-3 

Benedict-Webb-Rubln Constants 


Substance A Bo C 0 x 1(T 6 a b c x 1(T 6 a x 10 3 7 x 10 2 


Methane . 6,995.25 0.682401 275.763 2,984.12 0.867325 498.106 511.172 153.961 

Ethane .15,670.7 1.00554 2,194.27 20,850.2 2.85393 6,413.14 1,000.44 302.790 

Propane .25,915.4 1.55884 6,209.93 57,248.0 5.77355 25,247.8 2,495.77 564.524 

Isobutane ..38,587.4 2.20329 10,384.7 117,047 10.8890 55,977.7 4,414.96 872.447 

n-Butane .38,029.6 1.99211 12,130.5 113,705 10.2636 61,925.6 4,526.93 872.447 

Isopentane . 4,825.36 2.56386 21,336.7 226,902 17.1441 136,025 6,987.77 1,188.07 

n-Pentane .45,928.8 2.51096 25,917.2 246,148 17.1441 161,306 7,439.92 1,218.86 

n-Hexane . 5,443.4 2.84835 40,556.2 429,901 28.0032 296,077 11,553.9 1,711.15 

n-Heptane .66,070.6 3.18782 57,984.0 626,106 38.9917 483,427 17,905.6 2,309.42 

Ethylene .12,593.6 0.891980 1,602.28 15,645.5 2.20678 4,133.60 731.661 236.844 

Propylene .23,049.2 1.36263 5,365.97 46,758.6 4.79997 20,083.0 1,873.12 469.325 
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b = (Lyjb/'y 
c = (2 yjc/ /3 ) 3 
a = (I^o/ 73 ) 3 . 

7 = (% ij n f 

V M is the molar volume in cu ft/lb-mole. 

Redlich-Kwong Equation (RK) 

The Redlich-Kwong Equation 4 involves only two em¬ 
pirical constants as opposed to the eight required in the 
BWR equation. The original RK equation is 


RT 


where 


V M ~b V M (V M + h)T 
C a R 2 T c 25 


0.5 


( 2 - 20 ) 


a 


b = 


Pc 

C„RT r 


To simplify the calculations with the RK equation, es¬ 
pecially for application to mixtures, other constants have 
been defined as 


2 t2.S 


R T 


B = 


0.5 


2.5 


c a T 

Pc T 2 ' 5 


0.5 


C h T„ 


RT p c T 

where, for temperature in °R and pressure in psia, C a = 
0.42748, C b = 0.08664. 

The RK equation was further modified by Soave 5 to 
improve its accuracy when applied to mixtures as fol¬ 
lows: 


RT 


a a 


P = 


V M ~b V M (V M + b ) 


( 2 - 21 ) 


where a is a function of temperature. Using the follow¬ 
ing definitions, a gas compressibility factor can be cal¬ 
culated 


A = 


C a a p T/ 

PcT 2 


B 


C h P T, 


PcT 

Z 3 - Z 2 + Z(A - B - B 2 ) - AB = 0 (2-22) 

The constants A and B are calculated for mixtures by 
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(2-23) 


a„, = c a ~\ 2 (}'; t ci a r/p c n 


B m = C b -1 y, T ci /p„ 


(2-24) 


where y, is the mole fraction of the /th component of the 
mixture. Evaluation of a involves calculation of the 
acentric factor, co 

i + s(i -r R 0 - 5 )) , 


a 


S = 0.480 + 1.574 ca - 0.176 w 2 , 
log Pc ~ 1.167 


<j> = CJ B 


t c -t b 


- 1.0 


(2-25) 

(2-26) 

(2-27) 


where T B is the boiling point of the component at 14.7 
psia in °R. Values of w can also be obtained from Table 
2 - 2 . 


Example 2-14: 

Using the Soave modification to the RK equation, cal¬ 
culate the molar volume of the following gas mixture at 
p = 250 psia, T = 100°F. 


Component 

y- 

c, 

0.75 

C 2 

0.15 

C 3 

0.10 


1.00 


Solution: 


0.42748 (250) 

A m =- —- (14.524) 2 = 0.07189 


B m 


(560) 2 
0.08664 (250) 
560 


(0.61033) = 0.02361 


Z 3 - Z 2 + Z (0.07189 - 0.02361 - (0.02361 f 
- 0.07189 (0.02361) = 0 


Component 

y 

Pcj Pci 

°>j s i 

“/ 

•1 

c, 

0.75 

667.8 343.4 

0.0104 0.496 

0.744 


C 2 

0.15 

707.8 550.1 

0.0986 0.633 

0.989 

C 3 

0.10 

616.3 666.1 

0.1524 0.716 

1.123 








Component 


V T ■ /n 0 5 

Yj T c ,/ p C j 


c, 


8.597 

0.38567 



^2 


3.084 

0.11658 


■j 

c 3 


2.843 

0.10808 




14.524 

0.61033 


i.' 


til 
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Z 3 - Z 2 + 0.04772Z - 0.00170 = 0 
Z = 0.952 

V u = ZRT/p = 0.952(10.73)(560)/250 


Calculations for C{. 

From Table 2-2, w = 0.0104. 

S = 0.480 + 1.574(0.0104) - 0.176(0.0104) 2 = 0.496 
T r = 560/343.3 = 1.63 T° s = 1.277 
a = [1 + 0.496(1 - 1.277)] 2 = 0.744 


GAS COMPRESSIBILITY 


The isothermal compressibility of a gas is the measure 
of the change in volume per unit volume with pressure 
change at constant temperature. In equation form 


1 

C = — 
V 



( 2 - 28 ) 


This should not be confused with the gas compressibility 
factor, Z. The compressibility is required in many res¬ 
ervoir gas flow equations and may be evaluated in the 
following manner. 


Ideal Gas Compressibility 

For an ideal gas, 


nRT 




and therefore. 


_ dV _ p 
V dp ~ nRT 



1 

P 


Real Gas Compressibility 

For a real gas, 

ZnRT 

V = - 

P 

and since Z =f(p), it must be included in the derivative 


dV 


nRT 


sz 
?— 
dp 


Substituting these expressions into the equation defin- 
ng compressibility gives 


C = 


ZnRT 


nRT 

( dZ 

. P\ 

p- - z 

V dp J _ 


1 

P 


]_BZ 
Z dp 


( 2 - 29 ) 


Evaluation of C for real gases requires determining 
how the Z-factor varies with pressure at the pressure and 
temperature of interest. Because most of the charts and 
equations predict Z as a function of reduced pressure and 
temperature, a reduced compressibility has been defined 
as C r =C p c . This can be expressed as a function of p r 
at a fixed value of T r by 

Pr Z \dpJ Tr 

Values of ( dZ/dp r ) Tr can be obtained from the slope 
of a constant T r curve from Figure 2-6 at the Z-factor of 
interest. Values of C r T r as a function of p r and T r have 
been presented graphically by Mattar, et al. 6 in Figures 
2-10 and 2-11. The change of Z with p can also be cal¬ 
culated using an analytical expression by calculating the 
Z-factor at pressures slightly above and below the pres¬ 
sure of interest. That is. 



Fig. 2-10. Variation of c r T r with reduced temperature and 
pressure. (1.05 < T r < 1.4; 0.2 <p,< 15.0). Courtesy The 
Journal of Canadian Petroleum Technology, Canadian In¬ 
stitute of Mining and Metallurgy. 
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Journal of Canadian Petroleum Technology, Canadian In¬ 
stitute of Mining and Metallurgy. 



Example 2-15: 

Calculate the compressibility of a gas at a temperature 
of 40°F and a pressure of 665 psia if T c = 357°R, p c 
- 674 psia. 


Solution: 


T 460 + 40 

T r = — = —- 

T c 357 


1.40 



665 
" 674 


0.987 


4 


From Figure 2-11, C r T r = 1.62 


1.62 1.62 



C = — = — = 0.00172 psi 1 
Pc 674 

The problem can also be solved using the approxi¬ 
mation for dZ/dp r : 


p, psia 

Pr 

Z 

615 

0.912 

0.880 

665 

0.986 

0.870 

715 

1.060 

0.861 


c i i/ Zt —z 2 y i 
p r Z \p n - pj 0.986 

1 / 0.880 - 0.861 \ 

0.870 \0.912 — 1.0607 
C r = 1.168 
C, 1.168 

C = — = — = 0.00173 psi 
Pc 674 


GAS VISCOSITY 

The viscosity of a fluid is a measure of the fluid’s 
ability to flow, or the ratio of the shearing force to the 
shearing rate. The viscosity is usually expressed in cen- 
tipoises or poises, but can be converted to other units for 
unit compatibility. 

1 poise = 100 centipoises - 6.72 x 10 -2 lbm/ft-sec 
= 2.09 x 10~ 3 lbf-sec/ft 2 = 0.1 kg/m-sec 

Gas viscosity is difficult to measure experimentally and 
for engineering purposes can be determined accurately 
enough from empirical correlations. The most widely ac¬ 
cepted correlation used in the past has been that of Carr, 
et al. 7 . The Carr method is presented in Figures 2-12 and 
2-13. The viscosity at one atmosphere is obtained first 
from Figure 2-12 and corrected for nonhydrocarbon im¬ 
purities if necessary. This viscosity is a function of mo¬ 
lecular weight or gravity and temperature only. The cor¬ 
rection for pressure is obtained from Figure 2-13 as a 
function of reduced pressure and temperature. 

An analytical expression for viscosity of hydrocarbon 
gas was presented by Lee, et al. 8 in 1966. The equation 
is 

p. g = K. 1CT 4 exp ( X pp (2-30) 

where 

(9.4 + 0.02M) T 1 ' 5 


209 + 19M + T 
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Fig. 2-12. Viscosity of paraffin hydrocarbon gases at atmosphere. Permission to publish by the Society of Petroleum En¬ 
gineers of AIME. Copyright 1954 SPE-AIME. 


986 

Z = 3.5 + --+ 0.01 M 

T 

y = 2.4 - 0.2X 

In these equations, T = °R, jx^ = cp, M = molecular 
weight and p g = gm/cm 3 . 


Example 2-16: 

Using both the Carr and Lee methods, calculate the 
viscosity of a 0.8 gravity gas at a pressure of 2000 psia 
and a temperature of 150°F. The gas contains 10% H 2 S 
and 10% C0 2 . 


Solution: 

Carr Method 

From figure 2-12, n-, = 0.0111 cp 
Correction for 10% H 2 S = +0.0003 
Correction for 10% C0 2 = +0.0006 

fJM = 0.0111 + 0.0003 + 0.0006 = 0.0120 cp 

T c = 170.5 + 307.3 (.8) = 416°R 

p c - = 709.6 - 58.7 (.8) = 663 psia 

T r = (460 + 150)/416 = 1.47 


p r = 2000/663 = 3.02 Z = 0.791 
From Figure 2-13, — = 1.61 

4i 

tx = jju, = (0.012)(1.61) = 0.0193 cp 
Lee Method 

The Lee method does not include a method for cor¬ 
recting for nonhydrocarbon impurities; therefore, the 
value obtained will be for a pure hydrocarbon gas. 
However, if the Z-factor used in calculating the gas 
density has been corrected, the Lee method is valid for 
sour gases. 

M = y g ,(M air ) = (0.8)(29) = 23.2 

(9.4 + 0,02 M) T 1 - 5 
~ 209.0 + 19.0 M + T 
[9.4 + (0.02)(23.2)](610) 15 
~~ 209.0 + (19.0)(23.2) + 610 
= 117.96 
• 986 

X= 3.5 + — + 0.01 M 
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Fig. 2-13. Viscosity ratio verses pseudoreduced temperature. Permission to publish by the Society of Petroleum Engineers 
of AIME. Copyright 1954 SPE-AIME. 


= 3.5 + 


986 

610 


+ (0.01)(23.2) 


a fluid as a kinematic viscosity, v. The relationship be¬ 
tween viscosity and kinematic viscosity is 


= 5.35 


y= 2.4 - 0.2 X 
= 2.4 - (0.2)(5.35) 
= 1.33 


P g =l g , (0.0764) 


(520) p 1 gm/cm 3 
(14.7) zf" 62.4 lbm/ft 3 


(0.8)(0.0764)(520)(2000) 
~ (14.7)(0.791 )(610)(62.4) 
M* = K.10- 4 exp (Xpl) 


0.1436 gm/cm 3 


= (117.96)(10~ 4 ) exp [(5.35)(0.1436) 133 ] 


= 0.0177 cp 


It is sometimes convenient to express the viscosity of 


|X 

V = — (2-31) 

P 


where p is the fluid density. 


GAS-WATER SYSTEMS 

In many cases the engineering design of gas produc¬ 
tion operations will involve natural gas in contact with 
water. This water may be connate reservoir water or water 
produced from some other zone. In any event, it is nec¬ 
essary to determine the water contained in the gas in the 
vapor state, the gas dissolved in the water, and under 
what conditions of pressure and temperature gas hy¬ 
drates will be formed. 
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Solubility of Natural Gas in Water 


The solubility of natural gas in water is very low at 
most pressures and temperatures of interest in gas pro¬ 
duction engineering. The primary factors affecting the 
amount of gas that will be evolved from water saturated 
with the gas depends on pressure, temperature, and sol¬ 
ids content of the water. The relationship is illustrated 
in Figure 2-14. The correction factor for salinity may be 
calculated from 

• R 

“■ = 1 — X T x 1 (T 4 (2-32) 

^ JVip 

where 

Y = salinity of water, ppm 
X= 3.47.1/T 0837 
T = temperature, °F 
R sk , - gas solubility in brine 
p - gas solubility in pure water 


Example 2-17: 

Calculate the set of gas dissolved in a brine containing 
50,000 ppm at a pressure of 5000 psia and a temper¬ 
ature of 200°F. 


Solution: 

From Figure 2-14, R swp = 20 scf/STB 
3.471 


X = 


( 200 ) 


. 0.837 


= 0.041 


fls* = Rswp (1 - X Y x 10- 4 ) 

= 20 (1 — (0.041 )(50000) x 10~ 4 ) 
R sw - 20(0.795) = 15.9 scf/STB 


Solubility of Water in Natural Gas 

The amount of water vapor contained in natural gas 
at various temperatures and pressures must be known in 
order to relate surface water production to equivalent 
volumes in the reservoir. The water content is also im¬ 
portant in calculations involving hydrate formation. The 
water content depends on pressure, temperature, and water 
salinity, figure 2-15 shows the mass or weight of fresh 
water contained in gas as a function of pressure and tem¬ 
perature. The following equation can be used to correct 
for water salinity. 


Zl 


- 2.87 x 10~ 8 F’- 266 


( 2 - 33 ) 



Fig. 2-14. Gas solubility in pure water. Courtesy Gas Pro¬ 
cessors Suppliers Association. 


where 

Wj - brine content, lbm/MMscf, 

Wjp = pure water content from Figure 2-15, 
F = salinity of water, ppm. 


Example 2-18: 

Determine the water content in a natural gas in contact 
with a 100,000 ppm brine at 3000 psia and 200°F. 


Solution: 

From Figure 2-15, W sp = 280 lbm/MMscf 
w s = (1 - 2.87 x 10~ 8 (100,000) 1266 ) = 280(0.939) 

Ibm 

= 263- 

MMscf 

Gas Hydrates 

Gas hydrates are crystalline compounds, formed by 
the chemical combination of natural gas and water under 
pressure at temperatures considerably above the freezing 
point of water. In the presence of free water, hydrates 
will form when the temperature of the gas is below a 
certain temperature, called the “hydrate temperature.” 
Hydrate formation is often confused with condensation. 
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Fig. 2-15. Water content of natural gas in equilibrium with liquid water. Courtesy Gas Processors Suppliers Association. 
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and the distinction between the two must be clearly 
understood. Condensation of water from a natural gas 
under pressure occurs when the temperature is at or be¬ 
low the dew point at that pressure. Free water obtained 
under such conditions is essential to the formation of hy¬ 
drates that will occur at or below the hydrate temperature 
at the same pressure. Hence, the hydrate temperature 
would be below, and perhaps the same as, but never 
above the dew point temperature. 

In solving gas production problems, it becomes nec¬ 
essary to define, and thereby avoid, conditions that pro¬ 
mote the formation of hydrates. Hydrates may choke the 
flow string, surface lines, and well testing equipment. 
Hydrate formation in the flow string would result in a 
lower value for measured wellhead pressures. In a flow 
rate measuring device, hydrate formation would result 
in lower flow rates. Excessive hydrate formation may 
also completely block flow lines and surface equipment. 

Conditions promoting hydrate formation are: 

1. Gas at or below its water dew point with “free” water 
present, 

2. low temperature, and 

3. high pressure. 

A further discussion of hydrate formation and preven¬ 
tion is given in Chapter 9. 

GAS-CONDENSATE SYSTEMS 

As the exploration for natural gas is extended to deeper 
horizons, moie reservoirs containing gas condensates 
are discovered. The gas may be in the gaseous phase at 
initial reservoir conditions but may condense to form some 
liquid at some point in the path to the separator. 

Engineering design of these production systems re¬ 
quires some understanding of phase behavior. This sec¬ 
tion deals with the phenomenon of phase change and with 
methods to calculate these phase changes. 

Phase Behavior 

Phase behavior is simple for single component sys¬ 
tems but becomes more complicated as more compo¬ 
nents are added to the system. A discussion of the sim¬ 
plest system will lead to an understanding of the more 
complex systems." 

Single Component Fluid. The phase behavior of a fluid 
can be described by determining its response to pressure 
and temperature changes. In a liquid the molecules are 
very close together, but in a gas the molecules are widely 
separated. Certain forces exist that tend to either confine 
or disperse the molecules. Confining forces are primarily 
pressure and molecular attraction. Dispersing forces are 


kinetic energy and molecular repulsion. The relative 
magnitudes of the confining and dispersing forces dictate 
whether the fluid is a liquid or a gas. 

An increase in temperature increases the kinetic en¬ 
ergy of the molecules and thus the dispersing forces, while 
an increase in pressure increases the confining forces. 

The behavior of a single component fluid can be il¬ 
lustrated graphically on a plot of pressure versus tem¬ 
perature, called a phase diagram. A line joining all of 
the points where the confining and repelling forces are 
equal can be plotted. This is a vapor pressure line and 
is illustrated in Figure 2-16. At any point above the va¬ 
por pressure line the fluid is a liquid, while below the 
line the fluid is a gas. At the critical point. Point C, there 
is no distinction between liquid and gas. A phase change 
at constant pressure occurs when temperature changes, 
as illustrated by the path 1-2. A phase change will also 
occur at constant temperature as pressure is changed (path 
3-4). 

Multicomponent Fluids. When more than one fluid is 
present, the difference in molecule size and energy has 
an influence on the phase change. Figure 2-17 illustrates 
the phase diagram for a two-component mixture and Fig¬ 
ure 2-18 shows the phase diagram for a typical hydro¬ 
carbon multicomponent mixture. There is no sharp tran¬ 
sition from liquid to vapor or from vapor to liquid, but 
the molecules are able to escape from the liquid or gas 
at different pressures and temperatures because of mo¬ 
lecular attraction. The locus of all points where the first 
bubble of gas appears in a liquid as pressure and tem¬ 
perature conditions are changed is called the bubble point 
line. The locus of all points where the first droplet of 



Fig. 2-16. Phase diagram fora pure substance showing lines 
of isobaric temperature change. Reprinted from McCain, 
Properties of Petroleum Fluids, copyright 1974, PennWell 
Books. 
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Fig. 2-17. Vapor pressure curves for two pure components 
and phase diagram for a 50:50 mixture of the same com¬ 
ponents. Reprinted from McCain, Properties of Petroleum 
Fluids, copyright 1974, PennWell Books. 



Fig. 2-19. Differential retrograde condensation of liquid from 
gas. Reprinted from Norman J. Clark, World Oil, April 1953. 
Courtesy Gulf Publishing Company. 



Fig. 2-18. Phase diagram showing cricondentherm and cri- 
condenbar. Reprinted from McCain, Properties of Petro¬ 
leum Fluids, copyright 1974, PennWell Books. 


liquid appears as the conditions for a gas are changed is 
the dew point line. The highest pressure at which a gas 
can exist is called the cricondenbar while the highest 
temperature at which a liquid can exist is the cricon¬ 
dentherm. 

Separation Processes. The two types of separation 
processes that can occur as pressure or temperature on 
a fluid changes are called differential and flash or equi¬ 
librium. These processes are illustrated in Figures 2-19 
and 2-20. In the differential process the gas is removed 
from contact with the liquid as it is separated, which 
means that the composition of the remaining liquid 



Fig. 2-20. Equilibrium retrograde condensation of liquid from 
gas. Reprinted from Norman J. Clark, World Oil, April 1953. 
Courtesy Gulf Publishing Company. 


changes constantly. In the flash process the gas remains 
in contact with the liquid, which means that the process 
is a constant composition process. Both types of sepa¬ 
ration, or a mixture of the two, can occur as gas is pro¬ 
duced from a reservoir to the separator. 

Types of Gas Reservoirs 

Reservoirs that yield natural gas can be classified into 
essentially four categories. These are: 


! 


I 
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1. dry gas—the fluid exists as a gas both in the reservoir 
and the piping system. The only liquid associated with 
the gas from a dry gas reservoir is water. A phase 
diagram of a dry gas reservoir is illustrated in Figure 
2 - 21 ; 

2. wet gas—the fluid initially exists as a gas in the res¬ 
ervoir and remains in the gaseous phase as pressure 
declines at reservoir temperature. However, in being 
produced to the surface, the temperature also drops, 
causing condensation in the piping system and sep¬ 
arator. This behavior is illustrated in Figure 2-22; 

3. retrograde condensate gas—the fluid exists as a gas 
at initial reservoir conditions. As reservoir pressure 
declines at reservoir temperature, the dew point line 
is crossed and liquid forms in the reservoir. Liquid 
also forms in the piping system and separator. Figure 
2-23 depicts the behavior of a retrograde gas system; 

4. associated gas—many oil reservoirs exist at the bub¬ 
ble point pressure of the fluid system at initial con¬ 
ditions. Free gas can be produced from the gas cap 
of such a system. Gas which is initially dissolved in 
the oil can also be produced as free gas at the surface. 
The phase diagram of such a system will depend on 
the properties of the oil associated with the gas. An 
example phase diagram is shown in Figure 2-24. 

The fact that hydrocarbon liquids are frequently in 
contact with natural gas makes it imperative that meth¬ 
ods be available to calculate the volumes or masses of 
each phase and also the composition of each phase ex¬ 
isting at various conditions of pressure and temperature. 
The procedure for accomplishing these calculations is 
described in the following section. 



Flash or Equilibrium Separation Calculations 

The phase behavior of an ideal solution can be de¬ 
scribed by combining the laws of Raoult and Dalton to 
obtain the quantity of gas and liquid existing at given 
conditions. Raoult’s Law states that the partial pressure 
of a component in the gas is equal to the product of the 
mole fraction of that component in the liquid multiplied 
by the vapor pressure of the pure component. Raoult’s 
Law is valid only if both the gas and liquid mixtures are 
ideal solutions. The mathematical statement of Raoult’s 
Law is 


Pi = XjPvi, 

where pj represents the partial pressure of component j 



Fig. 2-22. Phase diagram of a wet gas. Reprinted from 
McCain, Properties of Petroleum Fluids, copyright 1974, 
Penn WeII Books. 



Fig. 2-23. Phase diagram showing regions of retrograde 
condensation. Reprinted from McCain, Properties of Petro¬ 
leum Fluids, copyright 1974, Penn Well Books. 
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Fig. 2-24. Equilibrium relationship of reservoir containing 
an oil accumulation with a gas cap. Courtesy Gas Proces¬ 
sors Suppliers Association. 


in the gas in equilibrium with a liquid of composition Xj. 
The quantity p vj represents the vapor pressure that pure 
component j would exert at the temperature of interest. 

Dalton’s Law can also be used to calculate the partial 
pressure exerted by a component of an ideal gas mixture: 

Pi = }’iP- 

Raoult’s and Dalton’s Laws both represent the partial 
pressure of a component in a gas. In the case of Raoult’s 
Law, the gas must be in equilibrium with a liquid. These 
laws may be combined by eliminating partial pressure to 
give an equation that relates the compositions of the gas 
and liquid phases in equilibrium to the pressure and tem¬ 
perature at which the gas-liquid equilibrium exists, such 
as 

yjP = XjPvj 

or (2-34) 


Let n represent the total number of moles in the mixture, 
n L represent the total number of moles in the liquid, 
rt g represent the total number of moles in the gas, 
zj represent the mole fraction of the jth component in the 
total mixture including both liquid and gas phases, 

Xj represent the mole fraction of the jth component in the 
liquid, 

)>j represent the mole fraction of the yth component in the 
gas, 

Zjti represent the moles of the /th component in the total 
mixture, 

Xjti L represent the moles of the jth component in the liquid, 
and 

yyi g represent the moles of the /th component in the gas. 
A material balance on the /th component results in 

Zjtl = Xjll L + ypg. (2-35) 

Combination of Equations 2-34 and 2-35 to eliminate 
y’j results in 

Zjtl 

Xj = -. 

. P* 

n L + — n g 
P 

Since by definition Xxj = 1, 

_ _ z i n 

Xx, = 2- = 1. (2-36) 

, P* 

n L + —n g 
P 

Equations 2-34 and 2-35 can also be combined to 
eliminate Xj with the result, 

z.n 

2w - 2-—- = 1. (2-37) 

1 p 

n + — n L 

P*j 

Either equation 2-36 or 2-37 can be used to calculate 
the compositions of the gas and liquid phases of a mix¬ 
ture at equilibrium. In either case a trial-and-error so¬ 
lution is required. The calculation is simplified if one 
mole of total mixture is taken as a basis so that h L = nj 
n, hg = njn and h L + h g = 1. This results in the re¬ 
duction of Equations 2-36 and 2-37 to 


yj = Pu 

Xj p 

Equation 2-34 can be used to calculate the ratio of the 
mole fraction of a component in the gas to its mole frac¬ 
tion in the liquid. To determine values of y } and Xj, this 
equation must be combined with another equation relat¬ 
ing these two quantities. Such an equation can be de¬ 
veloped through consideration of a material balance on 
the jth component of the mixture. 


and 


2 xj = 2 - 

1 + fig 





l yj = 



1. 


(2-38) 


(2-39) 
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1. dry gas—the fluid exists as a gas both in the reservoir 
and the piping system. The only liquid associated with 
the gas from a dry gas reservoir is water. A phase 
diagram of a dry gas reservoir is illustrated in Figure 
2 - 21 ; 

2. wet gas—the fluid initially exists as a gas in the res¬ 
ervoir and remains in the gaseous phase as pressure 
declines at reservoir temperature. However, in being 
produced to the surface, the temperature also drops, 
causing condensation in the piping system and sep¬ 
arator. This behavior is illustrated in Figure 2-22; 

3. retrograde condensate gas—the fluid exists as a gas 
at initial reservoir conditions. As reservoir pressure 
declines at reservoir temperature, the dew point line 
is crossed and liquid forms in the reservoir. Liquid 
also forms in the piping system and separator. Figure 
2-23 depicts the behavior of a retrograde gas system; 

4. associated gas—many oil reservoirs exist at the bub¬ 
ble point pressure of the fluid system at initial con¬ 
ditions. Free gas can be produced from the gas cap 
of such a system. Gas which is initially dissolved in 
the oil can also be produced as free gas at the surface. 
The phase diagram of such a system will depend on 
the properties of the oil associated with the gas. An 
example phase diagram is shown in Figure 2-24. 

The fact that hydrocarbon liquids are frequently in 
contact with natural gas makes it imperative that meth¬ 
ods be available to calculate the volumes or masses of 
each phase and also the composition of each phase ex¬ 
isting at various conditions of pressure and temperature. 
The procedure for accomplishing these calculations is 
described in the following section. 



Flash or Equilibrium Separation Calculations 

The phase behavior of an ideal solution can be de¬ 
scribed by combining the laws of Raoult and Dalton to 
obtain the quantity of gas and liquid existing at given 
conditions. Raoult’s Law states that the partial pressure 
of a component in the gas is equal to the product of the 
mole fraction of that component in the liquid multiplied 
by the vapor pressure of the pure component. Raoult’s 
Law is valid only if both the gas and liquid mixtures are 
ideal solutions. The mathematical statement of Raoult’s 
Law is 


Pi = XjPvi, 

where pj represents the partial pressure of component j 



Fig. 2-22. Phase diagram of a wet gas. Reprinted from 
McCain, Properties of Petroleum Fluids, copyright 1974, 
Penn WeII Books. 



Fig. 2-23. Phase diagram showing regions of retrograde 
condensation. Reprinted from McCain, Properties of Petro¬ 
leum Fluids, copyright 1974, Penn Well Books. 
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and 

yj = x i k i = Z j K j ( 2 - 42 ) 

1 yj = IzjKj = 1 . 

At the dew point pressure, 

z j = yp 

and 

2x,- = 1— = 1. (2-43) 

J Kj 

The bubble point or dew point pressures can be cal¬ 
culated by trial-and-error by assuming various pressures 
and determining the pressure that will produce A"-values 
satisfying Equations 2-42 or 2-43. 

The following relationships will aid in determining the 
bubble point or dew point. 

2 ■ 

a. If 2 ZjKj and 2— are both > 1, p is between p h and 

Kj 

Pd- 

b. If 2 ZjKj < 1, p > p b . 

c. If 2“- < 1 ,p< Pd 

Kj 


Example 2-20: - 

Determine the bubble point pressure of the following 
mixture at a temperature of 150°F. 


Solution: 

From the previous example we know that the bubble 
point pressure is greater than 200 psia. As a first guess, 
use Po = 250 psia. 

Trial 1 (p b = 250 psia) 


Component 

4 

Kj 

4 Kj 

c 3 

0.61 

1.270 

0.775 

rt-C A 

0.28 

0.500 

0.140 

n-C 5 

0.11 

0.203 

0.022 


1.00 


0.937 

The assumed pressure is greater than the bubble 

pressure since 2 Z/Kj < 1 . 



Trial 2 (p b = 

220 psia) 



Component 

4 

Kj 

ZjK 

c 3 

0.61 

1.490 

0.909 

n-C 4 

0.28 

0.580 

0.162 

n-C 5 

0.11 

0.230 

0.025 




1.096 


The fact that 'lz j K j > 1 implies that 220 psia is below 
the bubble point pressure. By linear interpolation, se¬ 
lect the pressure for the third trial as 230 psia. 

Trial 3 (p b = 230 psia) 


Component 

Zj 

K 

ZjK 


0.61 

1.350 

0.824 

rhC A 

0.28 

0.534 

0.150 

n-C 5 

0.11 

0.223 

0.025 




0.999 


The bubble point pressure is therefore 230 psia at a 
temperature of 150°F. 

Determination of Equilibrium Ratios 

In order to apply the methods described in the pre¬ 
ceding section, it is necessary to have access to A'-values 
for each component as a function of pressure and tem¬ 
perature. The most widely used method of determining 
^"-values is to use the experimentally determined charts 
published by the NGPSA 9 . The problem with using these 
charts is that the convergence pressure, p k , must be known 
in order to select the appropriate chart. At relatively low 
pressures the 77-values are almost independent of con¬ 
vergence pressure, but for separation pressures approach¬ 
ing convergence pressure, they are very sensitive to con¬ 
vergence pressure. The determination of the proper con¬ 
vergence pressure to use for a given system is iterative. 
A suggested procedure is: 

1. Estimate a value for convergence pressure, p' k . 

2. Read the K -values for each component from the charts 
prepared at p' k . 

3. Perform a flash calculation using the /f-values from 
Step 2. This gives the liquid composition. 

4. Identify the lightest hydrocarbon component in the 
liquid phase which comprises at least 0.001 mole 
fraction; that is, jq Sr 0.001. This will usually be C, 
or C 2 for gas condensate systems. 

5. Calculate the weight average critical temperature for 
the remaining heavier components in the liquid phase. 
These remaining heavier components represent a 
pseudo-heavy component in the pseudo binary sys¬ 
tem. 

6. Enter Figure 2-25 at the critical temperature calcu¬ 
lated in Step 5 and determine which actual hydro¬ 
carbon component has a critical temperature closest 
to the pseudo-heavy component. If the value is be¬ 
tween two real components, interpolation is required. 

7. Trace the critical locus between the light and pseudo¬ 
heavy component to the separation temperature and 
read the convergence pressure p k at this point. If p k 
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The use of Equation 2-38 or 2-39 to predict gas-liquid 
equilibria behavior is severely restricted since Dalton’s 
Law is based on the assumption that the gas behaves as 
an ideal solution of ideal gases. For practical purposes 
the ideal-gas assumption limits the use of the equations 
to pressures below about 50 psia. 

Raoult’s Law is also based on the assumption that the 
liquid behaves as an ideal solution. Ideal-solution be¬ 
havior is approached only if the components of the liquid 
mixture are very similar chemically and physically. 

Another restriction is that a pure compound does not 
have a vapor pressure at temperatures above its critical 
temperature. Thus, the use of these equations is limited 
to temperatures less than the critical temperature of the 
most volatile compound in the mixture. For example, if 
methane is a component of the mixture, this method can¬ 
not be used at temperatures above -116°F. These re¬ 
strictions have led to the use of correlations based on 
experimental observations. These correlations usually 
involve the use of the equilibrium ratio K, which is de¬ 
fined as 



From equation 2-34, it is seen that the AT-value is de¬ 
fined by the ratio of the vapor pressure of the component 
to the system pressure, or 


Ay 

P 



Substituting this relationship into Equations 2-38 and 
2-39 results in 


txj = 2 


1 + ,\(Kj - 1) 


2y- = 2- 




= 1 . 


(2-40) 


(2-41) 


The choice between Equations 2-40 and 2-41 is ar¬ 
bitrary; either can be used with equal efficiency. Either 
equation requires a trial-and-error solution. Normally, 
successive trial values of n g or n L are selected until the 
summation equals one. These equations can be used to 
calculate the quantity and composition of a mixture by 
the following procedure. The required data are the feed 
composition, the pressure and temperature at which the 
separation is to take place, and AT-factors for each com¬ 
ponent at this pressure and temperature. 

1. Determine the appropriate AT-value for each compo¬ 
nent at p and T of separation. 


2. Assume a value of h g and calculate an assumed value 
of h L from 

n L + ii g = 1 
for one mole of feed. 

3. Calculate the sum of the mole fractions of all the 
components using the value of n g assumed in Step 2. 

2je, = 2- Zj - - 

l+n g (Kj-l) 

4. If the summation calculated in Step 3 is equal to one, 
the assumption for n g was correct. If not, assume a 
new value for n g and repeat Step 3 until the sum¬ 
mation is equal to one. 

The Xj values calculated in Step 3 represent the com¬ 
position of the n L moles of liquid resulting from the sep¬ 
aration. The composition of the n g moles of gas can be 
calculated from 

yj = K J x r 

Step 3 can be modified to calculate the sum of the mole 
fractions in the gas phase by assuming a value of n L and 
using Equation 2-41. 


Example 2-19: 

Calculate the quantity and composition of the gas and 
liquid phase resulting from a flash separation of the fluid 
at a pressure of 200 psia and a temperature of 150°F. 
Assume that the charts for a convergence pressure of 
5000 psia are applicable. 


Solution: 


Com- A = 05 A = 04 n 9 = 0.42 


ponent 

z i 

K, 


*/ 


y. 

C3 

0.61 

1.520 

0.484 

0.505 

0.501 

0.761 

n-C t 

0.28 

0.595 

0.351 

0.334 

0.337 

0.201 

n-C 5 

0.11 

0.236 

0.178 

0.158 

0.162 

0.038 


1.00 


1.013 

0.997 

1.000 

1.000 


Since 2 x } = ] for n g = 0.42, this means that 42% of 
the total feed is in the gas phase and 58% in the liquid 
phase at 200 psia and 150°F. Also, for example, 50.1% 
of the liquid phase is C 3 and 76.1% of the gas phase is 
C 3 . 

The previous equations can also be used to determine 
bubble point and dew point pressures of a mixture at a 
given temperature. At the bubble point, the amount of 
gas is negligible and 
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Fig. 2-25. Convergence pressure of binary hydrocarbon systems. Courtesy Gas Processors Suppliers Association. 


# p' k from Step 1, set p' k = p k and go to Step 2. Re¬ 
peat until p' k ~ p k . 

/(-Values from Equations of State 

Equilibrium ratios may be defined in terms of the fu- 
gacity of the component in a mixture. The fugacity,/, 
is a thermodynamic quantity defined in terms of the change 
in free energy in passing from one state to another. It 
has been shown that the fugacity of a component in a 
phase of a mixture is equal to the fugacity of that com¬ 
ponent in the same phase in the pure state multiplied by 
the mole fraction of the component in the mixture. That 
is, for the gas and liquid phases, 

fgj (mix) = yj.fa (pure) 

hi (mix) = Xjf Lj (pure) 

If the phases are in equilibrium, the fugacities of a 
component in the liquid and gas phases are equal, or 

yjfgj = x ifrj 


yj = K Jj± 

Jr' 


Therefore, the K- values can be approximated if the 
fugacity of each component can be calculated at a given 
pressure and temperature. This can be accomplished by 


the use of an equation of state, such as the Soave-Red- 
lich-Kwong equation described earlier. The fugacity 
coefficient of a component in a mixture is given by 

fi b J 

In — = — (Z — 1) - ln(Z - B) 
px, b 




"\( I + 5 


where 


TcjtPcf 


2.V; 0Lj 


0.5 „ 0.5 

Pci 


: b i _ T C j/p C j , ■ 

b Ixj T c j/p c j 

The values for Z, A, B, and a are calculated by Equa¬ 
tions 2-22, 2-23, 2-24, and 2-25, respectively. The Xj 
represents either the liquid or gas mole fraction. 

The use of an equation of state to calculate phase be¬ 
havior involves numerous calculations and is usually ap¬ 
plied only by utilization of a computer. Some simplified 
programs have been published for use with hand cal¬ 
culators by Weber 10 . 

Adjustment of Properties for Condensate Mixtures 

In many cases the properties of the total well or res¬ 
ervoir fluid will not be measured, but the gas and con- 
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densate properties after separation will be known. Many 
reservoir and piping system calculations require prop¬ 
erties such as specific gravity for the reservoir or well 
fluid. Methods for making the calculations are given be¬ 
low. 


Specific Gravity of Mixtures. By forming a molal bal¬ 
ance on the separator gas and liquid effluents, the fol¬ 
lowing equation can be derived for calculating the grav¬ 
ity of a mixture: 


where 




Y g + 4584 yjR 
1 + V„/R 


(2-46) 


y gm = specific gravity of the mixture (air = 1), 
y g - specific gravity of the separator gas, 
y 0 = specific gravity of the condensate, 

V„ = condensate vaporizing volume, and 
R = producing gas-condensate ratio. 




Fig. 2-27. Equivalent gas volume of stock tank conden¬ 
sate. Reprinted from Leshikan, World Oil, January 1961. 
Courtesy Gulf Publishing Company. 


The condensate specific gravity is related to the API 
gravity by 


141.5 


lo = 


131.5 + API 


V 0 is ; obtained from Figure 2-26 for, cases in which y 0 is 
measured at a high pressure separator. If y 0 is measured 
at stock tank conditions, the value of V„ depends on sep¬ 
arator pressure and is obtained from Figure 2-27. 


Example 2-21: 

Calculate the specific gravity of a reservoir gas given 
the following: 

Y s = 0.65 Yo from S.T. = 0.78 (50° API) 

R = 30,000 scf/STB 
Separator pressure = 900 psig 


Fig. 2-26. Relationship between condensate vaporization _ 

volume ratio and API gravity. Courtesy Energy Resources Solution: 

Conservation Board, Calgary. From Figure 2-27, V 0 = 1110 scf/STB 
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0.65 + 4584 (,78)/30000 

y --0.74 

9 1 + 1110/30000 

Equation 2-46 can be used to calculate the specific 
gravity of a gas containing water if the dry gas gravity 
and water content are known. The liquid vaporizing vol¬ 
ume for water is 


mRT sc 




MPsc 


lbm 

350-(10.73)(520) 

STB 


lb 


18- 


lb-mole 


(14.7) 


V v = 7380 scf/STB. 

To calculate R„ in scf/STB from the water content in 
Ibm/MMscf, use 




350 x 10 6 
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Gas Reservoir 
Performance 


I N traveling from its original location in the reser¬ 
voir to the final point of consumption, the gas must 
first travel through the reservoir rock or porous me¬ 
dium. A certain amount of energy is required to 
overcome the resistance to flow through the rock, which 
is manifested in a pressure decrease in the direction of 
flow, toward the well. This pressure drop or decrease 
depends on the gas flow rate, properties of the reservoir 
fluids, and properties of the rock. The fluid properties 
were discussed in Chapter 2, and a brief discussion of 
the rock properties is given in this chapter. 

The engineer involved in gas production operations must 
be able to predict not only the rate at which a well o.r 
field will produce, but also how much gas is originally 
in the reservoir and how much of it can be recovered 
economically. This requires the ability to relate volumes 
of gas existing in the reservoir to reservoir pressure. Be¬ 
cause the flow capacity of a well depends on the res¬ 
ervoir pressure, both reservoir gas flow and reserve es¬ 
timates are discussed in this chapter. 

RESERVOIR GAS FLOW 

Determination of the inflow performance or reservoir 
flow capacity for a gas well requires a relationship be¬ 
tween flow rate coming into a well and the sand-face 
pressure or flowing bottom-hole pressure. This relation¬ 
ship may be established by the proper solution of Dar¬ 
cy’s Law, which is the accepted expression relating pres¬ 
sure drop and fluid velocity in a porous medium, provided 
that the flow is laminar. Solution of Darcy’s Law de¬ 
pends on the conditions of flow existing in the reservoir 
or the flow regime. The flow type or regime may be 
independent of time or steady-state, or if conditions at 


a particular location change with time, the flow regime 
is transient or unsteady-state. Under certain conditions 
of transient flow, conditions change at a constant rate at 
all locations in the reservoir. This condition is called 
pseudo-steady-state and may be analyzed more simply 
than the transient condition. 

The flow regimes will be discussed qualitatively first, 
the equations for each regime will be presented, and then 
the application of the equations for determining inflow 
performance or well flow capacity will be presented. 

Flow Regime Characteristics 

When a well is opened to production from a shut-in 
condition, the pressure disturbance created at the well 
travels outward through the rock at a velocity governed 
by the rock and fluid properties. The various flow re¬ 
gimes are discussed with respect to the behavior of this 
pressure disturbance. 

Steady-State Flow. Figure 3-1 illustrates the pressure 
and flow rate distribution occurring during radial, steady- 
state flow into a well. This pressure distribution will re¬ 
main constant as long as the radius being drained by the 
well remains constant. 

For such a situation to be strictly true it is necessary 
that the flow across the external drainage radius r e , be 
equal to the flow across the well radius at r K „ This is 
never strictly met in a reservoir other than a strong water 
drive, whereby the water influx rate equals the produc¬ 
ing rate. Pressure maintainance by water injection down- 
dip or by gas injection updip would also approximate 
steady-state conditions as would most pattern water- 
floods after the initial stages of injection have passed. 
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Fig. 3-1. Radial steady-state flow. From Slider, Practical 
Reservoir Engineering Methods, copyright 1976, PennWell 
Books. 

Steady-state equations are also useful in analyzing the 
conditions near the wellbore because even in an un¬ 
steady-state system the flow rate near the wellbore is al¬ 
most constant so that the conditions around the wellbore 
are almost constant. Thus, steady-state flow equations 
can be applied to this portion of the reservoir without 
any significant error. 

Unsteady-State Flow. Figure 3-2 shows the pressure 
and rate distributions for a radial system at various times 
for a closed reservoir (no flow across r e ). In this case all 
of the- production is due to the expansion of the fluid in 
the reservoir. This causes the rate at r,, to be zero and 
the rate increases to a maximum at the well radius, r„„ 
In the steady-state case the flow across the outer bound¬ 
ary, r € , was equal to the flow across r w , the well radius. 
With flow across r e zero, the only energy causing the 
flow of fluid is the expansion of the fluids themselves. 
Initially the pressure is uniform throughout the reservoir 
at pi. This represents the zero producing time. 

The production rate is controlled so that the pressure 
at the well is constant. A pressure distribution shown as 
p at t { is obtained after a short period of time of pro¬ 
ducing the well at such a rate that the well pressure re¬ 
mains constant. At this time only a small portion of the 
reservoir has been affected or has had a significant pres¬ 
sure drop. 

For a closed reservoir, flow occurs due to expansion 
of the fluid. Consequently, if no pressure drop exists in 
the reservoir at a particular point, or outside of that point, 
no flow could be taking place at that particular radius. 
The fluid could not expand without a drop in pressure. 


Thus, as shown in the plot of q at r, the rate at r e is zero 
and increases with a reduction in radius until the maxi¬ 
mum rate in the reservoir is obtained at r w . The pressure 
and rate distributions at time f, represent an instant in 
time, and the pressure and rate distributions move on 
through these positions immediately as the production 
continues to affect more and more of the reservoir. That 
is, more and more of the reservoir continues to experi¬ 
ence a significant pressure drop and is subjected to flow 
until the entire reservoir is affected as shown by the pres¬ 
sure at r 2 .The rate, q, at t 2 indicates that the flow rate at 
this time extends throughout the reservoir since all of the 
reservoir has been affected and has had a significant 
pressure drop. 

Notice that the rate at the well has declined somewhat 
from time r, to h since the same pressure drop (p-p u ), 
is effective over a much larger volume of the reservoir. 
Once the pressure in the entire reservoir has been af¬ 
fected the pressure will drop throughout the reservoir as 
production continues so that the pressure distribution might 
be as shown for p at t 3 . The rate will have declined 
somewhat during time t x to t 2 due to the increase in the 
radius over which flow is taking place, and it will con¬ 
tinue to decline from t 2 to t 3 due to the decline of the 
total pressure drop from r e to r„., (p e -p u ). 

Note that from time t = 0 to time t 2 , when a pressure 
drop is finally affected throughout the entire reservoir, 
the pressure and rate distributions would not be affected 
by the size of the reservoir or the position of the external 
drainage radius r e . During this time the reservoir is said 
to be infinite-acting because during this period the outer 
drainage radius, r e , could mathematically be infinite. Even 
in reservoir systems that are dominated by steady-state 



Fig. 3-2. Unsteady-state radial flow with constant well 
pressure. From Slider, Practical Reservoir Engineering 
Methods, copyright 1976, PennWell Books. 
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flow, the effect of changes in well rates or well pressures 
at the well will be governed by unsteady-state flow equa¬ 
tions until the changes have been in effect for a sufficient 
length of time to affect the entire reservoir and have the 
reservoir again reach a steady-state condition. 

Pseudo-Steady-State Flow. Figure 3-3 illustrates the 
pressure and rate distribution for the same unsteady-state 
system except that in this case the rate at the well, q K , 
is held constant. This might be comparable to a prorated 
well or-one that is pumping at a constant rate. Again at 
time t — 0 the pressure throughout the reservoir is uni¬ 
form at pj. Then after some short producing time ?, at a 
constant rate, only a small portion of the reservoir will 
have experienced a significant pressure drop, and con¬ 
sequently the reservoir will be flowing only out to a ra¬ 
dius r,. As production continues at the constant rate, the 
entire reservoir will eventually experience a significant 
pressure drop as shown at t 2 . Shortly after the entire res¬ 
ervoir pressure has been affected, the change in the pres¬ 
sure with time at all radii in the reservoir becomes uni¬ 
form so that the pressure distributions at subsequent times 
are parallel as illustrated by the pressure distributions at 
times r 3 , r 4 , and t 5 . This situation will continue with con¬ 
stant changes in pressure with time at all radii and with 
subsequent parallel pressure distributions until the res¬ 
ervoir is no longer able to sustain a constant flow rate 
at the wellbore. This will occur when the pressure at the 
well, p w , has reached its physical lower limit. 

Pseudo-steady-state flow occurs in the reservoir after 
it has been produced at a constant rate for a long enough 
period of time to cause a constant change in pressure at 
all radii, resulting in parallel pressure distributions and 



Fig. 3-3. Unsteady-state radial flow with constant produc¬ 
ing rate pseudo-steady-state t 2 to t s . From Slider, Practical 
Reservoir Engineering Methods, copyright 1976, PennWell 
Books. 


corresponding constant rate distributions. Pseudo-steady- 
state flow is a specialized case of unsteady-state flow 
and is sometimes referred to as stabilized flow; Most of 
.the life of a reservoir will exist ih'pseudo-steady-state 
flow.. '" K 


Flow Equations 

From the previous description of the various flow re¬ 
gimes it is obvious that a particular well will be oper¬ 
ating in each of these regimes at some time in the life 
of the well. The applicable equations for each flow re¬ 
gime will be derived or presented in this section. 

Steady-State Flow 

Darcy’s Law for flow in a porous medium is 
k dp 

v =- or, 

p. dx 

kA dp 

q = vA = -— (3-i> 

p, dx 

where 

v = fluid velocity, 
q = volumetric flow rate, 
k = effective permeability, 
p, = fluid viscosity, and 
dp 

~ = pressure gradient in the direction of flow. 
dx 

Fox radial flow in which the distance is defined as pos¬ 
itive moving away from the well, the equation becomes 


kilixrh) dp 



where 


r = radial distance, and 
h = reservoir thickness. 

Darcy’s Law describes the pressure loss due to viscous 
shear occurring in the flowing fluid. If the formation is 
not horizontal, the hydrostatic or potential energy term 
must be included. This is usually negligible for gas flow 
in reservoirs. Equation 3-2 is a differential equation and 
must be integrated for application. Before integration the 
flow equation must be combined with an equation of state 
and the continuity equation. The continuity equation is 

Pi<?i = p 2<?2 = constant (3-3) 

From Chapter 2, the equation of state for a real gas 
is 
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pM 


The flow rate for a gas is usually desired at some stan¬ 
dard conditions of pressure and temperature, p sc and T sc . 
Using these conditions in Equation 3-3 and combining 
Equations 3-3 and 3-4: 

P<7 = Psc Qsc, 


or 


pM PscM 

q -= q sc -. 

ZRT Z SC RT SC 

Solving for q sc and expressing q with Equation 3-2 gives 
p T sc lirrhlc dp 
<? ' C PscZT |x dr 

The variables in this equation are p and r. Separating the 
variables and integrating: 



q S c Psc T [1Z f r ‘dr 

T sc litkh J ru r 


Qsc Psc T pZ 
T sc 2-nkh 


In (rjrj) 


or 

-nkh T sc (p e 2 - pj) 

q sc = - z --—. (3-5) 

Psc T \xZ In (rjrj 

In this derivation it was assumed that p. and Z were 
independent of pressure. They may be evaluated at res¬ 
ervoir temperature and average pressure in the drainage 
area, 

. Pe + Pw 

P = — T-- 


Equation 3-5 is applicable for any consistent set of units. 
In so-called conventional oil field units the equation be¬ 
comes 


703 x 10 - b kh (p 2 - pj) 
TjxZln (r e /r n ) 


(3-6) 


where 


q sc = Mscf/day, 
k = permeability in millidarcies, 
h = formation thickness in feet, 
p e = pressure at r e , psia, 
p K = wellbore pressure at r K ., psia, and 
(I = gas viscosity, cp. 


This equation incorporates the following values for stan¬ 
dard pressure and temperature: 


p sc = 14.7 psia, 

T sc = 60°F = 520°R. 

These units will be used in all equations in the text un¬ 
less otherwise stated. 


Example 3-1: 

Given the following data, determine the wellbore pres¬ 
sure required for an inflow rate of 3900 Mscfd assum¬ 
ing steady-state flow. 


k = 1.5 md 
p e = 4625 psia 
r= 712°R = 252°F 
r e = 550 ft 


b = 30 ft 
|i = 0.027 cp 
y g = 0.76 
r w = 0.333 ft 


Solution: 

The solution is iterative since 


Z = f(p), where p = and 

p w is.the unknown. As a first estimate, assume Z = 

1 . 0 . 

First Trial 


2 _ 2 (L T In (r e /r w )q sc Z 

Pw Pe 703 x 10~ 6 kh 

. x _ (0.027)(712)(7-41 ,(3900) Z 
703 x 10” e (1.5)(30) 
p w 2 = 2.139 x 10 7 - 1.756 x 10 7 Z 
= 2.139 x 10 7 - 1.756 x 10 7 (1) 

, 2 = 3.83 x 10 6 p w = 1957 psia 
4625 + 1957 


P, 

P = 


3291 psia. Evaluation of Z at 3291 


psia and 712°R gives Z = 0.88 
Second Trial 

p w 2 = 2.139 x 10 7 - 1.756 x 10 7 (0.88) 

= 5.937 x 10® 

p w = 2436 psia p = 3530 psia 
At 3530 psia and 712°R, Z = 0.89 
Third Trial 

p w z = 2.139 x 10 7 - 1.756 x 10 7 (0.89) 

= 5.762 x 10® 

p w = 2400 psia p = 3512 psia Z = 0.89 

Since the value for Z is the same as for Trial 2, the- 
solution has converged and the required well pressure is 
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2400 psia. The solution would have been more compli¬ 
cated if a constant value for p had not been assumed. 

The above treatment of steady-state flow assumes no 
turbulent flow in the formation and no formation or skin 
damage around the wellbore. The effects of turbulence 
and skin will be examined in a following section. 

<AIthough steady-stale flow in a gas reservoir is seldom 
reached^ 4he„. conditions around the wellh nrecanap ^ 
/ proach steady-state. The steady-state equation including 
turbulences ^ 

2_ 2 _ 1422 T |i Z q sc In (rjr w ) 

Pe kh 

, 3.161 X lQ- n $ZqjT ( 1 l\ 

h 2 U rj' (3 ' 7) 

The first term on the right hand side is the pressure 
drop from laminar or Darcy flow, while the second term 
gives the additional pressure drop due to turbulence. If 
the fluid properties are known and the permeability is 
known from some source such as a drawdown test, the 
turbulent effects can be calculated using the results of a 
test. This will be used later to distinguish between actual 
formation damage and turbulence. Values of the velocity 
coefficient (3 for various permeabilities and porosities can 
be obtained from Figure 3-4 1 or calculated from Equa¬ 
tion 3-8. 

_ 2.33 x 10 10 

P ~ — ( 3 ~ 8 > 

where k is in millidarcies. 


Pseudo-Steady-State Flow 

An equation for pseudo-steady-state flow can be de¬ 
rived that will show that 

_ 703 X 1Q~ 6 kh(p R 2 — p w 2 ) 

q ' c T (1Z In (0.472r,/r H1 ) ' (3 9) 

Although time does not appear explicitly in Equation 
3-9, it should be remembered that both p R and p„. will 
be declining at the same rate for a constant q once the 
pressure disturbance has reached the reservoir boundary. 

The effects of skin damage and turbulence are some¬ 
times included in Equation 3-9 as follows: 

703 X 1CT 6 kh (p R 2 — p w 2 ) 
qsc TjxZ [In (A12r e /r„) + S + D q sc ] °' W) 

where 


S = dimensionless skin factor, and 
D - turbulence coefficient. 

It is frequently necessary to solve Equation 3-10 for 



pressure or pressure drop for a known q sc . 

2 2 _ 1422 T (i Z q sc 

”■ ~ p • — H — 

• [In (.472 r e /r w ) + S + D q sc ] o-i i) 

Unsteady-State Flow 

It was stated earlier that any well flows in the un¬ 
steady-state or transient regime until the pressure dis¬ 
turbance reaches a reservoir boundary or until interfer¬ 
ence from other wells takes effect. Although the flow 
capacity of a well is desired for pseudo-steady-state or 
stabilized conditions, much useful information can be 
obtained from transient tests. This information includes 
permeability, skin factor, turbulence coefficient, and av¬ 
erage reservoir pressure. The procedures are developed 
in the section on transient testing. The relationships among 
flow rate, pressure, and time will be presented in this 
section for various conditions of well performance and 
reservoir types. It will be seen that the steady-state and 
pseudo-steady-state equations can be obtained from so¬ 
lution of the diffusivity equation as special cases. 

The diffusivity equation can be derived by combining 
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TABLE 3-1 

Dimensionless Variables 

Dimensionless 


Variable 

Symbol 

Definition 



f2.64xl<r 4 kt 

Time 


.— (3-13) 

Radius 

f D 

- (3-14) 
r w 

Flow rate 


1422 TqscZii 

Qd 

., a (3-15) 

khpf 


Pressure 

Pd 

P 2 

— (3-16) 


A do 



pf - p 1 2 

Pressure drop 

Ap 0 

— t r- ( 3 4 - 17 ) 

A do 


Case 1 

The most useful solution for transient flow is the so- 
called line source solution. The solution is 

A p D = -0.5 E t ( —— ) . 0-19) 

V 4 t D ) 

Values for the £, or exponential integral term as a 
function of t D can be found in various mathematics hand¬ 
books, but for all practical purposes the function may be 
represented by a logarithmic approximation. That is, 

Ap 0 = 0.5 (In t D + 0.809) (3-20> 

Once a value of the dimensionless pressure drop A p D 
is obtained, the actual pressures may be calculated by 
using the definition of A p D from Table 3-1. 


an unsteady-state continuity equation with Darcy’s Law 
and the gas equation of state. The equation is 


d 2 p 2 1 dp 2 _ c|> p, C dp 2 
dr 2 r dr k dt 


(3-12) 


This equation can be solved for pressure as a function 
of flow rate and time, but the solutions and application 
of the solutions are simplified if the diffusivity equation 
is written in dimensionless form. This is accomplished 
by defining the following dimensionless variables: 

The following units are to be used in calculating val¬ 
ues for the dimensionless numbers in Table 3-1: 


k = millidarcies 

C = psi 

t — hours 

r = ft 

p = cp 

T = ° R 

q sc - Mscfd 

h = ft 

p = psia 



The diffusivity equation in dimensionless variables 
becomes 

d 2 A p D 1 d A p D d A p D 

- — H-= -. (3-18) 

d r D r D d rp dt D 


Example 3-2: 

Using the following data and assuming the well is still 
in the transient regime, calculate the pressure at the 
well after a flowing time of 1.5 days. 


h = 36 ft 
4> = 0.15 
k = 20 md 
Pi = 2000 psia 
r„ = 0.4 ft 
r a = 2000 ft 


T = 580°R 
q sc = 7000 Mscfd 
Z = 0.85 
|1 = 0.0152 cp 
C= 0.00061 psi -1 


Solution: 

Calculate t 0 for r = r w : 


l Dw 


2.64 X 1Q~ 4 AT 
(j) [x C r ^ 


2.64 X 10~ 4 (20)(36) 
0.15 (0.0152)(0.00061)(0.4) 2 


t Dw = 8.54 x 10 s 

A p D = 0.5 (In (8.54 x 10 s ) + 0.809) = 7.23 


do 


1422 Tq sc Z [1 

khpf 


Solutions to Equation 3-18 depend on the reservoir type 
and boundary conditions. The following solutions will 
be presented: 


1422(580)(7000)(0.85)(0.0152) 
20 (36)(2000) 2 

q D = 0.0259 


1. Constant rate at well, infinite-acting reservoir (tran¬ 
sient) 

2. Constant rate at well, finite-acting (closed) reservoir 
(pseudo-steady-state) 

3. Constant rate at well, constant pressure at outer 
boundary (steady-state) 

4. Constant well pressure 


Pw 2 = P / 2 - P 2 q D A p D 

= (2000) 2 - (2000) 2 (0.0259)(7.23) 
p w 2 = 3250972 p w = 1803 psia 

Equation 3-20 applies for values of dimensionless time 
based on the well’s drainage radius, t De less than 0.25. 
That is, the well will still be infinite-acting if 
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2.64 x 10” 4 kt 

Ge - - 7 .:.- 2 - < 0.25 (3-21) 

<(> (xCr e 

Another restriction on the validity of Equation 3-20 is 
that t D should be greater than 100. If t D is less than 100, 
the £, solution (Equation 3-19) must be used. 'For'most 
practical casesr D will be greater than 100. 

Equation 3-20 may also be used to calculate pressure 
at a location other than the well. That is, r need not 
always be r w . For the solution to be valid, the dimen¬ 
sionless time based on the radius of interest must be greater 
than 100. That is, 

2.64 x 1(T 4 kt 

G _ --■ ■ ■■ _ - > 100. (3-22) 

<j)(iCr 

Case 2 

The solution for wells that have reached pseudo-steady- 
state was presented by Van Everdingen and Hurst 2 in 
1949. The solution can be applied to calculate the pres¬ 
sure at any radius where the flow rate is known, which 
effectively limits its application to calculating well pres¬ 
sures. The solution is presented both in graphical form 


and equation form. Values of A p D versus t Dw are pre¬ 
sented in Figure 3-5 for various reservoir sizes, that is 
for various values of r De . The equation form of the so¬ 
lution is 


A p D „ 


2 t Dw 

~ + In (0.472 r Dc ) 
r D e 


(3-23) 


Example 3-3: 

Using the data given in Example 3-2, find the pressure 
at the well after the well has been flowing for 1800 hours. 


Solution: 

Check for finite or pseudo-steady-state validity: 

2.64 x 10~ 4 kt 
Ids — r~rs — 5 — 

4> m- C rf 

2.64 x 1Q~ 4 (20)(1800) _ 

~ 0.15(0.0152)(0.00061 )(2000) 2 " 171 

Since t De > 0.25, the well is finite acting. 
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= 4.271 x 10 7 (>100) 

r ^ 



2000 

0.4 


5000 - 


Apo* = + In (0.472 r^) 

roe 


2 (4.271 x IQ 7 ) 
(5000) 2 

= 3.417 + 7.766 
Apow = 11.183 


+ In (0.472 (5000)) 


From Example 3-2, q D = 0.0259 
P* 2 = P? (1 - q D A Pow) 

= (2000) 2 (1 - 0.0259 (11.183)) 
p w 2 = 2.841 x 10 6 p w = 1686 psia 


Case 3 

If a well is producing from a reservoir with constant 
pressure at the outer boundary, that is, in the steady-state 
condition, the solution to the diffusivity equation is 


t\p D = In r De . 0-24) 

In this case the fixed pressure used in the definition 
of A p D is p e rather than p h where p e is the constant pres¬ 
sure at the outer boundary. Substituting the definitions 
of the dimensionless variables will result in Equation 3- 
6 presented earlier for steady-state flow. 


Case 4 

The constant pressure solution to the diffusivity equa¬ 
tion can be expressed as a function of a dimensionless 
cumulative production, Q, D . Q, D is defined as 


QiD 


_ g p zt _ 

0.111 <t>/zr„ 2 C(p, 2 -p B 2 )’ 


(3-25) 


where G P is the cumulative gas produced in Mscf. Val¬ 
ues of Q tD as a function of dimensionless time and radius 
have been presented both graphically and in table form. 
Figures 3-6 and 3-7 show values of Q, D versus t D . 


Noncircular Reservoirs 

All of the previous equations were based on a single 
well draining a circular reservoir, which is rarely ever 



Fig. 3-6. Constant pressure functions. From Slider, Practical Reservoir Engineering Methods, copyright 1976, Penn Well 
Books. 
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Fig. 3-7. Constant pressure functions. From Slider, Practical Reservoir Engineering Methods, copyright 1976, PennWell 
Books. 


the actual case. The pressure behavior depends on the 
shape of the reservoir and the location of the well rel¬ 
ative to the boundaries. The time to reach stabilized or 
pseudo-steady-state flow also depends on these factors. 

The previous equations have been modified by Dietz 4 
as follows. If the well is still infinite-acting, 


Example 3-3a: 

Rework Example 3-3 if the well is located in the center 
of a rectangular shaped (1x4) drainage area con¬ 
taining 220 acres. 

(9.58 x 10® ft 2 ). 


, ( A tn A \ 

A p D = 0.5 | In j-j + .809 |, (3-26) 

where A is the drainage area. For pseudo-steady-state. 


A p D = 0.5 


A \ 

* 

In —— 

+ .809 

. W cj_ 



+ 2tT t DA . (3-27) 


Calculation of t DA is based on the drainage area and is 
defined as 


tnA 


2. 64 x IQ" 4 fa 
4> |1 C A 


(3-28) 


Solution: 

Check for pseudo-steady-state: 

t 2.64 x 1Q~ 4 (20)(1800) 

M ~ 0.15 (0.0152)(0.00061 )(9.58 x 10®) “ °‘ 71 

Since t DA > 0.7, the well is in pseudo-steady-state flow. 
From Table 3-2, C A = 5.38 and 

/ 9.58 x 10® \ 

4 f, °'°' 5 ( ln M^ijj + 809 + 2, " 0 - 7,) 

A p D = 8.517 + 4.461 = 12.978 

Pw 2 = Pi (1 - q D a Pd) = (2000) 2 (1 - 0.0259(12.978)) 

p,, 2 = 2.655 x 10® p w = 1630 psia 


The shape factor C A , as well as the value of t DA required 
to reach pseudo-steady-state flow can be obtained from 
Table 3-2. 


Rock Permeability 

All of the equations for reservoir gas flow contain rock 
and fluid properties that must be known in order to be 
















as Productio 

TABLE 3-2 

PSEUDO-STEADY STATE SHAPE FACTORS FOR VARIOUS RESERVOIRS 


IN BOUNDED RESERVOIRS 


0 

□ 

0 

A 


STABILIZED 

CONDITIONS 

Inc* C A FOR !n A ■ ' 


3.45 31.6 0.1 


3.43 30.9 0.1 


3.45 31.6 0.1 


3.32 27.6 0.2 


STABILIZED 
CONDITIONS 
C A FOR t DA > 


1 2.38 10.8 


11 1.58 4.86 1.0 


11 0.73 2.07 0.8 


11 1.00 2.72 0.8 


l! -1.46 0.232 2.5 


3.30 27.1 0.2 


1i -2.16 0.115 3.0 


| • |i 


3.09 21.9 0.4 


3.12 22.6 0.2 



1.22 3.39 0.6 


l 1.14 3.13 0.3 


• 

- L. 

00 

5.38 

0.7 

-•’ 

4 




2 

• 

Zl' 0,86 

2.36 

0.7 

+ + + ^ 


-0.50 0.607 1.0 


1 - 2.20 0.111 1.2 


2.56 12.9 0.6 


1.52 4.57 0.5 



4 -2.32 0.098 0.9 


IN WATER-DRIVE RESERVOIRS 

2.95 19.1 0.1 

IN RESERVOIRS OF UNKNOWN PRODUCTION CHARACTER 

3.22 25 0.1 


Permission to publish by the Society of Petroleum Engineers of AIME. Copyright 1965, SPE-AIME 
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applied. The fluid properties were presented in Chapter 
2. The only rock property involved in the equations is 
permeability. In many cases the flow equations will be 
used to determine permeability by measuring pressures 
and flow rates. This will be discussed in detail in a sub¬ 
sequent section. 

A brief review of the behavior of effective or relative 
permeability when more than one fluid is present in the 
rock is given. In most dry gas reservoirs only gas will 
be flowing even though connate water will be present. 
In this case the permeability to gas will remain fairly 
constant over the life of the reservoir. If liquid conden¬ 
sation occurs in the reservoir the permeability to gas will 
decrease. Condensation of water vapor can also occur 
near the wellbore in some cases, which will also reduce 
the permeability to gas in this zone. 

The absolute permeability of a rock is defined as a 
measure of the rock’s ability to transmit a fluid when it 
is completely saturated with the flowing fluid. The ef¬ 
fective permeability to a particular fluid is a measure of 
the ability of the rock to transmit that fluid in the pres¬ 
ence of other fluids. The effective permeability to gas 
must be used in all of the flow equations presented ear¬ 
lier. 

Permeability data are frequently presented as relative 
permeability. This is the ratio of effective to absolute 
permeability and therefore varies from zero to one. 

Figure 3-8 presents typical oil and gas relative per¬ 
meability as a function of liquid saturation. Similar data 
can be developed for any reservoir and fluid system by 



Fig. 3-8. Gas-oil relative permeability data. From Slider, 
Practical Reservoir Engineering Methods, copyright 1976 , 
Penn We 11 Books. 


core analysis. This figure illustrates that the ability of 
the gas to flow is not seriously impaired until liquid sat¬ 
uration builds up to the point at which liquid begins to 
flow, about 35% in this case. It can also be seen that 
there is a gas saturation below which gas will not flow. 
This is the equilibrium or critical gas saturation and can¬ 
not be recovered. 


Well Deliverability or Capacity 

The stabilized flow capacity or deliverability of a gas 
well is required for planning the operation of any gas 
field. The flow capacity must be determined for different 
back pressures or flowing bottom-hole pressures at any 
time in the life of the reservoir and the change of flow 
capacity with average reservoir pressure change must be 
considered. The flow equations developed earlier are used 
in deliverability testing with some of the unknown pa¬ 
rameters being evaluated empirically from well tests. 

The most common method for determining gas well 
deliverability is called multipoint testing, in which a well 
is produced at several different rates (usually four) and 
from measured flow rates and well pressures, an inflow 
performance equation can be evaluated. There are ba¬ 
sically two types of tests that can be conducted: the flow- 
after-flow test and the isochronal test. The isochronal 
test has been modified for very tight wells, but the mod¬ 
ification cannot be theoretically justified. 

The theory behind the tests is based on the pseudo¬ 
steady-state flow equation, Equation 3-11. Equation 3- 
11 may be written as follows: 

Pr ~ pf = Aq sc + Bqf <3-!i) 

where 


B 


1422 T|1Z 
kh 

1422 T\iZ 
kh 


In 


D. 


.472 r, 


+ S I, and 


It is sometimes convenient to establish a relationship 
between the two parameters that indicate the degree of 
turbulence occurring in a gas reservoir. These parame¬ 
ters are the velocity coefficient and the Turbulence Coef¬ 
ficient D. Equation 3-7 can be written for pseudo-steady- 
state flow as 


Pr - /V = 1422 J (1 Z In 


.472 r. 


+ S <7*- 


3.161 x io~ 12 7 s zrp 
rjr 


(3-29) 


This form of the equation includes the assumption that 
r e » r u „ Equating the terms multiplying q sc 2 in Equa- 
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tions 3-11 and 3-29 yields 

1422 T p. Z 3.161 x 1(T 12 y g ZT 
kh r„h 2 


or 

2.22 x 10~ 15 y. k 

D = -—-—P 

\ihr K 


Expressing P in terms of permeability from Equation 
3-8, the above expression becomes 


5.18 x 10~ 5 y g 
I lhr w k 02 


(3-30) 


Equation 3-11 can also be written in the form 

q K = C (p R 2 - p w f) n . (3-3i) 

For wells in which turbulence is important the value 
of n approaches 0.5, while for wells in which turbulence 
is negligible, n approaches 1.0. In most cases the value 
of n obtained from well tests will fall between 0.5 and 
1 . 0 . 

If values for the flow coefficient C and exponent n 
can be determined, the flow rate corresponding to any 
value of p^ can be calculated and an inflow performance 


curve can be constructed. A parameter commonly used 
to characterize or compare gas wells is the flow rate that 
would occur if p nf could be brought to zero. This is called 
the Absolute Open Flow Potential, or AOF. 

Examination of Equation 3-31 reveals that a plot of 
A(p 2 ) = pR - p H / versus q sc on log-log scales should 
result in a straight line having a slope of l/n. At a value 
of A {p 2 ) equal to one, C = q sc . This is made evident by 
taking the log of both sides of Equation 3-31. 

log (p R 2 - p M/ 2 ) = - log q sc - - log C 
n n 

Once a value of n has been determined from the plot, 
the value of Q C can be calculated by using data from one 
of the tests that falls on the line. That is, 


C 


qsc 


( Pr 


_ 2\n 

Pwf ) 


Flow-After-Flow Tests 

A flow-after-flow test starts from a shut-in condition. 
The well is opened on a particular choke size and is not 
disturbed until the flow rate and p Kf stabilize. This may 
require a considerable amount of time, depending on the 
permeability of the reservoir. A well is usually consid- 



Fig. 3-9. Conventional test—flow rate and pressure diagrams. 
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ered to be stabilized if the pressure does not change over 
a 15-minute interval. Once stabilization is reached, q sc 
and p wf are measured, the rate is changed, and the pro¬ 
cedure repeated for several flow rates, usually four. The 
behavior of flow rate and pressure with time is illustrated 
in Figure 3-9 for q sc increasing in sequence. The tests 
may also be run in the reverse sequence. A plot of typ¬ 
ical flow-after-flow data is shown in Figure 3-10. 


Example 3-4: 

A flow-after-flow test was performed on a well located 
in a low pressure reservoir in which the permeability 
was high. Using the following test data, determine: 

1. The values of n and C for the deliverability equation 

2. The AOF. 

3. The 'flow rate for = 160 psia. 


Solution: 

Test 

q sc , Mscfd 

Pwt, psia 

(Pr - pj) x 10- 3 


0 

201 (p R ) 

40.4 (p„ 2 ) 

1 

2730 

196 

1.985 

2 

3970 

195 

2.376 

3 

4440 

193 

3.152 

4 

5550 

190 

4.301 


A plot of q sc versus A(p 2 ) is shown in Figure 3-11. 
From the plot it is apparent that tests 1 and 4 lie on 
the straight line and can thus be used to determine n. 


n _ log <7i - log Qa 
log A (p 2 )i - log A (p 2 )„ 

log(2730) - log(5550) 

fl — ——-———--— — n qp 

log(1.985 x 10 3 ) - log(4.301 x 10 3 ) 

Using Test 4 to calculate C: 

^ _ Qsc _ 5550 _ o Mscfd 

(Pf ~ pJT ~ (4.301 x 10 3 ) 092 ~ 2 ' 52 

Therefore, the deliverability equation is 

1. q sc = 2.52 (pf - pj)^ 

2. For Pw , = 0,q x = 2.52 (201 2 -0 2 ) 92 = 43,579 Mscfd 

3. For p^ = 160 psia, 

Psc = 2.52 (201 2 - 160 2 )' 92 = 17,300 Mscfd 

A plot such as Figure 3-11 may be used directly to 
obtain the AOF and the well’s inflow performance with¬ 
out calculating values for C and n. The AOF is deter¬ 
mined by entering the ordinate at p R 2 and reading the 
AOF as 43.6 MMscfd. An inflow rate at any value of 
p H/ can be obtained by entering the ordinate at the ap¬ 
propriate value of A p 2 = pf — pf and reading the rate 
from the abscissa. 

Isochronal Testing 

The isochronal, or equal time, test is based on the the¬ 
ory that at equal flow times the same volume of reservoir 
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is affected regardless of flow rate. The isochronal testing 
method, as introduced by Cullender 5 in 1955, has been 
modified to require even shorter testing times. The mod¬ 
ified isochronal test is described in the next section. 

The isochronal test was proposed as a means of de¬ 
termining deliverability in tight wells that require a long 
period of time to reach stabilization. At least one sta¬ 
bilized point is still required to evaluate the coefficient 
C in Equation 3-30. The procedure for conducting an 
isochronal test is: 

1. Starting at a shut-in condition, open the well on a 
particular choke size for a period of time. Measure 
q sc and p wf at specific time periods for this choke size. 

2. Shut the well in until the pressure returns to p R . 

3. Open the well on a larger choke size and measure q sc 
and p wf at the same flowing time intervals as in Step 

1. The total flow periods do not have to be of equal 
length but they usually are. 

4. Shut the well in until the pressure returns to p R . 

5. Repeat for several choke sizes, usually four. 

6. On the last choke size, allow the well to flow until 
a stabilized condition is reached. This may require 
several hours or even days, but only one rate has to 
be flowed for the long period as compared to all the 
rates for flow-after-flow testing. 


Solution: 



t = 

3 hr 


f = 6 hr 

Qsc> 

Mscfd 

pwf 

Pr - pJ 
x 10~ 3 

Pwt 

Pr - Pwt 2 

X 10~ 3 

2600 

1793 

597 

1761 

709 

3300 

1757 

724 

1657 

1064 

5000 

1623 

1177 

1510 

1530 

6300 

1505 

1545 

1320 

2068 

6000 

Extended 

flow, 

t = 72 hr 

1151 

2485 


1. The slopes of both the 3 hr and 6 hr lines are ap¬ 
parently equal (Fig. 3-14). Using the first and last 
points on the 6 hr test to calculate n gives: 

_ log q 1 - log g 4 
n log A(p 2 )! - log A(p 2 ) 4 

= log(260Q) - log(6300) = Q g3 
log (709) - log(2068) 

Using the extended flow test to calculate C: 

n 6000 

c =-—---- 0.0295. 

(PR Z -pJ) n (2485 X 10 3 ) 0 ' 83 

Therefore, the deliverability equation for q x in Mscfd 
is 

q S c = 0.0295 (p fl 2 - pj) 0 83 


The behavior of the flow rate and pressure with time 
is illustrated in Figure 3-12 for increasing flow rates. 
The reverse order could also be used. 

The test is analyzed by plotting p R - p w ? versus q sc 
on log-log paper for each flow time at which the data 
were measured. This will produce one straight line for 
each flow time, the slopes of which will be equal. The 
slope allows dete,rmination of the exponent n, while the 
flow coefficient C can be determined using the stabilized 
or extended flow rate. A plot of typical isochronal flow 
data is shown in Figure 3-13. 


Example 3-5: 

An isochronal test was conducted on a well located in 
a reservoir that had an average pressure of 1952 psia. 
The well was flowed on four choke sizes, and the flow 
rate and flowing bottom-hole pressure were measured 
at 3 hr and 6 hr for each choke size. An extended test 
was conducted for a period of 72 hr at a rate of 6.0 
MMscfd, at which time p wf was measured at 1151 psia. 
Using the preceding data, find the following: 

1. Stabilized deliverability equation. 

2. AOF. 

3. Generate an inflow performance curve. 


2. To calculate AOF , set p wf = 0: 

q sc = 0.0295(1952 2 - O) 083 = 8551 Mscfd 

3. In order to generate an inflow performance curve, 
pick several values of p wf and calculate the corre¬ 
sponding q sc . 


Pwt, psia 

q sc , Mscfd 

1952 

0 

1800 

1768 

1400 

4695 

1000 

6642 

600 

7875 

200 

8477 

0 

8551 


The inflow performance curve is plotted in Figure 3- 
15. 

If the log-log plot is used to determine the absolute 
open flow or the inflow performance, the line drawn 
through the stabilized test must be used. 

Modified Isochronal Testing 

The modified isochronal testing procedure was intro¬ 
duced so that even less flowing time is required for the 
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well test. The procedure is very similar to the isochronal 
test, except that the shut-in period between each flow 
rate is not long enough to allow the well to return to the 
initial average reservoir pressure. In the modified method 
the well is shut-in for the same length of time that it was 
allowed to flow for each choke size. During this time 



Fig. 3-14. Plot of Ap 2 versus q sc -isochronal test. 


the static well pressure will rebuild to some value, 
which will be lower after each flow period. The flow 
rate-pressure behavior with time is shown in Figure 3- 
16. An extended flow period is still required to evaluate 
the flow coefficient, C. The analysis is the same as the 
regular isochronal test, with the exception that 
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Fig. 3-15. Inflow performance curve, Example 3-5. 


A( P) Pwsi Pwfi 

is plotted versus q sc to obtain a value for n. The value 
of C is calculated using the initial static or average res¬ 
ervoir pressure and the extended test values for p wf and 
q sc . Figure 3-17 illustrates a plot of typical modified iso¬ 
chronal test data. 

Jones, Blount and Glaze Method 

The method of plotting test data which was proposed 
by Jones, et al., 7 can be applied to gas well testing to 
determine real or present time inflow performance re¬ 
lationships. The analysis procedure allows determination 
of turbulence or non-Darcy effects on completion effi¬ 
ciency irrespective of skin effect and laminar flow. The 
procedure also evaluates the laminar flow coefficient A, 
and if k g h is known, an estimate of skin effect can be 
made. The data required are either two or more stabi¬ 
lized flow tests or two or more Isochronal flow tests. At 
least one stabilized flow test is required to obtain a sta¬ 
bilized value of the laminar coefficient A. No transient 
tests are required to evaluate the completion efficiency 
if this method is applied. Jones, et al., also suggested 
methods to estimate the improvement in inflow perfor¬ 
mance which would result from reperforating a well to 
lengthen the completion interval and presented guide¬ 


lines to determine if the turbulent effects were excessive. 
Equation 3-11 can be divided through by q sc and written 
as 


<Jsc 

where A and B are the laminar and turbulent coefficients 
respectively and are defined in Equation 3-11. From 
Equation 3-11 it is apparent that a plot of (p R 2 — p w /)/ 
q sc versus q sc on cartesian coordinates will yield a line 
that has a slope of B and an intercept of A = A (p 2 )/q sc 
as q sc approaches zero. These plots apply to both linear 
and radial flow, but the definitions of A and B would 
depend on the type of flow. 

In order to have some qualitative measure of the im¬ 
portance of the turbulent contribution to the total draw¬ 
down, Jones, et al., suggested comparison of the value 
of A calculated at the AOF of the well (A'), to the sta¬ 
bilized value of A. The value of A' can be calculated 
from A' = A + BiAOF) 
where 

-A + [A 2 + 4 Bp R 2 ] 05 

AOF = - - ( 3 - 32 ) 

2 B 

Jones, et al., suggested that if the ratio of A' to A was 
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Fig. 3-16. Modified isochronal test. 



greater than 2 or 3, then it is likely that some restriction 
in the completion exists. They also suggested that the 
formation thickness h used in the definition of B could 


be replaced by the length of the completed zone h p , since 
most of the turbulent pressure drop occurs very near the 
wellbore. The effect of changing completion zone length 
on B and therefore on inflow performance can be esti¬ 
mated from 



where 

B 2 = turbulence multiplier after recompletion, 
B\ = turbulence multiplier before completion, 
h p2 = new completion length, and 
h p i = old completion length. 


Example 3-5a: 


A four-point test was conducted on a gas well that had 
a perforated zone of 20 ft. Static reservoir pressure is 
5250 psia. Using the Jones, et al., method, determine: 

1 . A and B 

2. AOF 

3. Ratio of A'/A 

4. New AOF if the perforated interval is increased to 
30 ft. 
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Test Data 


Test No. 

q x , Mscfd 

Pwi, psie 

1 

9300 

5130 

2 

6000 

5190 

3 

5200 

5203 

4 

3300 

5225 


Solution: 


Test No. 

q x , Mscfd 

(Pr - Pj)ldsc, 
psia 2 /Mscfd 

1 

9300 

133.9 

2 

6000 

104.4 

3 

5200 

94.5 

4 

3300 

79.4 


1. From a plot of this data it is found that 
A = 48 psia 2 /Mscfd 
B = 9.24 x 1CT 3 psia 2 /Mscfd 2 

_ -48 + [48 2 + 4(9.24 x 1(r 3 )(5250) 2 ] 0 5 
2 ' A ° F ~ 2(9.24 xIO -3 ) 

AOF = 52,080 Mscfd 

3 . A' = 48 + 9.24 x 10~ 3 (52080) = 529 
A'/A = 529/48 = 11 

4. B 2 = e,(h pl //7 p2 ) 2 

B 2 = 9.24 x 10~ 3 (20/30) 2 = 4.1 x 1(T 3 


AOF -p 


-48 + [48 2 + 4(4.1 x 10” 3 )(5250) 2 ] 1 


2i0.5 


2(4.1 x 1CT 3 ) 
AOFz = 76,340 Mscfd 


ability reservoirs, especially if a well is draining a large 
area. 

Several methods have been proposed for obtaining a 
deliverability equation without a stabilized test. 6,7 ’ 8 Es¬ 
sentially the only difference in these methods is the method 
used to obtain the coefficients A and B in Equation 3- 
11. A method presented by Brar and Aziz 8 will be de¬ 
scribed in this section. 

The pseudo-steady-state equation for gas flow is 

A (p 2 ) = p R 2 ~ p wf 2 - Aq sc + Bq 2 (3-ip 


For unsteady-state flow, A varies with time and will be 
written as A,. The equations can be written in terms of 
common logs rather than natural logs. For pseudo-steady- 
state 


A {p 2 ) - 2m 



+ 


5 

2.303 


Qsc 


where 


+ 0.869 mDq 2 
16377jlZ 


m 


For transient flow, 
A (p 2 ) = m[log 


\<|)p.Cr„, 2 / 


kh 


- 3.23 + .8695 


( 3 - 34 ) 


( 3 - 35 ) 


+ 0.869 mDq S) 


( 3 - 36 ) 


Comparing Equations 3-34 and 3-36 to Equation 3-11 
implies that 


A = 2m 


log 


QA12r e \ S 


2.303 


( 3 - 37 ) 


The value of A' calculated in the previous example 
indicates a large degree of turbulence. The effect of in¬ 
creasing the perforated interval on the AOF is substan¬ 
tial. Further implications of the effects of well comple¬ 
tion efficiency will be discussed in the section on Well 
Completion Effects. 


A,= 


m 



- 3.23 + 0.8695 


( 3 - 38 ) 


and 


B = 0.869 mD ( 3 - 39 ) 


Laminar Inertia Turbulence (LIT) Analysis 

All of the previously described methods for predicting 
gas well deliverability or inflow performance require at 
least one test conducted for a period long enough to reach 
stabilization. Equation 3-21 can be used to calculate the 
approximate time to stabilization as follows: 

950<f>ji Cr 2 380<|>|ICA 

t s = - = - ( 3 - 33 ) 

k k 

This can be a very long period of time in low perme- 


The object of the analysis is to be able to determine 
the values of A and B for stabilized flow, then Equation 
3-11 can be used to calculate inflow performance. The 
skin factor 5, the turbulence coefficient D, and the per¬ 
meability k can also be determined. 

Equation 3-36 may be written as 


q sc 

where A, and B are defined in Equations 3-38 and 3-39 
respectively. The value of A, will increase with time until 
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stabilized flow is reached. A plot of A(p 2 )/q sc versus q 5C 
on cartesian coordinates will result in a series of straight, 
parallel lines having slopes equal to B and intercepts A, 
equal to A(p 2 )/q sc for each flow time. The slopes and 
intercepts can also be determined using least squares 
analysis. Equation 3-38 can be expressed as 


A, = m 


log 


4>P-CVu : 


- 3.23 + .8695 


+ m log t 


Therefore a plot of A, versus t on the semi-log scales 
will result in a straight line having a slope equal to m 
and an intercept at t = 1 hr (log 1 = 0) equal to A„. 
The procedure for analyzing an Isochronal test is: 


1. Determine A, and B from transient tests for several 
flow times using plots of Equation 3 : 36 or least 
squares. 

2. Plot A, versus t on semi-log scales to determine m 
and A n . 

3. Using the value of m, calculate k from Equation 3- 
35. 

4. Solve Equation 3-38 for S using the values of m, k, 
and A,,. 

5. Calculate a stabilized value for A using Equation 3- 
37. 

6. Using the value of B from Step 1, calculate D using 
Equation 3-39. 

7. Calculate the stabilized well performance from Equa¬ 
tion 3-11 using the stabilized values for A and B. 

The method of least squares may be used to determine 

A, and B from N transient flow tests. 


2^-2q 2 ~2A(p 2 )2q 

__ 

N2q 2 - 2q2q 

N2A(p 2 )~2^^-2q 

. _ <? 

N2q 2 - 2q2q 


( 3 - 40 ) 


( 3 - 41 ) 


Values for A, and B will be obtained for each time at 
which p Kf was measured. The value of B should be con¬ 
stant, and Brar and Aziz suggest using the value of B 
obtained from the longest flow test as the representative 
value. 


Example 3-6: 

A modified isochronal test was conducted using four 
different flow rates, and the flowing bottom-hole pres¬ 
sure was measured at periods of 1, 2, 4, 6, and 8 hours. 
The test data are tabulated below. 

p R = 922.6 psia 


r w = 0.23 ft (1 = 0.0116 cp 

4> = 0.23 Z = 0.972 

t = 582°R C = 0.00109 psia^ 1 

r e = 2000 ft 




P 

WS 



922.6 

921.9 

919.9 

917.6 


Pwt 

t 

q = 0.4746 

q = 0.8797 

q = 1.2716 

q = 1.6589 

1.0 

900.1 

863.0 

798.9 

676.3 

2.0 

897.1 

853.9 

769.9 

662.2 

4.0 

892.2 

833.0 

754.9 

642.0 

6.0 

890.1 

827.9 

732.8 

635.2 

8.0 

888.1 

825.1 

727.3 

629.3 


Use the test data to determine k, S, D, and the sta¬ 
bilized deliverability equation. 


Solution: 

Table 3-3 may be constructed to conveniently calculate 
the value for A, and B. To further illustrate the proce¬ 
dure, some of the entries for t = 2 hr are calculated. 
For q sc = 0.4746 MMscfd, 

A(p 2 ) = p MS 2 - pj = (922.6) 2 - (897.1) 2 
= 46,402 psia 2 

A(p 2 ) 46402 psia 2 Mosia 2 

q 0.4746 MMscfd MMscfd 

A = (677.583)(5.368) - (824.1 )(4.2 848) 

4(5.368) - (4.2848)(4.2848) 

Mpsia 2 

= 34.11 —-- 

MMscfd 

r = 4 (824.1) - (677,583 X4.2848) _ ^ _ Mpsia 2 
4(5.368) - (4.2S48) 2 ~ 126 ' 3 ° MMscfd 2 


The values calculated for A, are plotted versus t on 
semi-log paper in Figure 3-18. The slope of the line is 
m = 58.7 Mpsia 2 /MMscfd/cycle obtained by drawing 
a straight line through the last three points. The inter¬ 
cept at f = 1 hr can be read from the graph as 29.5 
Mpsia 2 /MMscfd. 

From Equation 3-35, 

k _ 1637T|1Z 1637(528)(0.0116X0.972) 

mh ~ (58.7)(12) 

k = 13.8 md 

Solving Equation 3-38 for S, using the value of A, at t 
= 1 hr: 



. m <J>| lCr w z 


+ 3.23 



h = 12 ft 
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86.410 

119.507 

163.550 

231.846 



0 97.76: 

5 137.26: 

199.331 
243.22 


4.2848 5.3680 738.72 601.313 824.10 677.58: 


A, = 20.11 
B = 121.57 


A, = 34.11 
6 = 126.30 


_ 13.8(1) _ 

.23(0.0116)(0.00109)(0.23) : 


+ 3.23 J (1.151) 

S = -4.22 

To obtain the turbulence coefficient, solve Equation 
3-39 for D: 

B 119.07 

D =-=-= 2.23 MMscfcT 1 

0.869m 0.869(58.7) 

Equation 3-34 may now be used to calculate A: 

f /.472(2000) \ (-4.22)1 

A = 2(58.7) log —■ — + —— L 
V 0.23 / 2.303 


4 = 209 


Mpsia 2 

The value chosen for B is 119.07 — 7 — 7-5 = 0.1191 

MMscfd 



Fig. 3-18. A, versus log t. Example 3-6. 


t = 4.0 


t = 8.0 


A P 2 

A P 2 

Ap 2 

Ap 2 

Ap 2 

Ap^ 

q 

q 

q 

55.17 

116.245 

58.91 

124.126 

62.47 

131.627 

156.01 

177.345 

164.48 

186.973 

169.11 

192.236 

276.34 

217.317 

309.22 

243.174 

317.25 

249.489 

429.83 

259.105 

438.51 

264.338 

445.97 

268.835 

917.35 

770.012 

971.12 

818.611 


842.187 

4 = 

65.15 

A = 

74.94 

4 = 

83.00 

B = 

118.89 

B = 

121.09 

B = 

119.07 


psia 

Mscfd 2 

The stabilized flow equation for determining inflow per¬ 
formance is then p„ 2 - p wf 2 = 209 + 0.1191 q s f for 
p in psia and q sc in Mscfd. 

Equation 3-29 may be solved for q sc to obtain 

-A + (A 2 + 4 B(p R 2 - pj)f- 5 

q^ = -—- ( 3 - 42 ) 

For A = 209 and B = 0.1191 

-209 + (43681 + 0.4764(p n 2 - pj)) 05 

q -- 

0.2382 

The AOF for this well can be calculated using p w , = 0 
as 


AOF = 


-209 + (43681 + 0.4764(922.6) 2 ) 0 


0.2382 


AOF = 1936 Mscfd 


Factors Affecting Inflow Performance 

Once a well has been tested and the deliverability or 
inflow performance equation established, it is sometimes 
desirable to be able to predict how changes in certain 
parameters will affect the inflow performance. These 
changes may be the result of reservoir depletion or time, 
or they may result from well workovers. 

The effects of various changes can be estimated by 
reference to Equations 3-31 and 3-10. 

qsc = C(PR ~P»f) n ( 3 - 31 ) 

Comparing this with Equation 3-10, it can be seen that 
the effects of turbulence, Dq sc are included in the ex¬ 
ponent n, and the coefficient C contains several param¬ 
eters subject to change. 

703 x 10~ 6 kh 

C = - - -;--- - ( 3 - 43 ) 

_ (,412r\ 

TpZ In - 1 + 5 


The possible causes of changes in each parameter are 
discussed and modifications of C are suggested. 
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—The only factor that has an appreciable effect on per¬ 
meability to gas, k is liquid saturation in the reservoir. 
As pressure declines from depletion, the remaining gas 
expands to keep S g constant, unless retrograde conden¬ 
sation occurs or water influx is present. For dry gas res¬ 
ervoirs, the change in k with time can be considered neg¬ 
ligible. 

—In most cases the value of formation thickness, h can 
be considered constant. A possible exception is if the 
completion interval is changed by perforating a longer 
section. It is likely that the well would be re-tested at 
this time. 

—Reservoir temperature, T will remain constant, except 
for possible small changes around the wellbore. 

—Gas Viscosity and Compressibility Factor, p, and Z 
are the parameters that are subject to the greatest change 
as p R changes. The best method to handle these changes 
will be discussed in a later section on pseudo-pressure 
analysis. An approximation of the effect of changes in 
p R on C can be made by modifying C as follows: 

Ci (pZ ) 2 

- = -—. ( 3 - 44 ) 

C 2 (jLZ), 

—The drainage radius, r e depends on the well spacing 
and can be considered constant once stabilized flow is 
reached. 


—The wellbore radius, r w can be considered to remain 
constant. It is possible that the effective wellbore radius 
can be changed by stimulation, but this can be accounted 
for in the skin factor. 

—The skin factor, S can be changed by fracturing or 
acidizing a well. The well should be retested at this time 
to re-evaluate both C and n. 

Example 3-7: 

Generate future inflow performance curves for the wei! 
in Example 3-5 at values of average reservoir pressure 
of 1500 psia and 1000 psia. The following additional 
data are known: 

•Y g = 0.70 Reservoir temperature = 200°F 
Solution: 

In order to correct for the changes in viscosity and 
compressibility factor, these will be calculated based 
on p R : 


Pr 

p 

Z 

pZ 

C 

' 1952 

0.0156 

0.86 

0.0134 

0.0295 

1500 

0.0148 

0.88 

0.0130 

0.0304 

1000 

0.0134 

0.91 

0:0122 

0.0324 

For p R = 

1500 psia, 

Qsc ~ 

0.0304(1500 2 

„ 2\0.83 

“ Pwf ) 

For p R = 

1000 psia, 

Q sc ~ 

0.0324(1000 2 

- pJ) 083 



Fig. 3-19. Inflow performance curve, Example 3-7. 
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Pw,, psia 

Qsci 

Mscfd 

Pf, = 1500 

p f , = 1000 

1500 

0 

— 

1200 

2437 

— 

1000 

3494 

0 

600 

4924 

2136 

300 

5501 

2861 

0 

5691 

3094 


The data are plotted in Figure 3-19. 


Transient Testing 

Methods have been presented for determining the sta¬ 
bilized deliverability or inflow performance of a gas well 
for use in planning equipment purchases and other field 
development procedures. 

Much useful reservoir information can be obtained from 
various types of unsteady-state or transient gas well tests. 
Information that can be obtained from transient tests in¬ 
cludes permeability k, skin factor 5, turbulence coeffi¬ 
cient D, and average reservoir pressure, p R . If a test is 
continued into the pseudo-steady-state flow regime, an 
estimate of reservoir size can be made. This is usually 
called a reservoir limit test. 

The most common transient tests are drawdown tests 
and buildup tests. Essentially the same information can 
be obtained from each. The choice of which type of test 
to run depends on well and field conditions. 

Any test that involves a change in flow rate is ana¬ 
lyzed based on the principle of superposition. This prin¬ 
ciple, as it applies to well testing, is briefly described. 

Principle of Superposition 

The superposition principle in effect states that if a 
pressure disturbance is created in a reservoir, the dis¬ 
turbance continues to travel through the reservoir even 
though the source of the disturbance may change or cease. 
This means that in order to determine the pressure at a 
location as a function of time, all of the pressure dis¬ 
turbance effects must be added. 

Superposition in Time. When the flow rate is changed 
in a well, the pressure disturbance caused by the pre¬ 
vious flow rate continues to affect the reservoir. As an 
analogy, when the source of a noise is stopped, the sound 
waves already emitted do not stop. Consider the case in 
which a well is produced at some rate q , for a time t x . 
The rate is then changed to q 2 and flow is continued. If 
the pressure is desired at some time t 2 , the effects of both 
rates must be considered. The flow rate and pressure be¬ 
havior are illustrated in Figure 3-20. 

Adding the effect of the two rates flowing for their 
respective times gives: 

pr - Ph/ = P, 2 PoiAp D1 + pfq D 2^PD2 (3-45) 


where 

14227Z(I 

<?£>1 — ~ 2 ’ (3 ' 46) 

khpj 

14227ZjL 

QD2 ~ T, 2 _ 9l)> (3-47) 

khpi 

A p D i is based on total flowing time, f, + t 2 , Ap D2 is 
based on flowing time t — t x . 

Superposition in Space. When more than one well is 
producing in a reservoir, the effects of both pressure dis¬ 
turbances must be added to calculate the total pressure 
effect at any point in the reservoir. This of course re¬ 
quires evaluation of pressure at points other than the well. 
This is the basis for interference testing involving two 
or more wells. Superposition in time and space can be 
applied simultaneously. 

Pressure Drawdown Testing 

Several important reservoir parameters can be deter¬ 
mined by flowing a well at a constant rate and measuring 
flowing wellbore pressure as a function of time. This is 
called drawdown testing and it can utilize information 
obtained in both the transient and pseudo-steady-state 
flow regimes. If the flow extends to pseudo-steady-state, 
the test is referred to as a Reservoir Limit Test and can 
be used to estimate the reservoir pore volume. Both sin¬ 
gle rate and two rate tests are utilized, depending on the 
information required. Some of the reservoir parameters 
which may be obtained from drawdown testing are flow 
capacity kh, skin factor S, and turbulence coefficient D. 

A drawdown test begins from a shut-in condition and 
a constant flow rate is maintained while pressure is mea¬ 
sured constantly. The early time pressure data will be 
affected by wellbore storage and is usually used only to 
determine the beginning of the transient flow period. This 
can be identified as the beginning of the straight line 
segment of the plot of (A p 1 ) versus time. 

The equation for transient flow. Equation 3-20, may 
be written including formation damage and turbulence 
effects as 

Ap D - 0.5(ln t D + .809) + S' (3-48) 

where 

5” = S + Dq sc 

S = actual well damage or improvement, such as 
clay swelling, or fractures, and may be positive 
or negative, 

D = turbulence coefficient, which will always be 
positive. 

In terms of real variables and common logs. Equation 
3-48 becomes 
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Fig. 3-20. Superposition. Courtesy the Energy Resources Conservation Board, Calgary. 


__ 2 _ ' 2 _ 

Pi p*f 


1637 g sc TpZ 
kh 


log t + log 


<i>|lCr H . 2 


3.23 + 0.8695' 


( 3 - 49 ) 


where k is in millidarcys. 

From this form of the equation it can be seen that a 
plot of A (p 2 ) vs. log t will give a straight line of slope 
m, where 

\S'Slq sc T\x2. 

m = - ( 3 - 50 ) 

kh 


from which kh can be calculated. To obtain S', let t = 
1 hr (log 1=0), then 


_ 2 

Pi hr 


m 


log 


4>|7CV„ 


- 3.23 + 0.8695' 


( 3 - 51 ) 


where p lhr is obtained from an extrapolation of the linear 
segment of the plot. Solving for S' in Equation 3-51 gives 


5' = 1.151 


Pi ~ Pi hr 


m 


log 


4>pC/v 


3.23 


( 3 - 52 ) 


Since S’ is rate dependent, two single rate drawdown 
tests may be conducted to determine 5 and D. That is, 
from the two tests, 

5', = 5 + Dq , 

S '2 = 5 + Dq 2 . 

The removable pressure drop due to actual damage can 
be calculated from 

A (p 2 )s — 0.869mS, ( 3 - 53 ) 

and the rate dependent pressure drop from 

A (p 2 ) D = 0.869 mDq sc . (3-54) 

An estimate of the beginning and end of the transient 
flow period can be obtained from the dimensionless time 
once an estimate of k is obtained from the analysis. The 
approximate range of dimensionless time for transient 
flow is 


0.03 < t De < 0.25. 

If the segment chosen for obtaining the straight line 
slope did not fall within this range, the data should be 
re-examined. 
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Example 3-8: 

The following data apply to a well on which a draw¬ 
down test was conducted. Use the data to calculate k 
and S'. 

Pi = 3732 psia T = 673°R h = 20 ft 

c|> = 0.10 r w = 0.29 ft r e = 2640 ft 

M- = 0.021 cp -ig = 0.68 Z = 0.85 

C = 2.2 x 10~ 4 psi -1 q sc - 5.65MMscfd 


Solution: 


t, hr 

P*t, psia 

A(p 2 ) = pf ~ pj, psia 2 x 10~ 6 

1.60 

3729 

0.022 

2.67 

3546 

1.354 

3.20 

3509 

1.615 

5.07 

3491 

1.741 

6.13 

3481 

1.810 

8.00 

3433 

2.142 

15.20 

3388 

2.449 

20.00 

3366 

2.598 

30.13 

3354 

2.679 

40.00 

3342 

2.759 

60.27 

3323 

2.885 

80.00 

3315 

2.939 

100.27 

3306 

2.998 

120.53 

3295 

3.071 


Gas Production Operations 

From the graph of A(p 2 ) versus log t (Fig. 3-21) the 
slope is 

3 x 10 6 - 2.42 x 10 6 

m =- 

log 100 - log 10 

= 5.8 x 10 s psia 2 /cycle, and 

1637g sc T|lZ 1637(5650)(9673)(0.021 )(0.85) 

kh =-=- - -, 

m 5.8 x 10 5 

kh = 192 md-ft, 

192 

k = -= 9.6 md. 

20 

To obtain p 1hr , extend the line to t = 1 hr and read 

A(p 2 ) = 1.84 x 10 6 psia 2 

f 1.84 x 10 s 

S' = 1.151 -- 

L0.58 x 10 s 

9.6 

- log--- 5 + 3.23 

0.1 (0.021 )(2.2 x 10” 4 )(0.29) 2 

S' = 1.151(3.172 - 8.393 + 3.23) = -2.29 

To estimate the extra pressure drop due to skin at 
the test flow rate, 



Fig. 3-21. Pressure drawdown test, Example 3-8. 
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Fig. 3-22. Two-rate test—flow rate and pressure diagrams. Courtesy the Energy Resources Conservation Board, Calgary. 


A(p 2 ) s . = 0.869 mS' = 0.869(5.8 x 10 s )(-2.29) 

A (p%. = -1.154 x 10 6 psia 2 

In order to check if the proper straight line segment 
was used to obtain the slope, the values of t corre¬ 
sponding to t De = 0.03 and t De = 0.25 are 38 and 318 
hr, respectively, using k = 9.6 md. The points used on 
the graph to obtain the line fall between t = 20 hr and 
t = 120 hr. 


Two-Rate Tests 

The two-rate test consists of flowing the well at a rate 
qi for a period t and then changing the rate to q 2 . The 
pressure and rate behavior are illustrated in Figure 3-22. 
By applying superposition in time it can be shown that 
a plot of 

A 2 (t + AA qn 

A (p~) versus log - + — log Ar 

V A t ) q x 

on cartesian coordinates will yield a straight line of slope 

1637 q { T g.Z 

m = -. 

kh 


If the data from the first flow period are analyzed to 
obtain S J, a value for S 2 can be calculated from 


qiS[ 


q 2 S 2 — 

(<?i ~ Ti) 

0.869 


<7i A (p\ - A(p 2 ) 0 


0.869 m 
k 


log 


<t>M-cr„.2 


- 3.23 


( 3 - 55 ) 


where 

A(p 2 ), is read at Ar = 1, 

A(p 2 ) 0 is read at Ar = 0. 

Reservoir Limit Test 

If a drawdown test is allowed to flow until the res¬ 
ervoir boundary is felt (pseudo-steady-state), the pres¬ 
sure behavior is governed by Equation 3-23 for circular 
reservoirs or by Equation 3-27 for noncircular reser¬ 
voirs. By rearranging Equation 3-23 and putting it in terms 
of real variables, it can be shown that a plot of A(p 2 ) 
versus time on cartesian coordinates will yield a straight 
line of slope m. This can be used to estimate the in place 
volume of gas in the reservoir, G. 

2.348 q sc T 

G = - 

p .Cm 

where G is the gas volume in MMscf. 

Pressure Buildup Testing 

A pressure buildup test is the simplest test that can be 
run on a gas well. If the effects of wellbore storage can 
be determined, much useful information can be ob¬ 
tained. This information includes permeability, k, ap¬ 
parent skin factor, S ’, and average reservoir pressure, 
Pr- 

The test consists of flowing the well at a constant rate 
q sc , for a period of time t, shutting the well in (at Ar = 
0), and measuring wellbore pressure increase with shut- 
in time Ar. 
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The test was developed by Homer 9 , and his method 
of analysis is generally considered best. Other methods 
include those of Miller, Dyes, and Hutchinson 10 and 
Muskat 15 . The method was extended to allow determi¬ 
nation of average reservoir pressure for bounded reser¬ 
voirs by Matthews, Brons, and Hazebroek (MBH) 11 . 

The theory behind the buildup test comes from su¬ 
perposition in time. In order to represent the shut-in con¬ 
dition, an injection rate of — q sc beginning at At = 0 is 
superposed on the flow rate q sc that began at time t = 
0. Writing Equation 3-48 for both q sc and —q x and add¬ 
ing the expressions results in 


Pi Pws 


kh 


From this expression it can be seen that a plot of p m 2 
versus log ((t + At)/At) will result in a straight line of 
slope m, where 

1637 q sc T \LZ 

m = - 7 "-, ( 3 - 50 ) 

kh 


from which kh or k can be determined. 

Extrapolation of the line to an infinite shut in time At, 
or (t + At)/At = 1, results in a value for pf for an in¬ 
finite reservoir. For a bounded reservoir this value is la¬ 
beled p * and can be used to obtain p R , as described later. 

The apparent skin factor can be determined by assum¬ 
ing that (t/(t + At)) ~ 1 at A( = 1 hr and using the 
following equation 

S' = 1.151 

where p lhl is read from the extrapolated straight line at 


„2 

Pm 


P»f 


m 


log — 


<|)pCr K . 


+ 3.23 


( 3 - 57 ) 


At - 1 hr, and p uf is the flowing wellbore pressure at 
shut-in (At = 0). The permeability k is in millidarcys in 
this equation. 

The value of p R for finite or bounded reservoirs may 
be determined using the MBH method. The value ob¬ 
tained from extrapolating the line to infinite At, referred 
to as p*, is neither the initial reservoir pressure p,, nor 
the average reservoir pressure p R . It is a pseudo-pressure 
that will fall between these values. p R can be obtained 
from p* by using curves prepared by MBH for various 
shapes of drainage areas. A relationship between p* and 
p R is plotted as a function of dimensionless time based 
on drainage area, t DA . 


2.64 x 1(T 4 kt 
4> p, C A 


( 3 - 28 ) 


where 


t = producing time before shut-in, hrs, and 
A = drainage area, ft 2 . 

The value obtained from the curves for the appropriate 
(da is 

2.303(p* 2 - p R 2 ) 

-, ( 3 . 58 ) 

m 

from which a value of p R can be obtained. An example 
MBH curve is illustrated in Figure 3-23. Curves for other 
conditions are in the appendix. 


Example 3-9: 

The well described in Example 3-8 was flowed at a rate 
of 5.65 MMscfd for a period of 120.5 hours and then 
shut-in for a buildup test. The flowing pressure at shut- 
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in was 3295 psia. Calculate k, S', and p R if the well is 
producing from the center of a square drainage area 
containing 22 x 10 6 sq. ft. The pressure versus time 
data are tabulated below. 


Solution: 


At, hr 

pwst psia 

t + At 

At 

pj, psia x I0~ e 

0 

3295 

— 

10.86 

.53 

3296 

228.4 

10.86 

1.60 

3385 

76.3 

11.46 

2.67 

3547 

46.1 

12.58 

3.73 

3573 

33.3 

12.77 

4.80 

3591 

26.1 

12.90 

5.87 

3605 

21.5 

13.00 

6.93 

3614 

18.4 

13.06 

8.00 

3623 

16.1 

13.13 

9.87 

3634 

13.2 

13.21 

12.00 

3644 

11.0 

13.28 

14.67 

3654 

9.2 

13.35 

18.67 

3664 

7.5 

13.42 

24.53 

3672 

5.9 

13.48 

29.33 

3676 

5.1 

13.51 

35.73 

3684 

4.4 

13.57 

45.87 

3688 

3.6 

13.60 

49.87 

3691 

3.4 

13.62 


The plot of p ws z versus log((f + Af)/Af) is shown in Fig¬ 
ure 3-24. 

The slope may be obtained by taking the change in 
p m 2 over 2 log cycles. 


m = 


(13.92 - 12.72) x IQ 6 
log 100 - log 1 


= 6x10® psia 2 /cycle 


kh = 


1637q sc T\L Z 
m 


1637(5650)(673)(0.021 )(0.85) 
_____ 


kh = 185 md-ft 



= 9.3 md 


At Af = 1 hr, 


t+At 

—— = 121.5, p 1hr 2 = 12.69 x 10® 
At 


S' = 1.151 


log 


12.69 x 10® — 3295 2 
6 x 10 s 

9.3 


t,(0.1)(0.021)(2.2 x 10~ 4 )(0.29) 2 
S' = 1.151(3.055 - 8.379 + 3.23) = -2.41 


+ 3.23 


The values obtained for k and S' agree with those 
obtained from the drawdown test, Example 3-8. 

In order to estimate p R , obtain p* 2 from the graph 
where (t + At)/At = 1 to be 13.92 x 10® psia 2 . Using 



Fig. 3-24. MBH curves for well in center of area. Permission to publish by the Society of Petroleum Engineers of AIME. 
Copyright 1954 SPE-AIME. 
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the value for k to calculate t DA gives 


becomes 


2.64 x 10~ 4 (9.3)(120.5) 

t =-- —— ---- = 0.029 

(0.10)(0.021)(2.2 x 10~ 4 )(22 x 10 s ) 

From Table 3-2, the well is still in unsteady-state flow 
if t DA < 0.1, which is the case for this example. There¬ 
fore, p* - pi - 3731 psia. 

Equation 3-11 may be used to predict the stabilized 
performance of a well by utilizing the results of a tran¬ 
sient test. However, this requires isolation of the effects 
of actual formation damage or stimulation from those 
caused by non-Darcy or turbulent flow. That is, S' must 
be broken down into its components 5 and Dq sc . If a 
transient test was conducted at only one flow rate, Equa¬ 
tion 3-30 may be used to estimate D, and then S may 
be calculated from S = S' - Dq sc . 

Applying this procedure to Example 3-9 results in 

_ 5.18 x 10~ 5 -y g _ 5.18 x 10~ 5 (,68) 
ixhr w k 0 2 ~ .021 (20)(. 29)(9.3) 2 

D = 1.85 x 10~ 4 Mscfd - ' 


m{p R ) - m(p w ) 


1422 T q sc 
kh 


[ln(0.472r,/r„.) + 5 + DqJ, 


( 3 - 61 ) 


where >n{p R ) is the value of the pseudo-pressure function 
at the pressure p R , and m(pj is the value at pressure p w . 
The definitions of some of the dimensionless variables 
defined in Table 3-1 will change if the m(p) approach 
is used. 

. 1422 T q sc 

q ° kh m(pi) ’ 

m{p) 

Pd = , , , 

m(Pi) q D 

m(pi) - m ( p) 

&Pd = -T—-, 

m(Pi) q D 


S = S' - Dq sc = -2.41 - 1.85 x 10“ 4 (5650) 
S= -2.41 - 1.05 = -3.46 


2.64 x 10“ 4 
<t>p.,C, r 2 


Real Gas Pseudo-Pressure Analysis 

In deriving the equation for reservoir gas flow in terms 
of A (p 2 ), one step involved evaluation of the integral 



Both p and Z are functions of pressure and therefore 
should be included in the integration. In order to sim¬ 
plify the derivation it was assumed that p. and Z could 
be considered constant at reservoir temperature and av¬ 
erage pressure in the drainage area, which resulted in p, 
and Z appearing in all of the flow equations. For fairly 
low pressure reservoirs (p R 2 2500 psia) this approach 
is adequate, but for some pressure ranges the pZ product 
is far from linear with pressure. A method to more rig¬ 
orously evaluate the effects of p, and Z was introduced 
by Al-Hussainy in 1965 12 . He defined the integral in 
Equation 3-59 as the real gas pseudo-pressure, m(p). 

r p 

m(p ) = 2 — dp 0 - 60 ) 

Jp„, IJ-Z 

All of the previously derived equations in this chapter 
can be modified to the pseudo-pressure analysis from the 
p 2 analysis by replacing the pressure squared terms with 
the pseudo-pressure terms and eliminating the |1Z prod¬ 
uct from the equation. As an example. Equation 3-11 


where C, and p,, are evaluated at p„ T. The m{p) analysis 
may also be used in deliverability testing. This involves 
substitution of A m(p) for A (p 2 ) in the procedure to find 
A, and B in the LIT analysis. 

Use of the m(p) approach requires generation of a ta¬ 
ble or graph of m{p) versus p for the gas in question at 
reservoir temperature. This is easily accomplished by 
numerical integration of Equation 3-60 when values of 
(i. and Z are available for the range of pressures required. 
Correlations for p. and Z can be found in Chapter 2. A 
computer program for generating the m(p) versus p val¬ 
ues could easily be written using the subroutines for vis¬ 
cosity and Z-factor given in the appendix. An example 
calculation of m(p) data, as presented by Dake 13 is il¬ 
lustrated. 


Example 3-10: 

A reservoir existing at a temperature of 200°F contains 
a gas having a gravity of 0.85. Generate a relationship 
between m(p) and p over the pressure range of 4400 
to 200 psia. 


Solution: 

The following table is used to tabulate the data, taking 
pressure increments of 400 psi for averaging. The re¬ 
sults are plotted in Figure 3-25. 
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Fig. 3-25. Real gas pseudopressure, as a function of the actual pressure. 


PVT data 



Numerical integration 


Pseudo 

pressures 

P 

(psia) 

(CP) 

z 

£P 

pZ 

2p 

pZ 

■ap 

— x Jp 
pZ 

2p 

m(p) = X — Ap 
pZ 

(psiaf/cp 

400 

.01286 

.937 

66391 

33196 

400 

13.278 x 10 6 

13.278 x 

10 6 

800 

.01390 

.882 

130508 

98449 

400 

39.380 x 10" 

52.658 x 10 6 

1200 

.01530 

.832 

188537 

159522 

400 

63.809 x 

10 6 

116.467 x 

10 6 

1600 

.01680 

.794 

239894 

214216 

400 

85.686 x 

10 6 

202.153 x 

10 6 

2000 

.01840 

.770 

282326 

261110 

400 

104.444 x 

10 6 

306.597 x 

10 6 

2400 

,02010 

.763 

312983 

297655 

400 

119.062 x 

10 6 

425.659 x 

10 6 

2800 

.02170 

.775 

332986 

322985 

400 

129.194 x 

10 6 

554.853 x 

10 6 

3200 

.02340 

.797 

343167 

338079 

400 

135.231 x 10 6 

690,084 x 

10 6 

3600 

.02500 

.827 

348247 

345707 

400 

138.283 x 

10 6 

828.367 x 

10 6 

4000 

.02660 

.860 

349711 

348979 

400 

139.592 x 

10 6 

967.958 x 

10 6 

4400 

.02831 

.896 

346924 

348318 

400 

139.327 x 

10 6 

1107.285 x 

10 6 


Example 3-11: 

Analyze the buildup test of Example 3-9 using the 
pseudo-pressure analysis to obtain k, S' and p R . The 
relationship between p and m(p) is given in Figure 3- 
26. 


Solution: 

Values for m(p) and (f + At)/At are calculated and 
tabulated as follows. 


At, hrs. 

Pws, psia 

t+ At 

At 

m(p), psia*/cp x 10~ 6 

0.00 

3295 

— 

709.8 

0.53 

3296 

228.4 

710.1 

1.60 

3385 

76.3 

742.7 

2.67 

3547 

46.1 

802.8 

3.73 

3573 

33.3 

812.6 

4.80 

3591 

26.1 

819.3 

5.87 

3605 

21.5 

824.6 

6.93 

3614 

18.4 

828.0 

8.00 

3623 

16.1 

831.4 

9.87 

3634 

13.2 

835.5 

12.00 

3644 

11.0 

839.3 

14.67 

3654 

9.2 

843.1 

18.67 

3664 

7.5 

846.8 

24.53 

3672 

5.9 

849.9 

29.33 

3676 

5.1 

851.4 

35.73 

3684 

4.4 

854.5 

45.87 

3688 

3.6 

855.9 

49.87 

3691 

3.4 

857.1 


A plot of m(p) versus log ((f + At)/At) is shown in 
Figure 3-27. The slope of the straight line segment is: 


m = 


= 30.5 x 10 6 


kh = 


(873.0 - 842.5) x 10 6 
log 10 - log 1 

1637 q sc T 1637(5650)(673) 


m 


30.5 x 10 6 


204 md-ft 
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Fig. 3-26. m(p) versus p data, Example 3-11. 


204 

k =-= 10.2 md 

20 


— Iteration to obtain p = (p t + p u/ )/2 for evaluating fL 
Z is not necessary, and 

— Once m(p) versus p is available, it is simpler to use. 


GAS RESERVES 

All of the flow equations used in the previous sections 
of this chapter involved either initial reservoir pressure 
p h or average reservoir pressure p R . These pressures are 
functions of the gas in place in a reservoir and must be 
evaluated at various times in the reservoir life. The flow 
capacity or deliverability of the wells declines as gas is 
produced and p R declines. Therefore, it is necessary to 
be able to predict p R versus gas produced G p . 

In order to evaluate a gas reservoir the original gas in 
place G, must be determined and the gas recoverable at 
different values of p R must be calculated. The decline in 
Pr with G p can be calculated using the gas laws presented 
in Chapter 2 for a volumetric reservoir. If the volume 
occupied by gas changes because of water influx, it must 
be accounted for in the balance. This section will present 
methods to determine gas reservoir behavior using vol¬ 
umetric methods and material balance methods. 


At At = 1 hr, m(p 1hr ) = 809 x 10 6 


Reserve Estimates—-Volumetric Method 


S' = 1.151 


S' = 1.151 


m(Pi h r) - m(PJ) 


log 


m <|> m-, C, r w 2 

(809.0 - 709.8) x 10 r 


+ 3.23 


30.5 x 10 6 


log ... 


10.2 

,.,-—-|~ 3 23 

0.10(0.021 )(2.2 x 10~ 4 )(0.29) 2 

S' = -2.2 

These values of k and S' agree with those obtained in 
Example 3-9. 

In order to obtain a value for p* = p, (t OA < 0.1), read 
m(p‘) at (f + Af)/Af = 1 to . be 873 x 10 6 . This cor¬ 
responds to a value of p, = 3730 psia, which is equal 
to the result obtained previously. 

It has generally been recommended in the literature 
that the pseudo-pressure analysis be used in preference 
to the pressure-squared analysis when p, > 2500 psia. 
The only extra work involved in using the m(p) method 
is generation of the m{p) versus p data. This task has 
somehow delayed the acceptance of the m(p) method 
among field engineers, and many prefer using the more 
familiar p 2 analysis. Some advantages of the m(p) method 
are: 


The volumetric method for determining initial gas in 
place and reserves requires enough geologic data to de¬ 
termine reservoir pore volume and water saturation. Res¬ 
ervoir pressure is also required, but no production his¬ 
tory is necessary. It is applied mainly in new fields for 
rough estimates. 

The equation for calculating gas in place is 

4356<M/kK1 - SJ 

G = --- , (3-62) 

B S 

where 

G = gas in place, scf, 

A = area of reservoir, acres, 
h = average reservoir thickness, ft, 

4 > = porosity, 

S„, = water saturation, and 

B g = gas formation volume factor, ft 3 /scf. c " t 

This equation can be applied at both initial and aban¬ 
donment conditions in order to calculate the recoverable 
gas. 

Gas produced = Initial gas — Remaining gas 
or 


G p = 43560A/i<Hl - SJ 




— It is more theoretically correct, 

— It applies for all ranges of pressure, 


( 3 - 63 ) 
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Fig. 3-27. Horner build-up plot for Example 3-11. Courtesy the Energy Resources Conservation Board, Calgary. 


where B ga is evaluated at abandonment pressure. Appli¬ 
cation of the volumetric method assumes that the pore 
volume occupied by gas is constant. If water influx is 
occurring, A, h, and S„ will change. 


Example 3-12: 

A gas reservoir has the following characteristics. Cal¬ 
culate the gas recovered and the recovery factor at 
pressures of 1000 psia and 500 psia. 

A = 2550 acres h = 50 ft <|> = 0.20 
S w = 20% T = 186°F Pi = 2651 psia 
7 S = 0.70 


p 

2 

B g 

2651 

0.83 

0.0057 

1000 

0.90 

0.0154 

500 

0.95 

0.0346 


Solution: 

At p = 1000 psia 

G p = 43560(2550)(50)(0.2)(1 - 0.2) 
/ ' 1 1 


G p = 8.886 x 10 8 (175.44 - 64.94) 
= 9.818 x 10 10 scf 


E g = 1 




Bga 
At p - 500 

Gp = 8.886 x 10 8 


0.0057 

0.0154 


1 


0.63 = 63% 


1 


0.0057 0.0346 


G p = 8.886 x 10 8 (175.44 - 28.90) 
= 13.02 x 10 10 scf 
0.0057 

E g = 1 - —-= 0.835 = 83.5% 

0.0346 


The recovery factors for volumetric gas reservoirs will 
range from 80 to 90%. If a strong water drive is present, 
trapping of residual gas at higher pressures can reduce 
the recovery factor substantially, to the range of 50 to 
80%. 


Reserve Estimates—Material Balance Method 

If enough production-pressure history is available for 
a gas reservoir, the initial gas in place G, the initial res¬ 
ervoir pressure, p,, and the gas reserves can be calcu- 


0.0057 


0.0154, 
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lated without knowing A, h, <J> or S w . This is accom- pressure. Equation 3-67 can also be expressed in terms 

plished by forming a mass or mole balance on the gas. of recovery factor as 

That is, 

Moles Produced = initial moles in place - 
remaining moles. 


P 

Z 


Z, 


1 - 


(3-68) 


In equation form 


n p = n t ~ n. 

Applying the gas law, pV = ZnRT gives 

PscG p _ p,Vj pVj 
T SC Z X ~ TjZ, 7}Z’ 

where 


(3-64) 


(3-65) 


Tf = formation temperature, 

V, = reservoir gas volume. 

Pi = initial reservoir pressure, and 
p — reservoir pressure after producing G p scf. 


The reservoir gas volume can be put in units of scf by 
use of B gi . That is. 


Vi = GB gi . (3-66) 

Combining Equations 3-65 and 3-66 and solving for 
p/Z gives 


P Pi T fPsc 

Z Zj T sc B s j G 


(3-67) 


from which it is obvious that a plot of p/Z versus G p 
will produce a straight line of slope (T f p sc /T sc B gi G) and 
intercept at G p = 0 of p,/Z,. Thus, both G and p, can be 
obtained graphically. Once these values are obtained, a 
value of gas recovered G p , can be determined for. any 


Figure 3-28 illustrates typical plots of Equations 3-67 
and 3-68. 


Example 3-13: 

The following production history was obtained from a 
volumetric gas reservoir. Plotting of p/Z versus G p re¬ 
vealed that data points 1 and 4 fall on the best straight 
line through the data. Use these points to find G and 
pJZ,. Also estimate the gas recovery if the reservoir 
pressure is drawn down to 300 psia. T, = 200°F, y B = 
0.9 



p, psia 

Z 

P/Z 

G p , Bcf 

1 

1885 

0.767 

2458 

6.873 

2 

1620 

0.787 

2058 

14.002 

3 

1205 

0.828 

1455 

23.687 

4 

888 

0.866 

1025 

31.009 

5 

645 

0.900 

717 

36.207 


Solution: 

Using points 1 and 4, calculate the slope: 

(p/Z), - (p/Z) A 2458 - 1025 _ „ psia 

Gp 4 - G p , 31.009 - 6.873 Bcf 

To find Pi/Z;, use Equation 3-67 and data point 1: 



Fig. 3-28. Gas material balance plots. 
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^ | + m G p = 2458 + 59.37(6.873) = 2866 psia 


B gi = 0.0283 


TjZ 

Pi 


0.0283(660) 

2866 


0.0065 ft 3 /set 


TfPsc (660)(14.7) 

T x B gi m (520) (0.0065)(59.37) 

= 48.348 Bcf 


Recovery at p = 300 psia: 

At p = 300 psia, Z = 0.949, p/Z =316 psia 


G p 


/p/_p\ / (2866-316) 

\Z, zj/ m 59.37 


= 42.95 Bcf. 


The value of p, can be obtained from pJZ, by trial- 
and-error. Values of p, are estimated; Z, and p,/Z, are 
calculated until a value is determined that gives 2866 
psia. 



Fig. 3-29. Effect of water drive. 


Pi Z p,/z, 

2200 

.750 

2933 

2100 

.752 

2793 

2150 

-.751 

2863 


Linear interpolation between 2200 and 2150 gives p, 
= 2151 psia. 

The above discussion applies to a reservoir in which 
the pore volume occupied by gas does not change. If 
water influx is occurring, V, will be reduced by water 
influx as p declines. 

Equation 3-67 then becomes 

P ( GB ei \ Pi T fPx 

— — I - I- G„. (3-69) 

Z \G B gi — WJ Z, T sc {GB g ,-W e ) 

The slope now includes a quantity that varies with G p 
or time. This is the water influx W e . Therefore, a plot 
of p/Z versus G p will no longer be linear but will deviate 
upward with pressure decline depending on the strength 
of the water drive. This is illustrated in Figure 3-29. 

If water influx is occurring, it can be calculated by 
using the constant pressure solution to the diffusivity 
equation, Equation 3-70. This involves the correct de¬ 
termination of certain water influx parameters. Havlena 
and Odeh 14 have described a procedure by which the ma¬ 
terial balance equation can be used to determine if these 
parameters have been correctly evaluated. 

Water influx is a function of time, and can be ex¬ 
pressed as 


W e = Cl A p Q, d , (3-70) 


C = water influx constant, 

A P = Pi ~ Pi 

<2 , d = dimensionless water influx. 

The value of Q, D depends on the ratio of the aquifer 
volume to the gas reservoir volume and the time that the 
reservoir has been produced. Values may be obtained 
from Figures 3-6 and 3-7. 


Energy Plots 

Many other graphical methods have been proposed for 
solving the material balance equation that are useful in 
detecting the presence of water influx. Equation 3-67 can 
be rearranged and using the definition of B gi = ( p sc Z, 
7})/(p, T sc ), it can be written as 

Z, p _ G B gi 

PiZ ~ G B gi — W e 

For W e = 0, this becomes 


(3-71) 


1 


(3-72) 


ZiP _ Gp 
PiZ G 

Taking the logarithm of both sides of Equation 3-72 yields 
Z,p 


log 


1 


p,Z 


= log G p - log G. 


(3-73) 


From Equation 3-73, it is obvious that a plot of 1 - 
Z ; p/p,Z versus G p on log-log coordinates will yield a 
straight line with a slope of one (45° angle). An extrap¬ 
olation to one on the vertical axis (p = 0) yields a value 
for initial gas in place, G. The graphs obtained from this 
type of analysis have been referred to as Energy Plots. 
They have been found to be useful in detecting water 


where 
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influx early in the life of a reservoir. If W e is not zero, 
the slope of the plot will be less than one, and will also 
decrease with time, since W e increases with time. An 
increasing slope can only occur as a result of either gas 
leaking from the reservoir or bad data, since the increas¬ 
ing slope would imply that the gas occupied pore volume 
was increasing with time. This is also true for plots of 
p]Z versus G p . 

The detection of production problems by observing 
anomalies in these plots is discussed further in Chapter 
9. 


ABNORMALLY PRESSURED RESERVOIRS 


In most gas reservoirs the gas is much more com¬ 
pressible than the rock and the connate water, which jus¬ 
tifies ignoring the rock and water expansion in the ma¬ 
terial balance equation. However, in abnormally high 
pressured reservoirs, this may introduce some error in 
estimating gas reserves. Including rock and water com¬ 
pressibility, Equation 3-67 becomes 


P 

Z 


El 

z, 

(Pi - p)(C K . S wi + Cf) 
1 — Swi 



(3-74) 


where 


S wi = connate water saturation, 

C w = connate water compressibility, and 
C f = formation compressibility. 

An estimate of the effect of water and rock compress¬ 
ibility on errors in estimating gas-in-place from Equation 
3-67 can be made by the following procedure: 

1. Solve Equation 3-67 for G ca i. 

2. Solve Equation 3-74 for G actual 

3. Substitute these expressions into the equation for per¬ 
cent error 


% error = 


— G, 


cal. 


x 100 


This results in the following equation: 


% error = 


100 ( Pi - p)(C w S m + C f ) 


PiZ 

ZiP 


1 


1 - S„, 


(3-75) 


From Equation 3-75, it can be seen that the error in 
G obtained from a plot of p/Z versus G p increases as 
C w , C f , and p, increase. It has been found that for values 
of p, less than 5000 psia and C f less than 5 x 10 -6 psi -1 , 
the error in neglecting the compressibilities was negli¬ 


gible. Further effects of abnormal reservoir pressure on 
reserve estimates are discussed in Chapter 9. 


WELL COMPLETION EFFECTS 

In many cases the inflow into a well is controlled more 
by the completion efficiency than by the actual reservoir 
characteristics. 

There are basically three types of completions that may 
be made on a well, depending on the type of well, the 
well depth, and the type of reservoir or formation. In 
some cases the well is completed open-hole. That is, the 
casing is set at the top of the producing formation, and 
the formation is not exposed to cement. Also, no per¬ 
forations are required. This type of completion is not 
nearly as common as it was several years ago, and most 
wells are now completed by cementing the casing through 
the producing formation. 

The most widely used completion method is one in 
which the pipe is set through the formation, and cement 
is used to fill the annulus between the casing and the 
hole. This of course requires perforating the well to es¬ 
tablish communication with the producing formation. This 
type of completion permits selection of the zones that 
are to be opened. The efficiency of the completion is 
highly dependent on the number of holes or perforations, 
the depth to which the perforation extends into the for¬ 
mation, the perforation pattern, and whether there is a 
positive pressure differential from the well to the for¬ 
mation or vice versa. Compaction of the formation im¬ 
mediately around the perforation can reduce the effi¬ 
ciency considerably. 

In some reservoirs the lack of cementing material.in 
the reservoir allows sand to be produced into the well. 
When completing wells in which the formation is in¬ 
competent or unconsolidated, a gravel pack completion 
scheme is frequently employed. In this type of comple¬ 
tion a perforated or slotted liner or a screen liner is set 
inside the casing opposite the producing formation. The 
annulus between the casing and the liner is then filled 
with a sand that is more coarse than the formation sand. 
The size of the sand, or gravel, depends on the reservoir 
sand characteristics and on the type of gravel pack. The 
gravel pack sand also fills the perforation tunnels, and 
in some cases a zone is washed out behind the pipe, 
which is also filled with pack sand. Even though the pack 
sand is loosely packed and has a high permeability, non- 
Darcy or turbulent flow through the sand-filled perfo¬ 
ration tunnels can cause a considerable pressure drop 
across the gravel pack. This pressure drop not only de¬ 
creases inflow into the wellbore but also destroys the 
gravel pack if it is too large. 

In order to calculate the extra pressure drop caused by 
the completion, the general inflow equations can be 
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modified to include the completion efficiency for any 
type of completion. The equations for gas flow are given 
as: 


k gR - unaltered reservoir permeability to gas, and 
S d = skin factor due to permeability alteration around 
the wellbore. 


703 X 10~ 6 k g h(p R 2 — p,f) 
q ’ c |l s Z T[ln(0.472r e /r K ,) + S'] ’ 

where 


S' - S + Dq sc 

The value of S' can be obtained from a single transient 
test, but obtaining accurate values for S and D requires 
transient tests conducted at two different rates. 

Equation 3-10 may be written in a different form, as 
shown previously. 

PR ~ P«f = Msc + BqJ, (3-11) 

where A is the laminar coefficient, and B is the turbu¬ 
lence multiplier. Those coefficients may be written as 
composites of several terms that depend on the comple¬ 
tion characteristics. 

A — A r + A P + A c (3-76) 

B — B r + Bp + B g (3-77) 

where 

A r = laminar reservoir component, 

A P = laminar perforation component, 

A c ~ laminar gravel pack component, 

B R ~ turbulent reservoir component, 

B P - turbulent perforation component, and 
B c = turbulent gravel pack component. 

These components have different definitions for oil and 
gas flow. Only values of the overall coefficients A and 
B can be obtained from well tests; therefore equations 
for estimating the value of the components must be 
available if the effects of each are to be isolated. 

Open-Hole Completions 

The only effect of the completion on inflow perfor¬ 
mance of an open-hole completion will be caused by al¬ 
teration of the reservoir permeability by damage or stim¬ 
ulation. The inflow equation becomes 

Pr ~ pf = A R q sc + B R q sc 2 . 

The laminar reservoir component includes the effect 
of Darcy or laminar flow in the reservoir plus any actual 
formation damage or stimulation. The defining equation 
is 


1422 il.ZT 

Ar =-— j— [ln(0.472 rjrj + S d ] , (3-78) 

k g R n 


A value for S d may be estimated from the following 
equation: 




J 


In (r d /r w ). 


(3-79) 


where 


k R = reservoir permeability, 
k d = altered zone permeability, 
r M . = wellbore radius, and 
r d = altered zone radius. 

The actual calculation of an accurate value of S d is 
difficult, because values of k d and r d must be estimated. 
If a value of S can be obtained from a transient test, this 
will be equal to S d for an open hole completion. 

The value of B R will usually be low except for high 
rate gas wells. It may be calculated from 

3.161 x l(T ,2 3 /; y j; Z7’ 

Br = - — 2 -- (3-80) 

h r... 


Values of the velocity coefficient (3 may be calculated 
from 

2.33 X 10 10 

P* =-TT7-• < 3 - 8 > 

k r 


A value for can be calculated if a value of D is 
available from a transient test on an open hole comple¬ 
tion. The units to be used in all of the equations pre¬ 
sented in this chapter are the field units described pre¬ 
viously. 


Perforated Completions 

The efficiency of a perforated completion depends on 
both the reservoir and perforation components in Equa¬ 
tion 3-11. That is. 


Pr 2 - Pf = (Ar + A P )q sc + (B r + B P )q sc 2 . 

The laminar perforation component includes the ef¬ 
fects of the number and types of perforations and the 
effects of compaction around the perforations. These ef¬ 
fects were discussed in detail by McLeod 16 and the dis¬ 
cussion on perforated completions presented here is based 
largely on McLeod’s work. The Equation is: 


where 


Ap — 


1422 p.j.ZJ 

k R h 


(Sp + S dP ), 


(3-81) 


where 


S P = effect of flow converging into perforations, and 





Perforation length (In.) 



Fig. 3-30. Nomograph for productivity ratio. Permission to publish by the Society of Petroleum Engineers of AiME. Copy¬ 
right 1981 SPE-AIME. 



Productivity ratio 
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S dP = effect of flow through the compacted and dam¬ 
aged zone around the perforation. 

If sufficient data regarding the perforation are known, 
values for S P and may be calculated. S P is a function 
of perforating density, perforation length, perforation di¬ 
ameter, ratio of vertical to horizontal permeability, and 
damaged zone radius. 

Values of S p may be obtained from nomographs pub¬ 
lished by Hong 17 or Locke. 18 An equation for estimating 
S P was given by Saidikowski. 19 



where 

h = total formation thickness, 
h p = perforated interval length, 
k R = reservoir permeability in the horizontal direc¬ 
tion, and 

k v - vertical permeability. 

The nomograph presented by Locke is shown in Fig¬ 
ure 3-30. 

McLeod derived an equation for calculating the effect 
of flow through the compacted zone as 

<M3 ' 



where 

h = total formation thickness, 

L P = perforation length, 

N = total number of perforations, 
k R = unaltered reservoir permeability, 
k d = altered reservoir permeability, 
kjp = compacted zone permeability, 
r P = perforation radius, and 
r dP = compacted zone radius 

Figure 3-31, from Reference 16 shows a schematic of 
a perforated completion and the relationship among the 
various parameters in Equation 3-83. 

The largest part of the pressure drop through a per¬ 
foration is caused by turbulent or non-Darcy flow through 
the compacted zone. The equation for calculating this 
effect is 


B P = 


3.161 X 10~ 12 fi dP 'y g ZT 
rp L P 2 N 2 


(3-84) 


The value of the velocity coefficient must be calcu¬ 
lated using the compacted zone permeability. The equa¬ 
tion is 


$dp — 


2.33 x 10 10 
k d p L1 


(3-85) 


There are several variables in the equations for per¬ 
forated completions that are hard to determine. These 
include the altered zone permeability, the compacted zone 
permeability, the compacted zone radius, the perforation 
length, and the altered zone radius. Some of these pa¬ 
rameters can be estimated from API-RP-43 test data pub¬ 
lished by the perforating companies. The following 
guidelines have been recommended by McLeod: 

For wells perforated in mud 


kdp 

kR 



(3-86) 


For wells perforated in brine 
kdP K 

— = T 0-87) 

k d k 

where k c /k values are obtained from the API test data. 
Guidelines for estimating k c /k when no tests are avail¬ 
able were also presented by McLeod in Table 3-4. 

McLeod also suggests that the compacted zone thick¬ 
ness is usually about 0.5 in. That is, r dP = r P + 0.5 if 
r P is in inches. If no information is available regarding 
the altered zone radius, a value of r d = r„. + 1 may be 
used, where r„. is given in ft. 
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TABLE 3-4 

Perforating Parameter Guidelines 


Fluid in Hole 

Pressure Conditions 

kjk 

High solids mud 

overbalance 

0.01-0.03 

Low solids mud 

overbalance 

0.02-0.04 

Unfiltered brine 

overbalance 

0.04-0.06 

Filtered brine 

overbalance 

0.08-0.16 

Filtered brine 

underbalance 

0.15-0.25 

Clean fluid 

underbalance 

0.30-0.50 

Ideal fluid 

underbalance 

1.00 


Perforated, Gravel-Packed Completions 

The equation for a gravel-packed completion is 
Pr ~ Pvf ~ (Ar + A P + A g )<}sc 

+ ( B r + B P + B G )q sc 2 . (3-88) 


For most gravel-packed wells the formation will have 
a high permeability because of the unconsolidated nature 
of the sand. This will also result in minimum damage 
from the compacted zone around the perforations. How¬ 
ever, the effect of the linear flow through the perforation 
tunnel that is filled with pack sand can cause a signifi¬ 
cant non-Darcy flow pressure drop. The equations for 
A g and B c are 


A G — 


2844 ZT |1„L 


B r .= 


k c Nr P 2 ’ 

1.263 X HT 11 PgI'.ZTL 


N 2 r P 4 


( 3 - 89 ) 


( 3 - 90 ) 


where 


k G = gravel permeability, 

L = perforation tunnel length, and 

1.47 x 10 7 

Pc = . . 0.SS ' . • (3 - 91) 

k g 

The following data, from Gurley, 20 may be used to 
estimate the gravel permeability based on its size. 


Sieve Size 

10-20 

16-30 

20-40 

40-60 


k G , md 

5.00 x 10 s 
2.50 x 10 5 
1.20 x 10 5 
4.00 x 10 4 



Fig. 3-32. Gravel-packed completion. 


times convenient to break down the total pressure draw¬ 
down into two separate components. That is, the pres¬ 
sure drop in the reservoir and the pressure drop in the 
gravel pack. This can be expressed as 

Pr - P,f = Pr~ Pwfs + (/>„/, - P,f), 0 - 92 ) 

where p„ /s is the pressure existing at the sand face, as 
illustrated in Figure 3-32. Most operators agree that the 
pressure drop across the gravel pack, p nfs - should 
be below about .300 psi. The equations for the two pres¬ 
sure drops, ignoring A P and B P , may be written as 

Pr Pwfs A R q sc “H B R q sc (3-93) 

p K f 2 — p„ 2 — A G q sc + B c q s 2 (3-94) 

This type of analysis may also be applied to nongravel 
packed completions. 


A schematic of a gravel packed completion is illus¬ 
trated in Figure 3-32. 

As illustrated in Figure 3-32, the tunnel length is de¬ 
fined as the radius of the hole minus the outside radius 
of the screen. In some cases it is defined as the hole 
radius minus the inside radius of the casing. 

In analyzing gravel-packed completions it is some- 


TIGHT GAS WELL ANALYSIS 

Predicting the inflow performance for a very low per¬ 
meability gas well can be difficult because of the ne¬ 
cessity to obtain stabilized well tests. As was discussed 
previously, both the isochronal and modified isochronal 
tests require one stabilized production point for analysis. 
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Even though the LIT analysis can be used without a sta¬ 
bilized test, using this method to generate a stabilized 
IPR assumes that the well will eventually stabilize. 

If a gas well is draining a fairly large area from a tight 
reservoir, the well may produce in the unsteady-state flow 
regime for most of its life. As an example, the stabili¬ 
zation time for a well draining a square or circular area 
can be estimated from 

380 <j> (i-gCA 

L = -;-• (3-33) 

k 


Consider a well having the following characteristics: 

4> = 10%, ji, = 0.011 cp, C = 2.5 x 10~ 4 psi -1 , 
A — 640 acres, k — 0.05 md 

The stabilization time is approximately 

380(0.1)(0.011)(2.5 x 10~ 4 )(640)(43,560) 
ts ~ 0.05 

t, = 58,266 hours = 6.65 years. 

This is of course an extreme case, and a well with 
permeability this low would require stimulation by a 
massive hydraulic fracture to be commercial. 

A procedure for predicting the inflow performance of 
a fractured gas well as a function of time was presented 
by Agrawal, et al., 21 in 1979. The method uses the con¬ 
stant well pressure solution to the diffusivity equation 
and utilizes computer generated, dimensionless type curves 
to evaluate the fracture parameters. 

A procedure is described to analyze a drawdown test 
in which the wellbore flowing pressure is held constant 
and the decline of flow rate with time is measured. The 
following dimensionless variables are used in analyzing 
a well with a hydraulic fracture of length X e = 2X f . A 
schematic of the system geometry is shown in Figure 3- 
33. 

The dimensionless time based on fracture half-length 
is 


_ 0.000264 kt 

tDX ~ 4>((jlC), X/ ' 

The dimensionless flow rate is expressed as 


(3-95) 



Fig. 3-33. Schematic view of a fractured well. 


where 

* = 
t = 

4> = 
(#&, = 


F = 
C = 

*/ = 
h = 

Pi = 
P»f ~ 

<hc - 

T = 
Z = 


J_ = kh(p , 2 - p Hf 2 ) 
q D 1422 q sc pZY 


permeability, md, 
flowing time, hours, 
porosity, 

viscosity—compressibility product evaluated 
at p„ T, 
viscosity, cp, 

total compressibility, psi~\ 

fracture half-length, ft, 

formation thickness, ft, 

initial reservoir pressure, psia, 

flowing wellbore pressure, psia, 

gas flow rate, Mscfd, 

reservoir temperature, °R, and 

gas compressibility factor evaluated at T, p = 

(Pi + P,f)/2. 


A dimensionless fracture flow capacity was defined as 


F CD ~ 


kfW 

kX f 


(3-97) 


where 

k f = fracture permeability, md, 
k = formation permeability, md, 
w = fracture width, ft, and 
X f - fracture half-length, ft. 

Agrawal, et al., presented dimensionless curves of 
\/q D versus t DX with F CD as a parameter. An example 
curve is shown in Figure 3-34. Larger versions of this 
curve are available from the Society of Petroleum En¬ 
gineers. 

The following procedure may be used to calculate the 
production rate versus time and flowing wellbore pres¬ 
sure. A drawdown test is used to evaluate X f , k and F CD- 

1. Plot 1 /q sc versus flowing time t on a log-log scale 
having the same scale as the type curve, Figure 3- 
34. It is convenient to use tracing paper to make this 
plot. 

2. Shift the tracing plot in both the horizontal and ver¬ 
tical directions until a match is obtained between the 
measured data and one of the curves on the type curve. 
This determines the correct value of F CD - 

3. Select a match point at any convenient point on the 
graph. This establishes a correspondence between t 
and t DX and between 1 / q sc and 1 Jq D . 

4. Using the known values of t and q D , calculate k and 
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Fig. 3-34. Constant-pressure log-log type curves for finite 
flow-capacity vertical fractures. Permission to publish by the 
Society of Petroleum Engineers of AIME. Copyright 1979 
SPE-AIME. 

_ 1422 g sc jx.ZT 
q D h(p, 2 ~ P»f) 

0.000264 ifcr] 05 

x = - 

L 4* (M-Oi t DX _ 

5. The actual fracture flow capacity can then be calcu¬ 
lated from 

k f w = F CD (kX f ). 

To predict future performance: 

6. Select a value for real time t and calculate t DX using 
the values of k and X f obtained in Step 4. 

7. From Figure 3-34 determine the value of q D for this 
t DX using the correct F CD curve. F CD was determined 
in Step 2. 

8. Calculate the actual flow rate corresponding to this 
time from 

_ qpkhjpf - pjj) 
qsc ~ 1422 (izr 

9. Repeat Steps 6 through 8 for various values of time 
t and p uf to obtain inflow performance curves appli¬ 
cable at various times. The data may be plotted as 
shown in Figure 3-35 if the effect of changing p u/ 
values is to be considered. To observe the decline in 
flow rate with time at a constant bottom-hole flowing 
pressure, a plot such as shown in Figure 3-36 may 
be constructed. 

The accuracy of the previously described method can 
be increased somewhat if formation permeability k is 
known from a pre-frac Homer type analysis. In this case, 



Fig. 3-35. Inflow performance for various times. 



time-► 


Fig. 3-36. Producing rate for constant p wl . 

q D can be calculated for each real flow rate q sc , and a 
plot of 1 /q D versus t can be constructed and used to find 
a match for the proper F co value. The match would then 
be obtained by shifting the real data curve in the hori¬ 
zontal direction only. 

The procedure outlined here is only one of many 
methods that may be used for analyzing fractured gas 
wells. A discussion of all of the methods is beyond the 
scope of this book. 

GUIDELINES FOR GAS WELL TESTING 

The accuracy of the results calculated using the pre¬ 
viously presented procedures depends on the accuracy of 
the data used. Obtaining accurate field data can be ac¬ 
complished only if the field personnel follow established 
procedures for data collection. These procedures, as pre¬ 
sented in Reference 6, are summarized here. 
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Fig. 3-37. Schematic flow diagram for measuring flow rates 
of production wells not equipped with flow-rate measure¬ 
ment equipment. 

Testing Equipment 

The two important factors that govern the selection of 
testing equipment are the nature of the produced fluids 
and the type of test being conducted. This section de¬ 
scribes the essential features of various wellhead testing 
facilities that are necessitated by the presence of con¬ 
densate, water, or acid gases in the natural gas being 
produced. 

Sweet Dry Gas 

The simplest configuration of wellhead testing facili¬ 
ties is required for a well producing a sweet dry gas. 
The testing equipment essentially consists of a flow rate 
measurement device, a shut-in and flowing pressure 
measurement device, a thermometer, gas sampling 


equipment, and the necessary fittings for connecting the 
equipment to the wellhead. 

When the produced gas is being vented to the atmo¬ 
sphere, a commonly used flow rate measurement device 
is a critical flow prover that is attached to the top of the 
wellhead. Unless there are regulations to the contrary, 
the gas vented from the flow prover is not burned. A 
horizontal positioning of the flow prover should be avoided 
since high flow rates will set up a considerable torque 
that may cause the prover fittings or the wellhead to un¬ 
wind. 

If the well being tested is to be produced into a gas 
gathering system, the flow rate measurement is usually 
made with an orifice meter using a permanent or re¬ 
movable meter run. 

In some instances, the production well that is to be 
tested does not have a permanently installed flow mea¬ 
surement device. To avoid interruption of flow or the 
disruption of stabilized flow in a well that has been pro¬ 
ducing for some time, a simple procedure illustrated by 
Figure 3-37 may be employed. As shown in this figure, 
if valve A is closed gradually, while valve B is being 
opened, maintaining a constant pressure in the flow string, 
the flow rate being measured by. the flow prover will be 
the same as the production rate. 

The desirability of constant flow rates during tests is 
very important. Figure 3-38 illustrates the wellhead rig¬ 
ging that may provide constant flow rates. Flow down¬ 
stream from the flow prover is usually vented to the at¬ 
mosphere. If, however, the produced gas must be flared, 
care must be taken to ensure that critical flow conditions 
are maintained in the flow prover. The theory and ap¬ 
plication of the metering devices are discussed in Chap¬ 
ter 7. 

Sweet Wet Gas 

The term “wet” is used to describe a natural gas con¬ 
taining heavier hydrocarbons that appear as a condensate 



Fig. 3-38. Schematic flow diagram of wellhead rigging for constant-rate tests. 
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in the produced gas. In some instances, water may also 
be produced, but it is not included in the definition of a 
wet gas. 

The presence of condensate in produced gas creates 
requirements for more complex testing facilities than those 
required for sweet, dry gas wells. A typical facility in¬ 
cludes flow rate measurement devices, pressure mea¬ 
surement devices, thermometers, gas and condensate 
sampling equipment, line heaters, and separation facil¬ 
ities. Several stages of separation and a combination of 
measurements may be required for highly productive 
wells, but the most commonly used configurations in¬ 
volve either a single separator or two separators in se¬ 
ries. These are illustrated by Figures 3-39 and 3-40, which 
are intended only as a guide in the selection of test 
equipment and do not represent the complete wellhead 
and separation facilities. 

The requirement for line heaters is necessitated by the 
possibility of hydrate formation within the flow lines and 
testing equipment. Rather than using a line heater, gly¬ 
col or alcohol may be injected into the gas stream to 
prevent the formation of hydrates. 

Sour Gas 

For testing sour gas wells, more elaborate facilities are 
required. In addition to the standard equipment, de¬ 
pending on whether the gas is dry or wet, a gas meter 
and a flow line to an appropriate flare stack are required. 
In addition, liquid seals may also be necessary to protect 
the gas meter and pressure measuring device from H 2 S 
gas. 

Flow Measuring 

The accurate measurement of gas and liquid produc¬ 
tion rates is essential to the proper conduct and analysis 
of well tests. Correct sampling procedures are also nec¬ 
essary in order to obtain representative samples of the 
produced fluids and an accurate estimate of the constit¬ 
uents of the reservoir gas. 

All flow measurement devices should be installed in 
accordance with recommended specifications since biased 
measurement errors can cause anomalous test results. 
Some of the more common biased errors are caused by 
insufficient pipe upstream and downstream of the meter, 
insufficient liquid retention time in the separators, in¬ 
adequate liquid dumping cycles, incorrect meter coef¬ 
ficients or calibration factors, meter vibration, and other 
metering problems. 

The most commonly used gas flow measurement de¬ 
vices are orifice meters and critical flow pro vers. Tur¬ 
bine and displacement meters are not as commonly used, 
but it is expected that with the advent of portable units 
their utility will increase. 


When the condensate flow rate is being measured, tur¬ 
bine or positive displacement meters are usually used. 
The meter should be installed with sufficient straight pipe 
and should be located upstream of a snap-acting valve. 
This valve should be regulated so that there is sufficient 
retention time to ensure equilibrium of the gas and liquid 
in the separator. 

In many instances, condensate is gaged in a stock tank. 
This method should be used only in instances where the 
input to the stock tank is from a low-pressure separator 
or when the flashed vapors are being collected. In the 
former case, care should be taken to ensure that the amount 
of flashed vapors is small enough to be neglected in re¬ 
combination calculations. 

Water flow rates may be measured with turbine or dis¬ 
placement meters, or gaged in a storage tank. If meters 
are being used, a snap-acting water dump valve should 
be used to ensure that there is sufficient flow to activate 
the meter. Since water, if present in gas, often presents 
a problem in the operation of gas wells and gas gathering 
systems, it is important to monitor any water production 
during a test. A knowledge of water production during 
tests is also important to the analysis and application of 
test results. 

Pressure Measuring 

The accurate measurement of static pressures and the 
pressures corresponding to flow rates measured during 
the flow periods of various tests is of great importance 
in gas well testing. Since interpretation of deliverability, 
drawdown and build-up test results must be based bn the 
theory of flow in the reservoir, it follows that the im¬ 
portant pressure in interpreting the tests is the reservoir 
sandface pressure (in the wellbore). Ideally, this pres¬ 
sure is measured directly through use of an accurate, 
carefully calibrated bottom-hole pressure gage. There are 
many types of such gages available today, all of which, 
when used properly, are quite adequate for accurate 
measurement of sandface pressures. 

In some instances, due to mechanical difficulties, sour 
gases, or other reasons, it is not practical to use a bot¬ 
tom-hole gage. In such situations, wellhead pressures are 
measured and subsequently converted to reservoir sand¬ 
face pressures by the methods described in Chapter 4. 
The highest possible accuracy in wellhead pressure mea¬ 
surement is important, and for best results these pres¬ 
sures should be taken with a dead-weight gage. This is 
a device that balances the force created by the well pres¬ 
sure with calibrated weights. 

PROBLEMS IN GAS-WELL TESTING 

There are several problems unique in testing gas wells 
that can result in erroneous results. These problems are 



Dead weight 
Gauge 



Fig. 3-39. Schematic flow diagram of surface well testing facilities for wet gas (two separators). 



Fig. 3-40. Schematic flow diagram of surface well testing facilities for wet gas (single separator). 
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discussed from the standpoint of the types of errors that 
can result in the test data obtained. 

Liquid Loading. The problem of-liquid loading usu¬ 
ally occurs when testing low productivity gas wells with 
high liquid-gas ratios. Wide variations of surface pres¬ 
sures may indicate liquid loading. 

Hydrate Formation. The problem of hydrate forma¬ 
tion occurs normally in high pressure gas wells. How¬ 
ever, if adequate production equipment is available, this 
problem can be eliminated by maintaining the well- 
stream temperature above the hydrate formation tem¬ 
perature. Conditions promoting hydrate formation are 
discussed in Chapter 9. 

Wet Gas Streams. Sometimes it is necessary to meter 
a gas stream at the wellhead. Such streams will often 
deposit liquid in the flow line downstream of the point 
where the orifice was installed. If the gas gravity is mea¬ 
sured on a gas sample obtained at such a downstream 
point, its value will not represent the gravity of the gas 
that flowed through the orifice. In this instance, the mea¬ 
sured gas gravity must be adjusted to give the gravity of 
the full stream. This can be accomplished by use of 
Equation 2-46. 

Irregular Flow. One of the most frequent difficulties 
encountered in making accurate gas flow-rate measure¬ 
ments is the rapidly changing flow rates that accompany 
“slug flow,” freeze-ups, and paraffin deposition in the 
wellhead choke. Because this problem is frequent and is 
a source of major error, it deserves special attention. 

Adjusting the dampening screw on the differential me¬ 
ter will narrow the span of the differential variations. 
This should enable the operator to get a better differ¬ 
ential reading. The differential pen should not be damp¬ 
ened to a point of no response. 

It is a common experience that mercury meters, even 
though the wells flow steadily, exhibit substantial but 
relatively slow variations in differential reading during 
a 24 hour period because of atmospheric temperature 
changes. Temperature data may be obtained with a tem¬ 
perature recorder or periodically measured with a ther¬ 
mometer at the meter run. The variation in the flowing 
temperature factor is approximately 1 percent per 10°F 
of variation in temperature. 

Sour (H 2 S) Gas. Extreme caution should be exercised 
in handling gases and liquids containing hydrogen sul¬ 
fide ( H 2 S ). This hazardous substance is highly toxic and 
under certain concentration can cause illness and death. 
Special precautions should be taken when testing wells 
where hydrogen sulfide is present to be assured that ex¬ 


posure will not exceed the safe maximum allowable con¬ 
centration for the work period required. Selfcontained 
breathing apparatus should be worn when hydrogen sul¬ 
fide concentrations are present that might be injurious to 
health. Safety considerations are discussed in Chapter 9. 

REPORTING DATA 

As discussed previously, well test data are used for 
various purposes. Routine tests for production records 
may require only a minimum amount of data such as 
periodic fluid-rate measurements. On the other hand, 
special tests for equipment evaluation, well evaluation, 
reservoir evaluation, and state regulatory body require¬ 
ments require additional data. As a result, a large amount 
of data may be required. The amount and type of data 
will vary from state to state in the case of state regulatory 
body requirements, and will depend on test objectives if 
needed for evaluation purposes. Therefore, rather than 
attempt to list data for a particular purpose, a complete 
list of well test data is given. 

1. Fluid Measurements: gas rate for all streams, Mscf 
per day or MMscf per day; condensate rate, stock 
tank barrels per day; water rate, barrels per day; con¬ 
densate gravity, API (at 60°F) 

2. Pressure Measurements, psig: flowing wellhead pres¬ 
sure; shut-in wellhead pressure; flowing bottom-hole 
pressure (sometimes calculated); shut-in bottom-hole 
pressure (sometimes calculated); atmospheric pres¬ 
sure 

3. Temperature Measurements, °F: bottom-hole temper¬ 
ature; wellhead temperature; stock-tank liquid tem¬ 
perature; atmospheric temperature 

4. Choke Size, Inches 

5. Separation conditions, psig and °F: number of sepa¬ 
rators; separator pressures and temperatures; stabi¬ 
lizer pressure and inlet and outlet temperatures 

6. Time Data—Minutes, Hours, Days: duration of 
flowing test; length of time on test choke size before 
test period; shut-in time for pressure measurement 
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C HAPTER 3 demonstrated that the ability of a 
gas reservoir to produce for a given set of res¬ 
ervoir conditions depends directly on the 
flowing bo.ttom-hole pressure, p, vf . Figure 1- 
6 illustrates that p wf depends on the separator pressure 
and the configuration of the piping system; that is, 


Pwf Pscp ^ ^Pfl 4 p c h T kPtub "b (4-1) 

where 

P SC p ~ separator pressure, 

A p fl = pressure drop in the flowline, 

A Pc h = pressure drop in the surface choke, 

A p, ub = pressure drop in the well tubing, and 
A p rts = pressure drop in other restrictions, such as 
subsurface safety valves (SSSVS), valves and 
fittings, etc. 

In order to determine the deliverability of the total well 
system, it is necessary to be able to calculate all of the 
pressure drops listed in Equation 4-1. This chapter will 
develop equations to make these calculations and dem¬ 
onstrate their application. The effects of liquids in the 
flow stream will be discussed, and the use of previously 
prepared pressure traverse curves for quick estimates will 
be demonstrated. Only steady-state, one-dimensional flow 
will be considered in this chapter. 


BASIC FLOW EQUATION 

The theoretical basis for most fluid flow equations is 
the general energy equation, an expression for the bal¬ 
ance or conservation of energy between two points in a 
system. The energy equation is developed first, and us¬ 


ing thermodynamic principles, is modified to a pressure 
gradient equation form. 

The steady-state energy balance simply states that the 
energy of a fluid entering a control volume, plus any 
shaft work done on or by the fluid, plus any heat energy 
added to or taken from the fluid must equal the energy 
leaving the control volume. Figure 4-1 may be used to 
illustrate the control volume principle. 

Considering a steady-state system, the energy balance 
may be written as 


mv 2 m g h { 


U\+ Pl V l +~ + '^^ + q ' 

2gc gc 

m vV m e h-, 

+ w; = m + p-, v 2 + —- + -2-^ (4-2) 

2 gc gc 


where 


U' = internal energy, 

pV = energy of expansion or compression, 
mv 2 

-— = kinetic energy, 
m gh 

-= potential energy, 

8c 

q' = heat energy added to fluid, and 
W' s = work done on the fluid by the surroundings. 


Dividing Equation 4-2 by m to obtain an energy per 
unit mass balance and writing in differential form gives: 

( p\ vdv g 

- ) H-1- dh + dq + d W s = 0. (4-3) 

P / gc gc 

This form of the energy balance equation is difficult to 
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apply because of the internal energy term, so it is usually 
converted to a mechanical energy balance using well- 
known thermodynamic relations. From thermodynamics: 


and 


or 


dU = dh- d 


dh = TdS + 


(4-4) 


dp 


dp (p 

dU = TdS +- d I - 

P \P 


(4-5) 


where 


h = enthalpy, 

S = entropy, and 
T = temperature. 

Substituting Equation 4-5 into Equation 4-3 and sim¬ 
plifying results in 

TdS + — + V -^- + —dh + dq + dW s = 0. (4-6) 

P gc gc 

For an irreversible process, the Clausius inequality states 
that 

—d q 

dS> -or 

T 

TdS = -d q + d L w , 

where d L„, = losses due to irreversibilities, such as fric¬ 
tion. Using this relationship and assuming no work is 
done on or by the fluid, Equation 4-6 becomes 


dp v d v g 
-1-1- dh + dL„. — 0 

P gc gc 


Gas Production Operations 

If we consider a pipe inclined at some angle 0 to the 
horizontal, as in Figure 4-2, since dh = dL sin 0 

^ + + 1 dL sin e + dL w = 0. 

P gc gc 


Multiplying the equation by — gives 


dp p v d v g dL w 

-1-1— p sin 0 + p —-0. 

dL g c dL g c dL 


(4-8) 


Equation 4-8 can be solved for pressure gradient, and 
if we consider a pressure drop as being positive in the 
direction of flow 


dp_ 

dL 


p p v d v 

— p sin0 -I-P 

gc gcdL 


dp 

dL 


(4-9) 


where 


dp 

dL 


dL w 

i- 

dL 


is the pressure gradient due to viscous shear or friction 
losses. 

In horizontal pipe flow the energy losses or pressure 
drops are caused by change in kinetic energy and friction 
losses only. Since most of the viscous shear occurs at 
the pipe wall, the ratio of wall shear stress (t„,) to kinetic 
energy per unit volume (p v 2 /2 g c ) reflects the relative 
importance of wall shear stress to the total losses. This 
ratio forms a dimensionless group and defines a friction 
factor. 


/' = 


T*, 2 t h . g c 

p v 2 /2 g c p V 2 


(4-10) 


To evaluate the wall shear stress, a force balance be¬ 
tween pressure forces and wall shear stress can be formed. 
Referring to Figure 4-3, 


(4-7) 



\ 









Piping System Performance 


97 



to distinguish between laminar and turbulent fluid flow. 
For engineering calculations, the dividing point between 
laminar and turbulent flow can be assumed to occur at 
a Reynolds number of 2100 for flow in a circular pipe. 
Using units of lbm/ft 3 , ft/sec, ft and centipoise, the 
Reynolds number equation is 

1488 p vd 

Nfa = 

F- 


Pi 


dp 

Pi - dL 

dL 


TT d 2 

—— = t h . (nd)dL 
4 


_d(dp\ 

~ 4 \dLjf (4 - U) 

Substituting Equation 4-11 into Equation 4-10 and 
solving for the pressure gradient due to friction gives 

/ dp\ _ If p v 2 

W, g e d ’ 

which is the well-known Fanning equation. In terms of 
a Darcy-Weisbach or Moody friction factor, / = 4/', 
and 


(fp\ _ /pv 2 

\dL) f 2 g c d 

Laminar Single-Phase Flow 


(4-12) 


Turbulent Single-Phase Flow 

The ability to predict flow behavior under turbulent 
flow conditions is a direct result of extensive experi¬ 
mental studies of velocity profiles and pressure gra¬ 
dients. These studies have shown that both velocity pro¬ 
file and pressure gradient are very sensitive to char¬ 
acteristics of the pipe wall. A logical approach to defin¬ 
ing friction factors is to begin with the simplest case, 
i.e., the smooth-wall pipe, proceed to the partially rough 
wall, and finally to the fully rough wall. Only the most 
accurate empirical equations available for friction factors 
are presented here. 


Smooth-Wall Pipe. For smooth-wall pipes, several 
equations have been developed, each valid over different 
ranges of Reynolds numbers. The most commonly used 
equation—since it is explicit in / and also covers a wide 

range of Reynolds numbers (3000 < N Re < 3 x 10 6 )_ 

was presented by Drew, Koo, and McAdams 1 in 1932. 


The friction factor for laminar flow can be determined 
analytically by combining Equation 4-12 with the Hagen- 
Poiseuille equation for laminar flow 

v = £*i(±) 

32 |x \dL) f 

or 

(dp\ _ 32 [x v 
\dL) f g c d 2 ' 

Equating the expressions for frictional pressure gradient 
gives 

32 p. v / p v 2 
g c d 2 2 g c d 
or 

f __ 64 fx 64 
pvd N Re ' 

The dimensionless group, N Re = p v d/p, is the ratio 
of fluid momentum forces to viscous shear forces and is 
known as the Reynolds number. It is used as a parameter 


/= 0.0056 + 0.5AC 32 (4-13, 

An equation proposed by Blasius may be used for 
Reynolds numbers up to 100,000 for smooth pipes. 

/= 0.316 N7f 25 (4-i4) 

Rough-Wall Pipe. The inside wall of a pipe is not 
normally smooth, and in turbulent flow, the roughness 
can have a definite effect on the friction factor, and thus 
the pressure gradient. Wall roughness is a function of 
the pipe material, the method of manufacture, and the 
environment to which it has been exposed. 

From a microscopic sense, wall roughness is not uni¬ 
form. Individual protrusions, indentations, etc. vary in 
height, width, length, shape, and distribution. The ab¬ 
solute roughness of a pipe, e, is the mean protruding 
height of relatively uniformly distributed and sized, tightly 
packed sand grains that would give the same pressure 
gradient behavior as the actual pipe. 

Dimensional analysis suggests that the effect of rough¬ 
ness is not due to its absolute dimensions, but rather to 
its dimensions relative to the inside diameter of the pipe, 
e/d. In turbulent flow, the effect of wall roughness has 
been found to be dependent on both the relative rough- 
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ness and on the Reynolds number. If the laminar sub¬ 
layer that exists within the boundary layer is thick enough, 
the behavior is similar to a smooth pipe. The sublayer 
thickness is directly related to the Reynolds number. 

Nikuradse’s 2 famous sand grain experiments formed 
the basis for friction factor data from rough pipes. His 
correlation for fully rough-wall pipe is still the best one 
available. The friction factor may be calculated explic¬ 
itly from 

1 /2 e\ 

—- = 1.74 — 2 Log I — I. (4-i5) 

\ff \ d 1 

The equation that is used as the basis for modem fric¬ 
tion factor charts was proposed by Colebrook and White 3 
in 1939. 

(4-16) 

The friction factor cannot be extracted readily from the 
Colebrook equation. By rearranging the equation as fol¬ 
lows, a trial-and-error procedure may be used to solve 


1 

Vf 


1.74- 2 Log 


/ 2 i 


18.7 


d + N Re Vf 


the equation for friction factor. 

f i V 



1.74 - 2 Log 


2e 18.7 \ 

d + A^W 


> 


j 


Values of f g are estimated and then f c is calculated 
until f g and f c agree to an an acceptable tolerance. Using 
the Drew, Koo, and McAdams equation as an initial guess 
is recommended. After each unsuccessful iteration, the 
calculated value becomes the assumed value for the next 
iteration. Also, if more than one pressure loss calcula¬ 
tion is to be made as in the case of the iterative proce¬ 
dures discussed in later sections, then the “converged” 
value of the previous calculation should be used for the 
initial guess in the next calculation. Convergence using 
this method is rapid, normally taking only two or three 
iterations. The variation of single-phase friction factor 
with Reynolds number and relative roughness is shown 
graphically in Figure 4-4. The Colebrook equation may 
be applied to flow problems in the smooth, transition, 
and fully rough zones of turbulent flow. For large values 



Fig. 4-4. Friction factor for fully-developed flow in circular pipes. Courtesy The American Society of Mechanical Engineers 
ASME Transactions, Vol. 66, November 1944. 
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of Reynolds number, it degenerates to the Nikuradse 
equation. 

An explicit friction factor equation was proposed by 
Jain 4 and compared in accuracy to the Colebrook equa¬ 
tion. Jain found that for a range of relative roughness 
between 10~ 6 and 10~ 2 and a range of Reynolds number 
between 5 x 10 3 and 10 8 the errors were within ±1.0% 
when compared with the Colebrook equation. The equa¬ 
tion gives a maximum error of 3% for Reynolds numbers 
as low as 2000. The equation is 

1 (e 21.25\ 

v f = ™ 

Equation 4-17 is recommended for all calculations re¬ 
quiring a friction factor determination for turbulent flow. 
It is much easier to use than Equation 4-16 and, since 
the value of e will usually not be known to any high 
degree of accuracy, will give satisfactory results. 

The determination of the value to use for pipe wall 
roughness in the friction factor equations is sometimes 
difficult. It is important to emphasize that e is not a prop¬ 
erty that is physically measured. Rather, it is the sand 
grain roughness that would result in the same friction 
factor. The only way this can be evaluated is by com¬ 
parison of the behavior of a normal pipe with one that 
is sand-roughened. Moody has done this, and his results, 
given in Figure 4-5, are still the accepted values. These 
values should not be considered inviolate and could change 
significantly by such things as paraffin deposition, ero¬ 
sion, or corrosion. Thus, if measured pressure gradients 
are available, a friction factor and Reynolds number can 
be calculated, and an effective e/d obtained from the 
Moody diagram. This value of e/d should then be used 
for future predictions until updated again. If no infor¬ 
mation on roughness is available, a value of e = 0.0006 
ft is recommended for tubing and line pipe that has been 
in service for some time. 


Example 4-1: 

A liquid of specific gravity 0.82 and viscosity of 3 cp 
(.003 kg/m-sec) flows in a 4 in. (101.6 mm) diameter 
pipe at a velocity of 30 ft/sec (9.14 m/sec). The pipe 
material is new commercial steel. Calculate the friction 
factor using both the Colebrook equation and the Jain 
equation. 


Solution: 

From Figure 4-5, for commerical steel, e/d = 0.00045 
Colebrook Solution: Use the Drew, Koo and McAdams 
equation for a first guess. 

N Re = p vd/(ji = (820)(9.14)(. 1016)/.003 = 253,824 


f g = 0.0056 + 0.5 N^ e 32 = 0.0056 + 0.5 
(253,824) -0,32 
f g = 0.015 


fc = 

f, = 


, 2e 18.7 

1.74 - 2 Log I —+ 


d N Re VfJ\ 


1.74 - 2 Log |^2(.00045) 


18.7 


253,824 \A015/J 
f c = 0.0183 


This value is not close enough to f g ; therefore an¬ 
other trial is required using f g = 0.0183. 


4 


+ ■ 


1.74 - 2 Log ^2(.00045) 
18.7 ' " I ~ 2 


253,824 V.0183 



Fig. 4-5. Relative roughness values for pipes of common 
engineering materials. Courtesy The American Society of 
Mechanical Engineers. ASME Transactions, Vol. 66, No¬ 
vember 1944. 
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f c = 0.0182 


A third trial using f g = 0.0182 gives f e - 0.0182. 
Jain Solution: 


f = 


1.14-2 Log 


e 21.25 \ 

d + N r °V 


-2 


f = 


1.14-2 Log I 0.00045 + 


21.25 


(253,824)° 


/= 0.0183 

Combining Equations 4-9 and 4-12, the pressure gra¬ 
dient equation, which is applicable to any fluid at any 
pipe inclination angle, becomes 


dp 

dL 


g • A , fpv2 4 
= — p sin tM-r 

gc 2 8cd 


p v dv 

gc dL' 


(4-18) 


where the friction factor, /, is a function of Reynolds 
number and pipe roughness. This relationship is shown 
in the Moody diagram (Fig. 4-4). The total pressure gra¬ 
dient can be considered to be composed of three distinct 
components; that is, 

&=(*) +(*) +(-) • «-■’> 

dL \dLj el \dL) f \dLJ acc 

where 



= — p sin 0 

gc 


is the component due to potential energy or elevation 
change. It is also referred to as the hydrostatic compo¬ 
nent since it is the only component that would apply at 
conditions of no flow. 


(dp\ . fpv 2 

\dL) f 2g c d 

is the component due to friction losses. 

/ dp\ _ p v dv 
\dL/ acc g c dL 

is the component due to kinetic energy change or con¬ 
vective acceleration. Equation 4-18 applies for any fluid 
in steady-state, one-dimensional flow for which/, p, and 
v can be defined. 

The elevation change or hydrostatic component is zero 
for horizontal flow only. It applies for compressible or 
incompressible, steady-state or transient flow in both 
vertical and inclined pipes. For downward flow the sine 
of the angle is negative, and the hydrostatic pressure in¬ 
creases in the direction of flow. 

The friction loss component applies for any type of 
flow at any pipe angle. It always causes a drop of pres¬ 
sure in the direction of flow. In laminar flow the friction 


losses are linearly proportional to the fluid velocity. In 
turbulent flow the friction losses are proportional to V, 
where 1.7 s n < 2. 

The kinetic energy change or acceleration component 
is zero for constant area, incompressible flow. For any 
flow condition in which a velocity change occurs, such 
as compressible flow, a pressure drop will occur in the 
direction of the velocity increase. 

Although single-phase flow has been studied exten¬ 
sively, it still requires an empirically determined friction 
factor for turbulent flow calculations. The dependence 
of this friction factor on pipe roughness, which must 
usually be estimated, makes the calculated pressure gra¬ 
dients subject to considerable error. 

Equation 4-18 is a differential equation and must be 
integrated in order to apply it to calculate pressure drop 
as a function of flow rate or velocity and pipe diameter. 
It must be combined with a continuity equation and an 
equation of state to express velocity and density in terms 
of pressure. The following sections describe various as¬ 
sumptions made in integrating the equation for appli¬ 
cation. 

If a computer is available, the equation can be inte¬ 
grated numerically by dividing the pipe into small in¬ 
crements and evaluating the gas or fluid properties at 
average pressure and temperature in the increment. If 
small enough increments are taken, the accuracy will be 
very good. A procedure for calculating a pressure tra¬ 
verse in a pipe using this method is outlined below, and 
a flow chart is presented in Figure 4-6. 

1. Starting with the known pressure, p u at location Lj 
select a length increment, A L. 

2. Estimate a pressure increment, A p, corresponding to 
length increment, A L. 

3. Calculate the average pressure and, for nonisother- 
mal cases, the average temperature in the increment. 

4. From laboratory data or empirical correlations, de¬ 
termine the necessary fluid and PVT properties at 
conditions of average pressure and temperature (p g , 

5. Calculate the pressure gradient, dp/dL, in the incre¬ 
ment at average conditions of pressure, temperature, 
and pipe inclination, using Equation 4-18. 

6. Calculate the pressure increment corresponding to the 
selected length increment, A p = A L (dp/dL). 

7. Compare the estimated and calculated values of Ap 
obtained in steps 2 and 6. If they are not sufficiently 
close, estimate a new pressure increment and return 
to step 3. Repeat steps 3 through 7 until the estimated 
and calculated values are sufficiently close. 

8. Set L = L, + SAL and p = p { + XA p. 
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Fig. 4-6. Flow chart for calculating a pressure traverse (incrementing on pressure). 
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9. If SAL is less than the total conduit length, return to 
step 2. 

Using this procedure the length increments can be se¬ 
lected so that their sum is exactly equal to the total con¬ 
duit length and interpolation is not required in the last 
step. 


H = well depth, ft, 

f = average temperature in the tubing, °R, and 
Z = gas compressibility factor evaluated at f,p = 
(p™ + P,s)/ 2 - - 

Evaluation of Z makes the calculation iterative, and the 
procedure outlined previously can be used. 


FLOW IN WELLS 

Several methods are available for calculating static and 
flowing pressure drop in gas wells. The most widely used 
method is that of Cullender and Smith 5 . All of the meth¬ 
ods begin with Equation 4-18, with modifications for flow 
geometry. In most cases the acceleration gradient is ig¬ 
nored. Since it is frequently necessary to calculate the 
Static bottom-hole pressure in a gas well, this procedure 
will be presented first. 

Static Bottom-Hole Pressure 


Example 4-2: 

Using the following data, calculate p ws with Equation 4- 
23. 

H = 10,000 ft, y g = 0.6, p ts = 4000 psia, 

T s = 70°F = 530°R, T, = 220°F = 680°R 


Solution: 

A good first guess for p ws can be obtained from 
P\ s = P,s (1 + 2.5 x 10~ s H) 
p\ s = 4000(1 + 2.5 x 10~ s (10000)) = 5000 psia 


For a vertical (0 = 90°, sin 0 = 1), shut-in (v = o) 
gas well. Equation 4-18 becomes 


dp ^ 8 Pg 
dh g c ’ 


(4-20) 


where 


P* 


pM 

ZRT 


Combining this with Equation (4-20), 
dp g M dh 

7 = 8cZRT 


(4-21) 


Average Pressure and Temperature Method. If Z is 
evaluated at average pressure and temperature in the in¬ 
crement, 



gM 
g c R ZT J 


r H 


dh 


from which 


P« 


Pts EXP 


( gMH \ 

\gcRzT)’ 


(4-22) 


This equation holds for any consistent set of units. For 
conventional field units, 


= p„ EXP [(0.01875 lg H)/(TZ)\ (4-23) 


where 

p H . s = static or shut-in BHP, psia, 
p ls = static tubing pressure, psia, 
y s = gas gravity (air = 1), 


f = 

P = 


T s + T, 530 + 680 


605°R 


2 2 
Pts + P*ws 4000 + 5000 


= 4500 psia 


Z = 0.932 

p ws = 4000 EXP [(0.01875)(.6)(10000)/(605)Z] 

p ws = 4000 EXP [0.18595/Z] = 4000 EXP [0.18595/ 
0.932] 

p ws = 4883 

This is not close enough to the estimated value of 
5000 psia. Set the calculated value of p„ s as the next 
estimated value and continue until convergence is 
reached. 


P'm 

P 

Z 

pws 

5000 

4500 

.932 

4883 

4883 

4442 

.928 

4887 

4887 

4444 

.928 

4887 


The calculation could also be made by estimating an 
initial value for Z and comparing calculated and esti¬ 
mated values until convergence on Z is obtained. 


Cullender and Smith Method. The method presented 
?y Cullender and Smith 5 takes into account the variation 
rf temperature with depth and the variation of Z with 
pressure and temperature. From Equation 4-21, 

" ! TZ M 
— dp = 


R 


dh 


MH 

R 


0.01875 i t H. 


The integral is written in short notation as 
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I dp =0.01875 y H 


Using a series expansion, the value of the integral is 
approximated by 

21 I dp = (p ms ~ PtsWms + 4) 


(Pws Pms)(lws 4s) i (4-24) 

where 

Pms = pressure at mid-point of well, H/2, 
i m - I evaluated at p ms , f, 

4 = I evaluated at p ts , T s , 

4s = / evaluated at p KS , T f . 

The calculation procedure consists of dividing the well 
into two equal segments of length, H/2 , finding the 
pressure p TO at H/2 and using this value to calculate p ws . 
4 can be evaluated from known surface conditions; that 
is, 


Pms Pis 


,01875 y g H 

1 +1 

* ms 1 1 1 .s 


Pks Pms + 


,01875 H 

1ms T 4s 


Example 4-3: 

Work Example 4-2 using the Cullender and Smith 
method. 


Solution: 

220 - 70 

Temperature at any depth h = 70 + - h = 

10000 

70 + ,015b 
Calculate l, s : 

At T = 70, p = 4000, Z = .84 


, TZ 530(.84) 
hs = ~ = ' = 0.1113 

p 4000 

Estimate p ms : 

P*ms = Pis (1 + 2.5 x 10~ 5 H/2) 

= 4000 (1 + 2.5 x 1(T 5 (5000)) = 4500 psia 
f = 70 + .015(5000) = 145 
Z = 0.93 
Calculate l ms : 

= TZ_ 605 (.93 ) 

™ ~ Pms ~ 4500 

Calculate p ms : 


= 0.1250 


Pms Pts 


0.01875 y g H 

lms I Is 


_ 0.01875(.6)(10000) 

4000 +-2—2-- 

0.1250 + 0.1113 


p ms = 4000 + 476 = 4476 


This is not close enough to the estimated value of 4500 
psia, therefore set p* ms = 4476 and repeat. 

At T = 145, p* ms = 4476, Z = .93 


605 (.93) 
4476 


0.1257 


Pms — 4000 + 475 = 4475, which is close enough. 
Estimate p„ s : 

P**s = Pms (1 + 2.5 x 10~ 5 H/2) 

= 4475 [1 + 5000(2.5 x 10“ 5 )] 
p\s = 5034 psia, T = 220°F, Z = 1.006 
Calculate l, s : 


I* 


680(1.006) 

5034 


0.1359 


Pws Pms 


0.01875 y g H 

lms " 2 “ Iws 


= 4475 + 


112.5 


0.1257 + 0.1359 
For the second trial, Z = 0.998 


4905 psia 


L = 


680(-998) 

4905 


0.1384 


Pws = 4475 + 426 = 4901 psia 

This compares to 4887 calculated using the average 
pressure and temperature method. 


Flowing Bottom-Hole Pressure 


For a flowing well the velocity is not zero, and ig¬ 
noring acceleration. Equation 4-18 becomes, for a well 
inclined at an angle 0 from the vertical. 


dp 

dL 


= — p cos 0 + 

8c 


f P v 2 
2 g c d 


(4-25) 


Several methods have been presented for integrating 
Equation 4-25 depending on the assumptions made for 
handling temperature and Z-factor. Only the average 
pressure and temperature and Cullender and Smith meth¬ 
ods will be discussed. 


Average Pressure and Temperature Method. Sub¬ 
stituting the expression for gas density in terms of p, T, 
and Z into Equation 4-25 results in 
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dp 

dL 


pM 

ZRT 


^cos 0 + 



(4-26) 


Integration of Equation 4-26 assuming an average 
temperature in the flow string and evaluating Z at av¬ 
erage conditions of pressure and temperature gives 

Pvf ~ Ptf EXP (S) 

25 q 2 fZf(MP) (EXP (5) - 1) ^ 

+ — , 


where 


p — psia, 

S = 0.0375 (TVD)/fZ, 

MD = measured depth, ft, 

TVD = true vertical depth, ft, 
f = °R, 
q = MMscfd, 
d = inches, and 

f = f(N Re , e /d) (Jain or Colebrook equation). 

The solution procedure is the same as for a shut-in 
well except for evaluation of the friction factor, which 
requires calculating a Reynolds number and estimating 
pipe roughness. Iteration is required since Z must be 

evaluated at p = (p# + Pu/)/2- 

Dividing the well into several length increments and 
using the procedure described earlier will give more ac¬ 
curate results. Actually, any of the methods will give 
identical results if the well is divided into short enough 
increments. 

Convergence is sometimes obtained faster if iteration 
is performed on the Z-factor rather than the unknown 
pressure. The procedure for this method is: 

1. Estimate Z* (A good first estimate is 0.9). 

2. Calculate the unknown pressure using Equation 4-27 
with Z = Z*. 

3. Calculate the average pressure, p = (p# + p Hf )/ 2. 

4. Evaluate Z at p and f. 

5. Compare Z and Z*. If not close enough, set Z* = Z 
and go to Step 2. Repeat until abs(Z - Z*)/Z < 0.001 
or any other tolerance preferred. When the tolerance 
is met, the pressure calculated in Step 2 is the correct 
value. 


Solution: 

In terms of mass flow rate, the Reynolds number is 


N Re = 

where 

C Yg Qsc 

M -d 

(4-28) 



Units 

Variable 

Field 

SI 

q x = gas flow rate 

MMscfd 

MM m 3 /day 

ig = gas gravity 

— 


(x = gas viscosity 

cp 

kg/m-sec 

d = pipe inside diameter 

in. 

m 

C = constant 

20011 

17.96 


20011 y 9 q sc _ 20011(0. 75)(4.915) 
fid 0.012(2.441) 

= 2.518 x 10® 


From Equation 4-17, f = 0.015 

(1) Estimate Z* = 0.9 

0.0375(0.75)(7000) 0.3086 

S ~ 638 Z* Z* 

(2) pj = (2000) 2 EXP (0.3086/Z*) + 
25(.75)(4.915) 2 (638) Z* (.015) 


0.3086 


(2.441 ) 5 


(10,000)[EXP (0.3086/Z') - 1] 
0.3086 

-(2.441 ) 5 


pj = 4 x 10® EXP (0.3086/Z*) 

+ 1.621 x 10® (Z*) 2 (EXP(.3086/Z*) - 1) 
For Z* = 0.9, pj = 5.636 x 10® + 536,966 
pj = 6.173 x 10®, p= 2485 psia 
2000 + 2485 

(3) p = (p„+ pj )/2 = -g- = 2 PS ' a 


(4) At p = 2242 psia and T = 178°F, Z = 0.806 

0.117, 

' ' Z 0.806 


Example 4-3a: 

Use the average pressure and temperature method to 
calculate the flowing bottom-hole pressure for the fol¬ 
lowing directional well: 

= 0.75, MD = 10,000 ft, TVD = 7,000 ft 

T s = 110°F, T f = 245°F, p„ = 2000 psia, 

q„ = 4.915 MMscfd, d = 2.441 in., € = 0.0006 in., 
|1 = 0.012 cp 


which is too large. 

(2)' For Z* = 0.806, pj = 5.866 x 10® + 491,187 
pj = 6.357 x 10®, Pwf = 2521 psia 


2000 + 2521 

( 3 ) ( p = -= 2261 psia 


(4)' At-p = 2261 psia and T = 178°F, Z - 0.805 
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abs(Z - Z*) abs (.805 - .806) 

(5)' ---=-—-= 0.001, which 

Z .OUO 

is close enough. 

Therefore, p^ = 2521 psia. 


the well into two increments of length H/2 gives: 
Upper half of well: 

18.75 7 fMD) = (p mf - Ptf ){I mf + f), 

Lower half of well: 


Cullender and Smith Method. Derivation of the Cul¬ 
lender and Smith method for flowing wells begins with 
Equation 4-26. The following substitutions are made for 
velocity: 



q = 


PscTZ 
T sc pZj 


which gives 

dp _ pM cos 0 MTZpffqJ 
dL ZRT RpTflgcdA 1 


or 


where 


p dp M 
ZT dh ~ R 


(i?) Cos0 + c 


8 Psc' q sc 2 f 

Tsc 2 gc-n 2 d s 

which is constant for a given flow rate in a particular 
pipe size. Separating the variables gives: 





cos 0 + C 



(4-29) 


18.75 7 s (MD) = (p K/ - p mf ){h f + I m/ ), 

where 


I = 


0.001 


p_ 

TZ 


p\ TVD 

— -+ F‘ 

TZ MD 


(4-32) 


The solution procedure is similar to that for the static 
case, but is more involved because of the more compli¬ 
cated definition of 1. For practical purposes, F can be 
considered a constant since the only variable in the Rey¬ 
nolds number used in evaluating / is gas viscosity. Vis¬ 
cosity is a function of pressure, but for simplification of 
the calculations it can be evaluated at f and the known 
pressure. 


Example 4-4: 

The following data pertain to a flowing gas well. Use 
the Cullender and Smith method to calculate the flow¬ 
ing bottom-hole pressure. 

7 9 = 0.75, H = 10,000 ft, T s = 110°F, 

T, = 245°F, p„ = 2000 psia, q sc = 4.915 MMscfd, 
d = 2.441 in., e = 0.0006 in., (L = 0.012 cp 
0 = 0 ° 


Solution: 

Calculate fand F 2 : 


which is applicable for any consistent set of units. Sub¬ 
stituting field units and integrating the right-hand side of 
Equation 4-29 gives: 



ZT 


dp 


0.001 I — 

\ZT, 


TVD 

MD 


+ F 


18.75 7 g MD, (4-30) 


where 


_ 0.667/ q sc 2 

p -—-, 

d (4-31) 

TVD 

and -= cos 0 . 

MD 


Writing Equation 4-30 in short notation and dividing 


„ 20011 0.75 4.915) 

N Re =------ = 2.518 x 10 6 

0.012(2.441) 

From Equation 4-17: f = 0.015 

. 0.667 (0.015)(4.915) 2 

1- L = 0.00279 

(2.441 ) 5 

Calculate l H : 

At p = 2000 psia, T = 110°F, Z = 0.71 
p 2000 


TZ (570)(.71) 


4.942 


4.942 

/(/ =---= 181.60 

(0.001 )(4.942) 2 + 0.00279 

Estimate p* m ,\ (First Trial) 

p* m , = 2000 (1 + 2.5 x 10 _s (5000)) = 2250 psia 
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Calculate l mf : 

At p = 2250, 7= 110 + 67.5 = 178, Z = 0.797 

p 2250 


TZ (638)(.797) 


= 4.425 


4.425 


= 197.81 


(0.001 )(4.425) 2 + 0.00279 
Calculate p ml : 

18.75 7 S H 18.75(.75)(10000) 

p " l = p * + ~l^v “ 2000 + i97 i m i T.ro 

p ml = 2000 + 371 = 2371 (not close enough to p* mf ) 
Calculate l mf : (Second Trial) 

At p = 2371, 7 = 178, Z = 0.796 

p 2371 


TZ 638(.796) 


= 4.669 


4.669 


0.001 (4.669) 2 + 0.00279 
Calculate p mt : 

140625 


p m , = 2000 + 


= 189.88 


= 2379 


189.88 + 181.60 
Calculate l mf : (Third Trial) 

At p = 2379, 7 = 178, Z = 0.796 

p 2379 


TZ 638(.796) 


= 4.684 


lmf 


4.684 


0.001 (4.684) 2 + 0.00279 
Calculate p m ,: 

140625 


Pm, = 2000 + 


189.41 + 181.60 


= 189.41 


= 2379 psia 


Therefore, the pressure at the mid-point of the well is 
2379 psia. The value of p ^ is now calculated. 
Estimate p^: 

pi* = 2379 (1 + 2.5 x 10 -s (5000)) = 2676 
Calculate 1^. 

At p = 2676, 7 = 245, Z = 0.867 

p 2676 


TZ 705(0.867) 

4.378 


4.378 




(0.001 )(4.378) 2 + 0.00279 
Calculate p^: (First Trial) 
140625 


199.39 


Pwf Pm, + 


199.39 + 189.41 


= 2379 + 362 = 2741 


Calculate U: (Second Trial) 

At p = 2741, 7 = 245, Z = 0.868 


_P = 
TZ 

Iwf ~ 


2741 

705(0.868) 


= 4.479 


_ 4.479 _ 

(0.001 )(4.479) 2 + 0.00279 


= 196.00 


Calculate p^: 


Pw, = 2379 + 


140625 

196.00 + 189.41 


= 2744 psia 


This is close enough to the previously calculated value 
of 2741 psia. Therefore, the flowing bottom-hole pres¬ 
sure is 2744 psia. 


Annular Flow. Many gas wells are dually completed, 
and one zone may produce through the tubing-casing an¬ 
nulus. This presents no problem in calculating static 
pressures, and either of the previously described meth¬ 
ods can be used. For flowing wells either the Average 
Pressure and Temperature or the Cullender and Smith 
method may be used if the Hydraulic Radius concept is 
employed. The only modifications necessary are in cal¬ 
culating the effective diameter and the Reynolds num¬ 
ber. It can be shown that the correct effective diameter 
is 

d h = d c - d, (4-33) 

where 


d h = effective diameter, 
d c = casing inside diameter, 
d, = tubing outside diameter. 

There are no published data on values of roughness 
for an annulus. It would seem that a somewhat rougher 
surface than that for a round pipe would be applicable 
since the flow must pass the tubing collars. If one mea¬ 
surement of pressure drop and flow rate can be made, 
roughness can be back-calculated, and this value can be 
used for other flow rates. 

The Cullender and Smith method can also be used to 
estimate pressure drop occurring during gas injection by 
using a negative value for F 2 in Equation 4-30. 


FLOW IN PIPELINES 

For most practical cases of gas flow in pipelines, the 
line can be considered horizontal and the hydrostatic or 
elevation component, as well as the acceleration com¬ 
ponent, can be dropped from the general equation, Equa¬ 
tion 4-18. This is not true if the line is transporting liq¬ 
uids, as will be discussed later. The general equation is 
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dp fpv 2 pMf v 2 

- = - = - (4-34) 

dX 2 gc d ZRT 2 gc d 

Many solutions to Equation 4-34 have been proposed 
over the years. The difference in most of the solutions 
results from the method used to handle the friction fac¬ 
tor, /, and the gas compressibility factor, Z. In most cases 
temperature is assumed constant and Z is evaluated at 
average pressure in the line. This requires an iterative 
solution if one of the pressures is unknown. Integration 
of Equation 4-34 over some distance, L, between up¬ 
stream pressure p x and downstream pressure p 2 results in 


Pi ~Pi 


25 y g q 1 tZfL 
d 5 


(4-35) 


where 

p - psia, 

L = ft, 
f = ° R 

q = MMscfd (14.7 psia, 60°F) 
d = inches, and 

/ = f(N Re , e/d) (Moody diagram or Jain eq.). 


Equation 4-35 was derived using base or standard con¬ 
ditions as 14.7 psia and 60°F. It can be put in a more 
general form by leaving the base conditions in the equa¬ 
tion as variables. It is frequently advantageous to express 
Equation 4-35 in terms of flow rate; that is 


CT„ 

<7 =- 

Pb 


'2 „ 2 ' 
Pi ~P2 

.7 g fTZL 


0.5 


J2.5 


(4-36) 


The value of C depends on the units used in the equa¬ 
tion. Table 4-1 gives the value of C for various com¬ 
binations of units. 

A so-called efficiency factor is sometimes used in 
Equation 4-36 to account for the fact that actual pipelines 
frequently deliver less gas than is calculated. The effi¬ 
ciency factor usually varies between about 0.7 and 0.92 
and is usually obtained from “experience.” 


Example 4-5: 

A pipeline is to deliver 320 MMscfd of gas to a down¬ 
stream pressure of 600 psia. Using the following data, 
calculate the required upstream pressure. 

t = 45°F = 505 C R, y g = 0.67, d = 25.375 in., 

L = 100 miles = 528,000 ft, e = 0.0006 in. 


Solution: 

Use Equation 4-35. p x must be estimated to determine 
p and Z Estimate Ap/AL = 0.0005 psi/ft. Then p% = 
Pz + 0.0005 (528,000) = 600 + 264 = 864 psia. 


p 

T 

d 

L 

q 

C 

psia 

°R 

in. 

mi 

scfd 

77.54 

psia 

°R 

in. 

ft 

scfd 

5634 

psia 

°R 

in. 

ft 

MMscfd 

5.634 x 10“ 3 

kPa 

°K 

m 

m 

rrf/d 

1.149 x 10 6 


P*i 4 Pz 864 + 600 

= ™ =-= 732 psia 

2 2 

At p = 732 psia, T = 45°F, Z = 0.844, 

(i = 0.012 cp 
Determine /: 


20011 y g q 20011 (0.67)(320) _ 

(id 0.012(25.375) 1 


x 10 6 


From Equation 4-17 (Jain Eq.), f = 0.0097 
Calculate p,: 

n * , 25 y g q z TZfL 
cr 

2 = 2 25(0.67)(320) 2 (505)(Z)(0.0097)(528,000) 

Pl 1 (25.375)* 

Pi 2 = 360,000 + 421,680 Z = 360,000 + 355,898 
Pi 2 = 715,898 p.| = 846 psia 

This is not close enough to the estimated value of 
864. Set p*i = 846 and re-calculate p x : 

Second Trial: 


600 + 846 

p =---= 723 psia 

Z = 0.846 

p , 2 = 360,000 + 421,680 (.846) = 716,567 
p 1 = 847 psia 

Since two successive values of p, are approximately 
equal, the iterative solution has converged. The re¬ 
quired upstream pressure is 847 psia. 


Example 4-6: 

Calculate the flow capacity of the following pipeline. 

Pi = 4140 kPa, p 2 = 2760 kPa, L = 30,000 m, 
d = 0.152 m, e = 4.572 x 10"* m, y g = 0.75 
T b = 288°K, p b =101.4 kPa, f = 294°K, 
ix = 1.2 x 10 -S kg/m-sec, Z = 0.889 


Solution: 

The solution will be trial-and-error or iterative since fric¬ 
tion factor is required in Equation 4-36. This requires 
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a value of Reynolds number, which requires flow rate, 
the unknown. Rather than estimate flow rate, it is eas¬ 
ier to estimate friction factor. The procedure is as fol¬ 
lows: 


1. Estimate f* 

2. Calculate q using Equation 4-36 

3. Calculate N Re = f(q) 

4. Calculate fusing the Moody diagram or Equation 
4-T7 

5. Compare f and f*. If not close, set f* = f and 
go to Step 2. Continue until f - f*. 

1. Estimate f * - 0.01, a reasonable value for pipe¬ 
lines. 


2. q = - 


1. 149 x IQ 6 (288) 
101.4 

(4140) 2 - (2760) 2 ) 


(0.152) 2 


0.75 (f) (294)(0.889)(30,000) 
q = 31,783/f 05 = 31,783/(0.01)° 5 
= 317,830 m 3 /d 

17.96 q _ 17.96 (0.75) q 

3 ’ Nrb ~ fid ~ (1.2 x 10' s )(0.152) 

= 7.385 x 10 6 q 

N Re = 7.385 x 10 6 (0.31783) = 2.347 x 10® 


e _ 4.572 X 1Q- 
4 ' d~ 0.152 


0.0003 


f = 


1.14-2 log 0.0003 + 


21.25 


(2.347 x 10T 9J 

= 0.015 

5. Comparing fand f, 0.015 # 0.010, therefore, set 


2 / q 


r = 0.015. 
31783 


= 259,507 


(0.015)° 5 

3. ' N Re = 7.385 x 10® (0.259,507) = 1.916 x 10® 

4. ' f = 0.015 

5 1= r, therefore q = 259,507 m 3 /day. 


The previous examples illustrate that if either the pres¬ 
sure drop or flow rate is unknown, the solution is iter¬ 
ative. If the unknown is diameter, the solution will also 
be iterative since diameter is necessary to evaluate the 
friction factor. This fact has prompted several investi¬ 
gators to substitute a specific equation for/into the gen¬ 
eral flow equation to make the solution for either q or d 
noniterative or explicit. The friction factor specified may 
be either diameter dependent only or Reynolds number 
dependent. None includes the dependence on pipe 
roughness. 


The expressions incorporated into Equation 4-35 for / 
in several of the most popular pipeline equations are listed 
below. 


Equation 

/ 

Panhandle A 

0.085 


N 0147 

Panhandle B 

0.015 


N Re om 

IGT 6 

0.187 


w„°- 2 

Weymouth 

0.032 


d ]/3 


Using these relationships for friction factor in Equa¬ 
tion 4-36, the general form of the pipeline flow equation 
without / becomes 


<7 



P i ~ Pi 
fZL 



(4-37) 


where E is the efficiency factor, and the values of the a, 
constants used in the various equations are tabulated be¬ 
low. 


Equation 
Panhandle A 
Panhandle B 
IGT 

Weymouth 


a, a 2 a 3 a 4 a 5 

435.87 1.0788 0.5394 0.4604 2.618 

737.00 1.0200 0.5100 0.4900 2.530 

337.90 1.1110 0.5560 0.4000 2.667 

433.50 1.0000 0.5000 0.5000 2.667 


The units to be used in Equation 4-37 are: 

q = cu ft/day measured at T b , p b , 
T = °R, 
p = psia, 

L = miles, and 
d = inches. 


Example 4-7: 

Using the following data, calculate the flow capacity of 
the pipeline using the Weymouth equation, the Pan¬ 
handle B equation, and the Panhandle A equation. 

Pl = 847 psia, p 2 = 600 psia, d = 25.375 in., 

L = 100 miles, lg = 0.67, t = 505°R, Z = 0.846 
T b = 520°R, p b = 14.7 psia, E = 1.0 


Solution: 

Pi 2 - Pz 847 2 - 600 2 _ 
fZL ~ 505 (0.846)(100) 


8.366 
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ft 

Pb 


520 

14.7 


35.374 


Weymouth: 

q = 433.5 (35.374) 10 (8.366) 05 



(25.375) 2 ' 667 


q = 301,610,000 cu ft/day = 301.6 MMscfd 
Panhandle B: 

1 \°' 49 

w) (25 - 375f53 

q = 359,732,857 cu ft/day = 359.7 MMscfd 
Panhandle A: 


q = 737.0 (35.374) 102 (8.366) 051 


q = 435.87 (35.374) 10788 (8.366) 05394 



(25.375) 2 ' 618 


q = 364,247,375 cu ft/day = 364.2 MMscfd 

The flow capacities using the various equations vary 
considerably and can be compared to the results of Ex¬ 
ample 4-5, which showed that the line would deliver 320 
MMscfd at the specified pressures. If it is assumed that 
this is the correct value for q, efficiency factors of 1.061, 
0.890, and 0.879 would have to be applied to the Wey¬ 
mouth, Panhandle B, and Panhandle A equations re¬ 
spectively to make the calculated results agree. 

The choice of which equation to use can be difficult. 
It is generally assumed that the Panhandle A equation is 
more applicable at Reynolds numbers in the transition 
region, and the B equation is more accurate in the fully 
turbulent region. If pipe roughness data are available, 
the value of friction factor can be determined and Equa¬ 
tion 4-36 should be used. 

All of the pipeline equations considered to this point 
have been applicable to horizontal or near-horizontal pipes 
only. That is, all of the calculated pressure drop is due 
to friction. If the gas changes elevation, an elevation 
component will apply even though it is very small for 
most pipelines. However, the elevation or hydrostatic 
component may be included in the general flow equation 
as follows: 


CT b 

Pb 


(P i 2 ~ pf e s )S 
y g ffZ(e* - l)L] 


J2.5 


(4-38) 


where 


e = natural log base = 2.718, 

0.0375 V, H 

s =-z .. - * , and 

ZT 

H = elevation change, ft. 


This method of handling the elevation change assumes 
that the rate of elevation change with pipeline length is 
constant. However, if this is not the case, very little er¬ 
ror will result because of this assumption unless the av¬ 
erage pressure in the line is very high, resulting in a 
large gas density effect. 


Pipelines in Series 

If a pipeline or gathering line consists of sections of 
different diameter pipe, the flow capacity of the entire 
pipeline can be calculated by first determining an equiv¬ 
alent length of a line of some arbitrary diameter that would 
have the same flow capacity as the system. The general 
flow equation or any of the specialized equations can 
then be used to determine the flow capacity. By using 
the fact that for a series pipeline 

AT 

Ap T = A p, + Ap 2 + Ap 3 +— = ^ A p h 

i=i 

it can be shown that 

/A? _ XT' fLi 

<4-39) 

“ i=l a i 

where N = number of pipe segments. If the specialized 
equations are used, the friction factor is not required and 
the equation becomes 

( A ,) 2 * 3 _ A ( L ,) 2 "’ 

(df- h (d,) 3 *' (4A0) 

where a 3 and a 5 are obtained from the previous table. 
For example, if the Weymouth equation is used, since 
a 3 = 0.5 and a 5 = 2.667, Equation 4-40 becomes 

N I 

r -15.333 V Lji 

L '~ d < 4 - 4 » 
i= 1 a i 


Pipelines in Parallel 

For pipes in parallel the total flow rate is the sum of 
the rates in the individual pipes, or 

Pt = P\ + <72 + • • • + q N = X '7-- < 4 - 42 > 

/= 1 


If.the lengths of the individual pipes are the same, the 
total flow capacity is calculated from 


;=i 


dp 

f 05 


(4-43) 


When applied to the specialized equations, Equation 
4-43 becomes 

N 

Pt-C'^ d p (4-44) 

/=/ 
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The diameter d 0 of a single line having the same flow 
capacity as N parallel lines of diameters d, is 


r n 


l/a 5 



(4-45) 


L i=l 


In many cases only part of an existing pipeline will 
be paralleled or “looped” in order to increase its flow 
capacity. Equations 4-41, 4-44, and 4-45 can be com¬ 
bined to give 


C l new 


<7old 


1 + Y 


{ _2 _ 

Vo + w) 1 



(4-46) 


where 

q mvi = new flow capacity after looping, 
q oli = flow capacity before looping, 

Y = fraction of the original line that was paralleled 
starting at the outlet, 



d t = diameter of original line, 
d 2 - diameter of parallel line, 

/, = friction factor for original line, and 
f 2 = friction factor for parallel line. 

Using the specialized equations, the expression for W 
becomes 



Equation 4-46 can easily be solved for either W or Y 
to determine either the necessaiy line size for the parallel 
line or the length of line to be looped. 


EFFECTS OF LIQUIDS 

The equations presented in the previous sections were 
derived for calculating the relationship between flow rate 
and pressure drop for dry gases. There are many cases 
in gas production operations in which some liquid will 
be traveling in the pipe along with the gas. These include 
gas wells producing some condensate or water and pipe¬ 
lines in which condensation may occur or water may form. 
The presence of these liquids greatly increases the pres¬ 
sure drop for a given gas rate and reduces the efficiency 
of gathering systems. 

If the liquid loading is low, the increased pressure drop 
in the tubing can be handled by adjusting the gas gravity 
used in the vertical gas flow equations. This will not 
suffice for pipeline flow because the liquids will accu¬ 
mulate in the low sections in the- line. It then becomes 


necessary to apply a two-phase pressure drop method to 
design the piping system. Methods for use in both wells 
and pipelines will be discussed in this section. 


Well Performance 

The two-phase flow problem in flowing wells can be 
handled by either fluid gravity adjustment or by applying 
a two-phase flow correlation. There are many such cor¬ 
relations available, but only the Hagedom and Brown 7 
method will be discussed in detail for vertical flow. The 
Beggs and Brill 8 method, which will be used for pipeline 
flow, can also be used for well performance, but it has 
been found to sometimes overpredict pressure drop in 
vertical flow. Other well-known vertical, two-phase flow 
correlations are those of Poettmann and Carpenter 9 , 
Orkiszewski 10 , and Duns and Ros 11 . 

Gravity Adjustment. The gravity adjustment proce¬ 
dure consists of adjusting the gas gravity to a mixture 
gravity to account for the added density due to the liquid 
and then using one of the equations presented earlier to 
calculate pressure drop in a well. Either Equation 4-27 
or the Cullender and Smith method can be used. The 
mixture gravity is given by 

y„ + 4591 y JR 

•V = —-, (4-48) 

1 + 1123/2? 


where 

y ra = adjusted fluid gravity (air =1), 
y g = dry gas gravity, 
y t = liquid specific gravity, and 
R = producing gas-liquid ratio, scf/STB. 

The gravity adjustment method may be used with con¬ 
fidence for wells producing at high gas-liquid ratios. If 
a well is producing at a gas-liquid ratio of less than ap¬ 
proximately 10000 scf/STB, the two-phase correlations 
should be used. A gas-liquid ratio of 10000 scf/STB 
expressed in terms of liquid loading is 100 STB/MMscf. 


Hagedorn and Brown Method. The Hagedom and 
Brown method, ignoring acceleration, requires solution 
of Equation 4-25 for each increment that the well is di¬ 
vided into. 


dp 

dh 


8c 


p m cos 0 


, fPf V m 2 
2 g c d 


(4-49) 


Empirical correlations are presented for determining 
the mixture density, p m and the friction factor, /. The 
parameters in Equation 4-49 are defined by 


Pm = P lH L + Pg(l - H L ), 
p L = liquid density, 
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Pj, = gas density, 

H l = liquid holdup (fraction of pipe occupied by 
liquid), 

0 = angle of well segment from vertical, 
v m = v sL + v sg , 

v sL = superficial liquid velocity = qjA p , 

= superficial gas velocity = qjA p , 

A p = area of flow string = ttz / 2 / 4 , 
d = flow string ID, 

P f P n 1 Pm 

Pn = PzA + Pg (1 ~ k), and 
A = vjv m . 

The friction factor is calculated using the Jain equation 
or found from the Moody diagram using the pipe relative 
roughness and the following Reynolds number: 


P-m 



Fig. 4-7. Correlation for viscosity number coefficient C. 
Permission to publish by the Society of Petroleum Engi¬ 
neers of AIME. Copyright 1965 SPE-AIME. 


where 


M = «L .. u -h,.) 

P-m P-Z p£ , 

P-z = liquid viscosity, and 

(z g = gas viscosity. 

Determination of H L requires the use of three empirical 
correlations. These are presented in Figures 4-7, 4-8, and 
4-9. In order to determine H L from these figures, the 
following dimensionless numbers must be evaluated from 
known data: 


n lv = v s l (Pt/gcr) 2S , 
N P- = (Pz/go-) 25 , 
N d = d (Pzg/cr)' 5 , and 
N L = p-z (g/PzCT 3 ) 25 , 



Fig. 4-8. Holdup-factor correlation. Permission to publish 
by the Society of Petroleum Engineers of AIME. Copyriqht 
1965 SPE-AIME. 


where cr = gas-liquid surface tension. These equations 
are valid for any consistent set of units. For field units 
the equations are 

N Lv = 1.938 v sL (pz/cr) 25 , 

N gv = 1.938 v sg (Pz/ct)' 25 , 

N d = 120.872 d (Pz/ct)' 5 , and 

A^z = 0.15726 p-z (1.0/pza 3 ) 25 , 


where 


v sL , v sg = ft/sec, 
p L = lbm/cu ft, 
cr = dynes/cm, 
d = ft, and 
p-z = centipoise. 



Fig. 4-9. Correlation for secondary correction factor. Per¬ 
mission to publish by the Society of Petroleum Engineers 
of AIME. Copyright 1965 SPE-AIME. 
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The procedure for finding H L is: 

1. Calculate N L 

2. Find CN L from Figure 4-7 

3. Calculate 

- n l xcn l )p oa 

- h N dNg r s P r 

where p a = base pressure (14.7 psia) 

4. Find 

— from Figure 4-8 

«!» 

5. Calculate 

N N,°' 3S 

v — 1 gv L 

-* N d 2M 

6. Find from Figure 4-9 

7. Calculate H L = ijj(// i ./ , W 

A constraint on liquid holdup is that H L 3= X. 

Once H l is determined, N Re and thus / can be calcu¬ 
lated. The pressure gradient can then be calculated. This 
is Step 5 in the procedure for calculating a pressure tra¬ 
verse, which was presented earlier. All of the fluid prop¬ 
erties and velocities used in the above equations are eval¬ 
uated at the average pressure and temperature in the tubing 
increment. 


Example 4-8: 

During the calculation of a pressure traverse in a gas 
well producing liquid, the following conditions were de¬ 
termined at the average pressure and temperature in 
the pipe increment: 

p = 1500 psia 
T = 180°F 
d= 2.992 in. 
tig = 0.012 cp 
|i/_ = 0.45 cp 
cr = 25dynes/cm 

Using the Hagedorn and Brown method, determine the 
pressure gradient. 


Vgg = 30 ft/sec 
v s i_ = 5 ft/sec 
e = 0.0006 ft 
p L = 50 Ibm/cu ft 
p g = 8 Ibm/cu ft 


Solution: 

Before finding H L and f, some preliminary calculations 
are made: 

v m = v sL + v sg = 5 + 30 = 35 ft/sec 
k = 5/35 = 0.143 

p „ = 50(0.143) + 8(1 - 0.143) = 14 lb/ft 3 
A p = rrd 2 /4 = 0.7854(0.249) 2 = 0.0487 ft 2 
p Jo = 50/25 = 2 


N Lv = 1.938(5)(2)- 25 = 11.52 
N gv = 1.938(30)(2) 25 = 69.14 
N d = 120.872(0.249)(2) s = 42.56 
N l = 0.15726(0.45)[1 / (50)(25) 3 ] 25 = 0.0024 
Determine H L : 


1. N l = 0.0024 

2. From Figure 4-7, CN L = 0.002 


11.52(0.002)(1500)° 1 
3 ‘ - H ~ 42.56(69.14)°' 575 (14.7) 0 ' 1 


= 7.53 x 10" 5 


4. From Figure 4-8, H t /\|» = 0.29 
69.14(0.0024) a38 


5. X * = 


(42.56) 2 


= 2.28 x 10" 


6. From Figure 4-9, >!» = 1.0 

7. H l = 1.0(0.29) = 0.29 


Pm = 50(0.29) + 8(1 - 0.29) = 20.18 lb/ft 3 
p, = (14)720.18 = 9.71 lb/ft 3 
p. m = (0.45) 0 ' 29 (0.012) (1 "' 291 = 0.034 cp 
1488(14)(35)(0.249) 


N, 


0.034 


= 5.29 x 10 b 


6 

d 


0.0072 

2.992 


0.0024 


From Figure 4-4 or Equation 4-17, 


f = 0.025 


dp _ . 0.025(9.71 )(35) 2 
— — 20.18 + 

dh 2(32.2)(0.249) 


= 20.18 + 18.54 


— = 38.72 lb/ft 3 = 0.269 psi/ft 
dh 


A FORTRAN computer subroutine for the Hagedorn and 
Brown method is included in the appendix. 


Pipeline Performance 

Two methods will be presented for handling pipelines 
in which both liquid and gas are flowing. The Flanigan 12 
method accounts for the added pressure drop caused by 
lifting the liquid up the hills in a hilly-terrain pipeline 
and ignores any pressure recovery in the downhill sec¬ 
tions. The angle of the hill is of no consequence in this 
method. 

The Beggs and Brill correlation can be used to account 
for the hydrostatic or elevation pressure drop and is ap¬ 
plicable to downward two-phase flow such as might oc¬ 
cur in offshore gathering lines. 
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Fig. 4-10. Flanigan efficiency factor. Courtesy Penn Well Publishing Company. 


Flanigan Method. Flanigan proposed using the Pan¬ 
handle A equation to calculate the pressure drop due to 
friction, based on the gas flow rate. A correlation for 
efficiency factor as a function of superficial gas velocity 
and liquid loading is presented in Figure 4-10. The gas 
velocity and liquid to gas ratio are in ft/sec and bbls/ 
MMscf, respectively. 

The additional pressure drop due to hills is calculated 
from 

p l H f 2 h 

Sp e \ = — 77 — (4 ' 5I) 

144 

where 

A p eX = pressure drop due to hills, psi, 
p L = liquid phase density, lb/ft 3 , 

H F — holdup factor, and 

2ft = sum of the vertical heights of the hills. 

The holdup factor is a function of gas superficial velocity 
and is calculated from 


Beggs and Brill Method. The Beggs and Brill method 
requires the determination of the flow pattern that would 
exist in the pipeline if the pipe were horizontal. Different 
equations are used to calculate liquid holdup for each 
flow pattern. The flow patterns defined are shown in 
Figure 4-11. 

Determination of the correct flow pattern requires cal¬ 
culating several dimensionless numbers, including a two- 
phase Froude number. 

The following variables are used to determine which 
flow pattern would exist if the pipe were in a horizontal 
position. This flow pattern is a correlating parameter and 
gives no information about the actual flow pattern unless 
the pipe is horizontal. 

gd 
V S L 


Nfr ~~ 

h = 


H F = 


1 


1 + 0.3264 v„ 


( 4 - 52 ) 


The superficial gas velocity used in Figure 4-10 and 
Equation 4-52 must be calculated at the average pressure 
and temperature in the line. This requires an iterative 
solution since either p x or p 2 is unknown and p = 0.5(p, 
+ p 2 ). If either q or d is unknown, they must be esti¬ 
mated before v sg can be calculated. 


L, = 316 ki 0 ' 302 

L 2 = 0.0009252\ l ~ 2 4684 

L 3 = 0.10 v 1 - 4516 

L 4 = 0.5 k L “ 6 ' 738 

The horizontal flow pattern limits are: 






114 


Gas Production Operations 



Intermittent: 

Limits: 0.01 < k L < 0.4 and L 3 < N FR < L x 

or k L > 0.4 and L 3 < N FR < L 4 

Distributed: 

Limits: k L < 0.4" and N FR > L x 
or k L > 0.4 and N FR > L 4 

When the flow falls in the transition region, the liquid 
holdup must be calculated using both the segregated and 
intermittent equations and interpolated using the follow¬ 
ing weighting factors. 

H l (transition) = A X H L (segregated) 

+ B X H l (intermittent), 

where 



B = 1 — A. 

The same equations are used to calculate liquid holdup 
for all flow patterns. The coefficients and exponents used 
in the equations are different for each flow pattern. 

The liquid holdup depends on flow pattern and is cal¬ 
culated from 

Hl(0) ~ ( 4 - 53 ) 

where H U0) is the holdup that would exist at the same 
flow and pressure conditions in a horizontal pipe. It is 
calculated from: 

a k L b 

Hm ~ \ , r » ( 4 - 54 ) 

A W 

where a, b, and c are determined for each flow pattern 
from Table 4-2. 

The value calculated for H U0) is constrained by 
Huo) 55 

The factor for correcting the holdup for the effect of pipe 
inclination is given by: 

«!» = 1 + C [sin (1.80) - 0.333 sin 3 (1.80)], 

where 0 is the actual angle of the pipe from horizontal, 
and 

C = (1 - k L ) In (ak L e NjN FR *), 


Fig. 4-11. Horizontal flow patterns. 

Segregated: 

Limits: k L < 0.01 and N FR < L x 

Flow Pattern 

TABLE 4-2 

a b 

c 

or k L > 0.01 and N FR < L 2 

Segregated 

0.98 

0.4846 

0.0868 

Transition: 

Intermittent 

0.845 

0.5351 

0.0173 

Limits: k L > 0.01 and L 2 < N FR < L 3 

Distributed 

1.065 

0.5824 

0.0609 
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TABLE 4-3 


Flow Pattern 

a 

e 

f 

9 

Segregated uphill 

0.011 

-3.768 

3.539 

-1.614 

Intermittent uphill 

2.96 

0.305 

-0.4473 

0.0978 

Distributed uphill 

No correction 

C = 0 i|/ = 

i h, = tm 

All flow patterns 
downhill 

4.70 

-0.3692 

0.1244 

-0.5056 


The value of S becomes unbounded at a point in the 
interval 1 < y < 1.2; for y in this interval, the function 
S is calculated from 

5 = In (2.2 y- 1.2). 

Although the acceleration pressure gradient is very small 
except for high velocity flow, it should be included for 
more accurate results. 


where a, e, f, and g are determined for each flow con¬ 
dition from Table 4-3. 

The value for C must be positive, and if a negative 
value is calculated, C is set equal to zero. 

Once H m is determined, the two-phase density is cal¬ 
culated from 


P* = P lH l + p g H g , 
where H g = 1 — H L . 

The pressure gradient due to elevation change is then 


dp 

dZ, 


gc 


p s sin 0. 


The pressure gradient due to friction is 
( dp\ = /, p p„v m 2 
\dZ/ f 


where: 


2 gcd 
Pn = Pi + P s K 


( 4 - 55 ) 


( 4 - 56 ) 


fp^fn 


fjp 

fn 


dp\ = p, v m v sg dp 
dZ/ acc g cP dZ 


If an acceleration term is defined as 


( 4 - 59 ) 


£* = 


P5 Vm Vsg 
gcP 


the total pressure gradient can be calculated from 



( 4 - 60 ) 


Example 4-9: 

Using the following data for a hilly terrain pipeline, cal¬ 
culate the outlet pressure using the Beggs and Brill 
method. 

q' D = 7140 STB/D Pi(inlet) = 425 psia 

q' g = 25.7 MMcf/D t = 90°F, y g = 0.70 

d = 12 in. To = 0-83 = 40°API 

Divide the pipeline into two sections. Section 1 rises 
300 ft in one mile. Section 2 drops 300 ft in 3000 ft. 


The no-slip friction factor/„ is determined from the Moody 
diagram or from Equation 4-17 using the following Rey¬ 
nolds number: 

P» v ” d 

Nr ' =-, 

P- n 


where 


P'n P-L "f P'S ^S* 

The ratio of the two-phase to no-slip friction factor is 
calculated from: 


where 



( 4 - 57 ) 


s = [In (y)]/{-0.0523 + 3.182 In (y) 

- 0.8725 [In (y)] 2 + 0.01853 [ln(y)] 4 }, ( 4 - 58 ) 


Solution: 


Section 1 

1. Estimate Ap and calculate p 


Ap* = 30 psi, p = 425 - 30/2 = 410 psia 

2. From fluid property correlations, at 410 psia and 
90°F: 

R s = 96 scf/STB CT 0 = 19.6 dyne/cm 

B 0 = 1.047 z = .925 

p. 0 = 2.4 cp p. g = 0.0105 cp 

3. Calculate flow rates and densities 


350 y 0 + 0.0764 R s y g 
5.615 B 0 


350 (.83) + .0764 (96)(.7) 
5.615(1.047) 
p 0 = 50.29 Ibm/cu ft 


[Hupf 


Pg' 


2-7 P7g 
ZT 


2.7(410)(.7) 

—2- ——- = 1 .52 Ibm/cu ft 

.925(550) 
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q a = 6.49 x 1CT 5 q' 0 B a = 6.49 x 10 ~ 5 (7140)(1.047) 
= 0.485 ft 3 /sec 


<7g = 


3.27 x 10~ 7 Z(q'g — q' 0 R s ) T 


9g = 

3.27 x 10~ 7 (.925)[25.7 x IQ 6 - 7140(96)](550) 
410 

q g = 10.1 ft 3 /sec 

4. Calculate the in-situ superficial velocities 

v sL = qJA = .485/.785(1) 2 = 0.617 ft/sec 

Vsg = q g /A = 10.1/.785 = 12.87 ft/sec 

v m = v sL + = .617 + 12.87 = 13.49 ft/sec 

5. Determine the flow pattern 

v s£ . .617 

X L = — =-= 0.0457 

v m 13.49 


A/ fb = v m 2 /gd = (13.49)7(32.2)(1) = 5.65 
N Lv = 1.938 v sL j =1.51 

=316 X L °- 302 = 124 
4 = 0.0009252 X L - 2 ' 4684 = 1.86 
4 = 0.10 X 4 1 - 4516 = 8.82 

Since k L > .01 and 4 < N m < 4 , 

Flow pattern is transition, therefore interpolation is 
required. 

6 . Calculate the liquid holdup 

a. Segregated 

_ .98 X L - 4846 

N .0868 =' 189 ' 

/Vpfl 

C = (1 - X L ) In (.011 xr 3 ' 768 N Lv 3539 A/fr -1 ' 614 ) 
= 5.516 

0 = arcsin (300/5280) = 3.257° 

= 1 + C [sin (1.8 0) - sin 3 (1.8 0)/3] = 
1.56 

H m (segregated) = H m >)i = .189 (1.56) = .295 

b. Intermittent 


H, 


_ .845 X,' 535 
' U0) ~ A/fr 0173 


= .157 


C = (1 - XJ In (2.96 X L 305 N L ~ M37 N FR 097B ) 
= .1246 

= 1 + C(.1015) = 1.013 
H m (intermittent) = .157(1.013) = .159 

A = 4 ~ A/fr 


= 8.82 - 5.65 

-= .455 

8.82 - 1.86 

B = 1 - A = .545 

H l (transition) = A x H L (seg.) + B x H L 
(int.) 

= .455 (.295) + .545 (.159) 

= .221 

7. Calculate the actual and no-slip densities 

Ps = p l H l + p g H g = 50.29 (.221) + 1.52 (.779) 
= 12.3 Ibm/cu ft 

Pn = Pt x t + Pg kg = 50.29 (.0457) + 1.52 (.9543) 
= 3.75 Ibm/cu ft 

8 . Calculate the friction factor 

_ 1488 p„ v m d 

iVfl en ---— 

Ft X L + Fg X g 

1488 (3.75)(13.49)(1) 

2.4 (.0457) + .0105 (.9543) 

= 6.29 x 10 s 
From Equation 4-17 
f n = .0126 


y = 


.0457 


= .936 


rl m 2 (0.221 ) 2 

X = In y = -.066 

S = X/[—0.0523 + 3.182 X - 0.8725 X 2 + 
0.01853 X 4 ] = 0.248 

ftp = f n EXP (S) = .0126 (1.28) = 0.016 

9. Calculate the pressure gradient 

9 n , ftp Pn v m 

. — p s sin 0 -i- 

d P 9c 2 9c d 


dL 


1 


Ps Vm Vsg 


12.3 (.057) 


9c P 

.016 (3.75)(13.49) 2 
64.4 (1) 


1 - 


12.3 (13.49)(12.87) 
32.2 (410)(144) 
0.70 + 0.17 


0.871 psf/ft = 0.0061 psi/ft 


0.999 

1 0 . Calculate the pressure drop 
dp 

A p =37 A L = .0061 (5280) = 32.2 psi 
dL 

For hand calculations this is close enough to the es¬ 
timated Ap* of 30 psi. If a computer program were being 
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used, the calculated Ap would be taken as the new 
estimated Ap* and the procedure would be repeated 
until the error was smaller. The pressure at the end of 
section 1 is 425 - 32.2 = 392.8 psia. The same pro¬ 
cedure must be followed to calculate the pressure at 
the end of section 2 . 

Section 2 

1. Estimate Ap* = 0, p = 392.8 psia 

2. R s = 90 p, g = 0.0105 cp 

B 0 = 1.046 <T 0 = 19.6 dyne/cm 

fi 0 = 2.4 cp z = .925 

3 _ 350(.83) + ,0764(90)(.7) 

P ° ~ 5.615(1.046) 

= 50.28 Ibm/cu ft 


2.7(392.8)(.7) 

p g = — —— — = 1.46 Ibm/cu ft 


Qc 


Qg 


.925(550) 

.485(1.046) 


= .484 ft 3 /sec 


1.047 

3.27 x 10~ 7 (,925) 

392.8 X 

[25.7 x IQ 6 - 7140(90)]550 
392.8 


10.61 ft 3 /sec 


4. v sL = ,484/.785 = 0.616 ft/sec 
v sg = 10.61/.785 = 13.52 ft/sec 
v m = .616 + 13.52 = 14.14 ft/sec 


b. Intermittent 


,, .845(.04356)' S3S1 

Hl(0) ~ ( 6.21 ) 0173 
C = 1.75, i|/ = .69 
H m = .153(.69) = .106 
, 9.45 - 6.21 


= .153 


9.45-2.11 


.44 0= .56 


H l (transition) = .44(.126) + .56(.106) = .115 
7. p s = 50.28(.115) + 1.46(1 - .115) 

= 7.07 Ibm/cu ft 

p n = 50.28(.04356) + 1.46(1 - .04356) 

= 3.59 Ibm/cu ft 

8 N 1488(3.59)(14.14) 

Re " 2.4(.04356) + .0105(.9564) 

= 6.59 x 10 5 


f n = .0125 


.04356 


3.29 


(■115) 2 

X = In y = 1.192 
S = .319 

f lp = .0125 EXP (.319) = .017 

.017(3.59)(14.14) 2 


dp 

q = 
9 ' dL 


7.07(-.10) + 


64.4(1) 


.999 


5. k L = .616/14.14 = .04356 
N fr = 14.147(32.2) = 6.21 


Nlv 


1.51 (.616) 
.617 


-.707 + .189 
.999 

= -.518 psf/ft = -.0036 psi/ft 
10. Ap = (—.0036)(3000) = -10.8 psi 


L, = 316(.04356) 302 = 122.7 
L 2 = 2.11 L 3 = 9.45 

Since k L > .01 and L z < N FP < L 3 , flow pattern is 
transition. 

6 . a. Segregated 

„ .98(.04356) 4846 

m ~ ( 6.21 )' 0868 _ ' 183 
C = (1 - k L ) In (4.7 k L - 3692 N Lv ' 2A4 N FR -- 5056 ) 
= 1.75 

0 = -arcsin (300/3000) = -5.74° 

4< = 1 + C (sin(1.80) - sin 3 (1.8 0)/3) = 
1 - 1,75(.177) = .69 
H m = ,183(.69) = .126 


The estimated Ap* was zero. Iteration through two 
more trials gives a pressure drop of - 8.6 psi. The 
pressure at the outlet end of the pipe is then 425 - 
32.2 + 8.6 = 401.4 psia. 

GAS FLOW THROUGH RESTRICTIONS 

There are several locations in the gas production sys¬ 
tem where the gas must pass through relatively short re¬ 
strictions. Examples of these restrictions are perfora¬ 
tions, subsurface safety valves, and surface chokes. The 
flow may be either critical or subcritical. In critical flow 
the velocity of the gas through the restriction is equal to 
the velocity of sound in the gas. Since pressure distur¬ 
bances travel at the velocity of sound, a disturbance in 
the pressure downstream of the restriction cannot affect 
the upstream pressure or the flow rate. 
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In sub-critical flow the flow rate depends on both the 
upstream and downstream pressures. Surface chokes are 
usually sized so that flow will be critical, whereas in 
subsurface safety valves the flow is subcritical. Flow 
through well perforations will also be subcritical. Equa¬ 
tions for both critical and subcritical flow are given in 
this section. Flow-through well perforations were dis¬ 
cussed in Chapter 3. 

A general equation for flow-through restrictions can 
be obtained by combining the Bernoulli equation with 
an equation of state and assuming that there are no ir¬ 
reversible or friction losses taking place. An empirical 
discharge coefficient is included to account for the sim¬ 
plifying assumptions used in deriving the equation. The 
following equation may be used for both critical (sonic) 
or subcritical (subsonic) flow. Tables 4-4 and 4-5 give 
values for the constants in the equation for various sys¬ 
tems of units. 


C n ( Pl )(d) 2 
Vy* (r,)z, 



where 


C s (C d ) T sc 

C " P 

r SC 

q sc — volumetric gas flow rate, 

C„ — coefficient based on system of units, dis¬ 
charge coefficient and standard conditions, 


Symbol 

TABLE 4-4 

Coefficients and Units for Equation 4-61 

English Metric 

System System 

Si Metric 
System 

Psc 

Mscf/d 

rrP/d 

m 3 /d 

d 

in. 

mm 

mm 

p abs 

psia 

kg,/cm 2 

kPa 

T abs 

°R 

°K 

°K 

c s 

27.611 

1.6259 

1.6259 


System 
of Units 

TABLE 4-5 

Coefficient for Equation 4-61 

Psc Tsc 

C d abs abs 

C n 

English 

0.865 

14.696 psi 

491.68°R 

799.06 


0.865 

14.696 psi 

519.68°R 

844.57 

Metric 

0.865 

1.0332 kg/cm 2 

273.16°K 

371.83 


0.865 

1.0332 kg/cm 2 

288.72°K 

393.01 

SI Metric 

0.865 

101.325 kPa 

273.16°K 

3.7915 


0.865 

101.325 kPa 

288.72°K 

4.0075 


d —ID of bore opening to gas flow, 
y e — gas specific gravity (air = 1.0), dimension¬ 
less, 

k — ratio of specific heats = C P JC V , dimension¬ 
less, 

Pi — upstream pressure, absolute units, 
p 2 — downstream pressure, absolute units, 

Ti — upstream temperature, absolute units, 

Z, — compressibility factor at pi and T u dimen¬ 
sionless, 

C s — coefficient based on system of units, 

. C d —discharge coefficient (empirical), dimension¬ 
less, 

T sc —standard temperature base, absolute units, 
p sc — standard pressure base, absolute units, and 
R pc — critical pressure ratio, dimensionless. 

Values of k can be obtained from: 

C„ 1.987 

k _ — — 1 -l- 

C v MC P - 1.987 

where 


M = molecular weight, lbm/mole, 
C p = specific heat, BTU/lbm — °R 


The pressure ratio at which flow becomes critical de¬ 
pends on the k value for the flowing gas and is given by 

k/k-\ 

I A 

R„ 


k+ 1 


In calculating the values for C n given in Table 4-5, a 
discharge coefficient of 0.865 was used. The discharge 
coefficient actually depends on the Reynolds number, 
the ratio of the diameter of the pipe to the diameter of 
the restriction, and the geometry of the restriction. 


Example 4-10: 

Using the following data, find the flow rate through the 
choke for: 

a) Pz = 2837 kPa, and 

b) p z = 1420 kPa 

d = 10 mm, y g = 0.69, k = 1.25, C d = 0.865 
p sc = 101.325 kPa T sc = 288.72°K, 

T, = 333°K, pi = 3546 kPa, Z, = 0.93 


Solution: 

From Table 4-5, C n = 4.0075 

/T//C-1 

/ / 

Fla 


k+ 1 


1.25 + 1 


1.2S/.25 


= 0.555 


, , p 2 2837 

(a) — =-= 0.80, therefore flow is subcritical. 

Pi 3546 
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Using Equation 4-61: 


Qsc 


4.0075(3546)(10) 2 
[(0.69)(333)(.93)] 5 


(5[(.8) 1,6 - (.8) 1 ' 8 ]) 0 ' 5 


q sc = 97,213 (0.391) = 38,000 m 3 /d 


p, 1420 

(b) — =-= 0.4, therefore flow is critical. 

p, 3546 

qsc = 97,213 (5[(.555) 16 - (.555) 1 e ]) 05 
qsc = 97,213 (0.465) = 45,235 m 3 /d 


Equation 4-61 has been modified for particular types 
of wellhead chokes. An equation which is used for the 
types of chokes manufactured by the Thomhill-Craver 
company is given below. This equation applies for 6 in. 
long chokes with rounded entrances operating in critical 
flow. The equation is 


605.4 A p,C d 

q “~ (T l s f ' 5 

where 


(4-61 a) 


q sc = flow rate, Mscfd, 

A = area of choke opening, in. 2 , 

Pi - upstream pressure, psia, 

C d - discharge coefficient, usually = 0.82, 
T = upstream temperature, °R, and 
y g = gas specific gravity. 


Example 4-11: 

Recalculate the flow rate in Example 4-10b using 
Equation 4-61 a. 

d = 10 mm = 0.394 in. pi = 3546 kPa = 514 psia 
7i = 333°K = 600°R y g = 0.69 


where 

3 = d/d p , 

d p = pipe diameter, 

C d = discharge coefficient (API suggests using 0.9), 
and 

Y = expansion factor, 

Y = 1 - [0.41 + 0.353 4 ] (-—— 

\ kp\ 

The solution of Equation 4-62 is iterative since Y is a 
function of Ap = p, — p 2 . The value for Y ranges from 
about 0.67 to 1.0. For quick estimates of Ap, a value of 
0.85 can be used. 


Example 4-12: 

A subsurface safety valve having a bean diameter of 
1.0 in. is installed in a gas well equipped with 3.5 in. 
tubing (2.992 in. ID). The well is flowing at a rate of 20 
MMscfd. Calculate the pressure drop across the SSSV 
if the pressure upstream of the SSSV is 2000 psia. The 
temperature is 180°F. Assume C d = 0.9, Y = 0.85. Gas 
gravity is 0.70. 


Solution: 

d 

P = T 


1.0 


d p 2.992 


= 0.334 Z, = 0.84 


2.7(0.7^000) 
y 0.84(640) 

6.23 x 10” 4 (.84)(64Q)(20000) 


(2000)(1.0) 2 (.9)(.85) 
Ap = 6.944 (4.378) 2 = 134 psi 


USE OF PRESSURE TRAVERSE CURVES 


Solution: 

A = ,7854(0.394) 2 = 0.122 in. 2 


605.4(0.122)(514)(0.82) 
[(600)(0.69)f 5 
= 43,337 m 3 /d 


= 1530 Mscfd 


An equation for calculating the pressure drop across a 
subsurface safety valve operating in subcritical flow was 
presented by the API 13 in 1974. For the English System 
of units given in Table 4-4, the equation is 


P\~P2 = 


2-7 y^Pi 

ZiTi 


(1 - p 4 ) 


6.23 x icr 4 z, r, q sc 
. Pi d 2 C d Y 


(4-62) 


Several equations were presented earlier for calculat¬ 
ing flowing bottom-hole pressures in gas wells. Solution 
of these equations is iterative and, unless a computer is 
available, can require a considerable amount of time to 
solve. Estimates in the field can be made by using pre¬ 
viously prepared pressure traverse curves, which can be 
calculated using conditions relative to a specific field. 
These curves can be prepared using either Equation 4- 
27 or the Cullender and Smith method. If small length 
increments are used in the calculations. Equation 4-27 
is sufficiently accurate. Samples of flowing gas pressure 
traverse curves prepared using Cullender and Smith (see 
Figs. 4-12 through 4-16) are included for illustration. An 
example problem illustrates the application procedure for 
determining flowing bottom-hole pressure. It should be 
pointed out that when using the prepared traverse curves, 
one has no control over gas gravity, flowing tempera¬ 
ture, gas viscosity, or pipe roughness. 




Fig. 4-13. Vertical flowing gas gradients. 











































Fig. 4-14. Vertical flowing gas gradients. 



Fig. 4-15. Vertical flowing gas gradients. 
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Example 4-13: 

Using the traverse curves, estimate the flowing bottom- 
hole pressure for the well producing under the following 
conditions: 

H = 10,000 ft, p„ = 1200 psig, d = 2.441 in., 
q sc = 9.8 MMscfd 


Solution: 

Select Figure 4-13 as the curve that closely matches 

the given conditions. The following procedure will yield 

an estimate of p^: 

1. Starting at the known pressure of 1200 psig on the 
pressure axis, draw a vertical line to intersect the 
10 MMscfd traverse line. 

2. Draw a horizontal line to the depth axis. This locates 
the equivalent depth of 2000 ft, which represents the 
wellhead. 

3. Add the well depth to the equivalent depth found in 
Step 2 to get 10,000 + 2000 = 12,000 ft. 

4. Draw a horizontal line from 12,000 ft to intersect the 
10 MMscfd line. 

5. From this intersection, draw a vertical line to the 
pressure axis and read p wf = 2150 psig. 


LIQUID REMOVAL FROM GAS WELLS 

One of the most common factors that can reduce the 
deliverability of a gas well is the increased flowing well¬ 
bore pressure caused by the accumulation of liquids in 
the well bore. Liquid accumulation can occur in wells 
that have never produced large quantities of liquid. 

When the velocity of the fluid in the tubing is too low 
to lift the liquids to the surface the liquid accumulates 
and begins to build up in the bottom of the well. The 
increased hydrostatic head acting on the formation fur¬ 
ther reduces the flow rate and thus the velocity of the 
fluid. This process continues until the well dies or begins 
to flow intermittently. The source of these liquids is either 
condensation of hydrocarbons or water from the gas or 
water entering from the formation. 

Several methods have been used to either keep the liq¬ 
uid from accumulating or to remove the liquid as it ac¬ 
cumulates. Some of these methods are discussed in this 
section. 

Minimum Flow Rate for Continuous Liquid Removal 

A model for calculating the minimum gas velocity for 
removing liquid droplets from wells was presented by 
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Turner, et al. in 1969 14 . The model was based on the 
fact that a freely falling particle in a fluid will reach a 
terminal velocity when the drag forces are equal to the 
gravitational forces. The terminal velocity is a function 
of the size, shape, and density of the particle and the 
density and viscosity of the fluid in which it is falling. 
The interfacial tension between the two fluids also in¬ 
fluences this velocity since the droplet will shatter if the 
surface tension of the liquid is too small. 

By writing a force balance on a droplet suspended in 
gas, the following equation was obtained: 


1.3r''‘(p t -p,r 

C/' 4 p, w 

where 


(4-63) 


v,= terminal velocity of the droplet, ft/sec, 
ct = interfacial tension, lbf/ft, 
p L = liquid density, lbm/ft 3 , 
p K = gas density, lbm/ft 3 , and 
C d = drag coefficient. 


The equation was adjusted using experimental data to 
evaluate the drag coefficient, and when surface tension 
is expressed in dynes/cm. Equation 4-63 becomes 


v, = 20.4 


CT ' /4 (Pl — P«)* 


P* 


1/2 


(4-64) 


Turner, et al. also presented simplified versions of 
Equation 4-64 for field use that are easier to use since 
only the minimum pressure in the flow string is required. 
Equations were presented for use when the liquid is either 
water or condensate, which necessitate assuming aver¬ 
age values for the fluid properties. The assumptions used 
were 


where 


q sc (min.) = minimum flow rate for continuous liquid 
removal, MMscfd, 
v g = gas velocity, ft/sec, 

A = conduit area, ft 2 , 

T = flowing temperature, °R, 

Z = gas compressibility factor evaluated at T 
and the pressure used to calculate v g , and 
p = wellhead pressure, psia. 

Equations 4-65 and 4-66 were derived using wellhead 
flowing pressures since this was the only pressure mea¬ 
sured in the field tests. Actually, the minimum velocity 
in a gas well will occur at the point of highest pressure, 
that is, at the bottom of the well. Using the bottom-hole 
flowing pressure to determine q sc (min) will introduce a 
safety factor in the design. 

A nomograph of Equation 4-67 is presented in Figure 
4-17. The product qZ is obtained from the nomograph, 
and to obtain q sc (min) , the Z factor must be calculated at 
surface conditions. 


Example 4-14: 

A gas well is producing against a fixed wellhead pres¬ 
sure of. 1150 psia through 3-1/2 in. (2.992 ID) tubing. 
Wellhead temperature is 140°F and gas gravity is 0.70. 
Calculate the minimum flow rate required to keep this 
well unloaded if it produces salt water along with the 
gas. 


Solution: 


Liquid cr, dynes/cm p, lbm/ft 3 

Water 60 67 

Condensate 20 45 


It was also assumed that the gas density could be put in 
terms of pressure if a gas gravity of 0.6 and a temper¬ 
ature of 120°F were used. This resulted in separate equa¬ 
tions for water and condensate. 


v, (water) = 


5.62(67 - 0.0031p) 


1/4 


(0.0031/7) 


1/2 


v g (condensate) = 


4.02(45 - 0.003 lp) 


1/4 


(0.003 1/7) 


1/2 


(4-65) 


(4-66) 


where the velocities are in ft/sec and the pressures are 
in psia. The minimum volumetric flow rate for a partic¬ 
ular velocity and pipe size may be calculated from 


Qsc (min.) 


3.06v„ Ap 


(4-67) 


5.62(67 - 0.0031 p) 0 25 
(0.0031 p)° s 


_ 5.62(67-0.0031 (1150)) 
Vg ~ (0.0031 (1150))° 5 

at p= 1150, T = 140°F, 
Z-factor is 0.86. 


0.25 

— = 8.4 ft/sec 


-Yg = 0.7, the 


A = ^ d 2 = .7854 (2.992/12 f = 0.0488 ft 2 


Qsc (min.) 


3.06 p Vg A 3.06(1150)(8.4)(0.0488) 

TZ ~ (600)(0.86) 


Qsc (min.) = 2.8 MMscfd 


Turner, et al., observed that their method was appli¬ 
cable for liquid loading up to 130 bbl/MMscf. If both 
water and condensate are present, the equation for water 
should be used. 


TZ 
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Fig. 4-17. Nomograph for calculating gas rate required to lift liquids through tubing of various sizes (after Turner, et al.). 
Permission to publish by the Society of Petroleum Engineers of AIME. Copyright 1969 SPE-AIME. 


Liquid Removal Methods 

Various methods for removing liquids from gas wells, 
sometimes called dewatering, have been used in the past. 
Descriptions of the methods and the degree of success 
of the various methods are described in papers by Hutlas 
and Granberry 15 and by Libson and Henry 16 . Libson and 
Henry found that the minimum surface velocity for keep¬ 
ing wells unloaded in the Intermediate Shelf Area of 
southwest Texas was 1000 ft/min or about 17 ft/sec. 
Methods for liquid removal include pumping units, gas 
lift, plunger lift, intermittent flow with flow controllers, 
small tubing installation, and soap injection. 

Beam Pumping Units. Pumping units may be used to 
pump the liquids up the tubing, allowing the gas to be 
produced through the annulus. An advantage of using 
pumping units is that they do not depend on gas velocity 
for lift and can be used to deplete the field to a very low 
pressure. It is desirable to have the tubing set as close 
as possible to the bottom perforations or even below the 
perforations. A liquid cushion above the pump helps pre¬ 
vent gas from entering the pump. 

On low liquid-rate wells, difficulties arise because a 


beam pumping unit cannot be adjusted for very low rates. 
The wells are sometimes pumped intermittently. 

Plunger Lift. A plunger installed m a gas well pro¬ 
ducing liquid acts as an interface between the gas stored 
in the annulus and the liquid accumulated in the tubing 
above the plunger. A schematic of a plunger lift well is 
shown in Figure 4-18. The well remains shut in for a 
period of time and is then opened to allow the plunger, 
pushed by the annulus gas, to unload the liquids. 

The automatic opening of the well may be accom¬ 
plished by a motor valve on the flowline. The motor valve 
may be operated by a clock or by monitoring the flow 
rate of the well. If a clock is used the time cycles are 
adjusted by trial-and-error to find the optimum. 

Surface flow controllers may be used that permit the 
well to flow until the gas velocity drops to some critical 
value. The well is then shut in for a time period that still 
must be determined by trial. The advantage of the flow 
controller is that it allows the well to flow for the max¬ 
imum length of time before shut-in. 

Small Tubing. Smaller tubing may be installed in gas 
wells as the flow rate decreases in order to maintain the 
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Fig. 4-18. Plunger lift operations. 


velocity above a critical value. In some cases a smaller 
string may be run inside the existing tubing string, such 
as running 1 in. inside 2-7/8 in. tubing. This method 
works best on low volume wells in which friction loss 
is not severe. 

Gas-Lift. A recent development in removing liquid 
from gas wells is the combination of a liquid diverter 
%nd gas-lift system. This system lifts liquid up the tubing 
string and produces gas through the annulus. 

A liquid diverter is a device that opens when a pre¬ 
determined head of liquid is accumulated above it, al¬ 
lowing the liquid to enter the tubing from the annulus. 
The tubing is open to atmospheric pressure at the sur¬ 
face. As liquid is diverted to the tubing, it accumulates 
until the gas-lift valve opens to lift the liquid slug to the 
surface. 

The gas-lift valve may be actuated by the liquid head 
in the tubing if it is a so-called fluid operated valve. 
Various other means have been proposed to control the 
opening and closing of the gas-lift valve. Some of these 
are described by Hutlas and Granberry 15 . 

Soap Injection. Injection of surfactants or foaming 
agents into the annulus with a chemical pump and timer 


has produced successful results in some wells. By the 
reduction of the surface tension, water can be unloaded 
continuously in a foamed state. Soap injection has not 
been as successful in wells producing condensate be¬ 
cause of the difficulty involved in obtaining a surfactant 
that will foam condensate. 


EROSIONAL VELOCITY 

When fluid flows through a pipe at high velocities, 
erosion of the pipe can occur. This is especially true for 
high capacity gas flow in which the in-situ velocity may 
exceed 60 to 70 ft/sec. Erosion is not as much of a prob¬ 
lem in oil wells, although some high gas-liquid ratio wells 
may be subject to erosion. 

The velocity at which erosion begins to occur cannot 
be determined exactly, and if solid particles such as sand 
are in the fluid, erosion may occur at relatively low ve¬ 
locities. 

The velocity at which erosion may occur has been re¬ 
lated to the density of the fluid by the following equa¬ 
tion. 



where 


v c = erosional velocity, ft/sec, 

p = fluid density, lbm/ft 3 , and 

C = a constant that ranges between 75 and 150. 

A good value for C has been found to be about 100. 
If C is set equal to 100, and the gas equation of state is 
used to express density, Equation 4-68 becomes 


v. 


100 
29 py g 
ZRT 


where p, T, and Z are determined at the conditions at 
which the velocity is to be determined. 

The equation may be expressed in terms of gas flow 
rate at standard conditions by 

/ \°' 5 

q e = 1.86 X 10 5 a(-^— ) , (4-69) 


where 


q e = erosional flow rate, Mscfd, 

A = area of the pipe, ft 2 , 
p - lowest pressure in the pipe, psia, 

T = temperature at point where p is determined, 

°R, 

Z = gas compressibility factor at p, T, and 
= gas gravity. 
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Example 4-15: 

A gas well is producing through 2-7/8 in tubing at a 
wellhead pressure of 800 psia. The wellhead temper¬ 
ature is 140° F and gas gravity is 0.65. Determine the 
maximum rate at which this well can produce without 
exceeding the erosional velocity. 


Solution: 

A = ^cf 2 = 0.7854(2.441/12) 2 = 0.032 ft 2 

At p = 800, T = 140°F the value of Z is 0.91 
q e = 1.86 x 10 S (0.032)(800/(.91 )(600)(.65))° 5 
q e = 8936 Mscfd = 8.9 MMscfd 

PREDICTING FLOWING TEMPERATURES 

All of the correlations presented previously require a 
value of fluid temperature in order to calculate the re¬ 
quired fluid property or pressure drop. The flowing tem¬ 
perature profile in a gas well or an. oil well is usually 
assumed to be linear between the surface temperature 
and the bottom-hole temperature. A linear temperature 
profile is also frequently assumed for surface flowline 
calculations. The linear assumption for well flow will 
usually not introduce significant errors if a good value 
for surface flowing temperature can be obtained. The heat 
loss from a fluid in a pipe is a function of the mass flow 
rate in the pipe, and will therefore change with a change 
in producing rate. 

An algorithm for coupling pressure and heat loss cal¬ 
culations requires an iterative solution because the over¬ 
all heat transfer coefficient and the enthalpy change de¬ 
pend on pressure. If some average heat transfer coefficient 
can be determined, an approximate temperature profile 
can be calculated independent of the pressure loss cal¬ 
culations. This will of course be less accurate, but in 
many cases the amount of data available will not be suf¬ 
ficient to perform the more accurate calculation. 

Flowing Temperatures In Wells 

An equation for temperature in a well as a function of 
location, L, as derived by Ramey 17 , can be written as 

T l = T, - G t [L - A( 1 - EXP(-L/A))], (4-70) 

where 

Ti = temperature at fluid entry ( L = 0), 

T l = temperature at location L, 

G t = geothermal gradient, 

A = relaxation distance wC p /ndU , 
w = mass flow rate, = p sc q sc , 


C p = specific heat of the flowing fluid, 
d = pipe diameter, 

U = overall heat transfer coefficient, and 
L - distance from fluid entry. 

When the equation is written in this form it assumes 
that the fluid and surroundings temperature are equal at 
the inlet to the pipe. This will be the case for flowing 
wells where T x is the reservoir temperature. Also in¬ 
cluded is the assumption that the heat ioss is independent 
of time. This assumption limits application of Equation 
4-70 to wells that have been producing for a considerable 
length of time. 

When multiphase flow is occurring in a well, the vari¬ 
ables involved in evaluating the relaxation distance, A, 
are very difficult to determine, especially the overall heat 
transfer coefficient U. In view of this fact, Shiu and 
Beggs 18 developed an empirical method to estimate A 
based on measured temperature profiles from 270 wells. 
Using the measured temperatures, T L at various loca¬ 
tions, L, a value of A for each test was calculated from 
Equation 4-70. An equation to estimate A was then de¬ 
veloped as a function of data that will usually be known. 
The equation is 

A = C, w C2 Pi d c “(API) Cs y g c \ (4-71) 

where 

A = relaxation distance, ft, 
w = total mass flow rate, lbm/sec, 
pi - liquid density lbm/ft 3 , 
d - pipe ID, in., 

API = oil gravity, °API, 
l g = gas gravity (air = 1), • 

C, = 0.0149, 

C 2 = 0.5253, 

C 3 = 2.9303, 

C 4 = -0.2904, 

C 5 = 0.2608, and 
C 6 = 4.4146- 

Equation 4-71 is applicable for flowing oil wells only, 
although a similar approach could be used for gas wells. 

Flowing Temperatures in Pipelines 

In order to calculate a temperature profile in a pipeline 
it is usually assumed that the temperature of the sur¬ 
roundings is constant. Modification of Equation 4-70 to 
account for this results in 

T l = T s + ( Tj - T s ) EXP {-L/A), (4-72) 

where T s is the surroundings temperature, and the other 
variables are defined in Equation 4-70. 

For flow of gases the Joule-Thomson effect may be 
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included, but since this effect depends on pressure, an 
iterative solution is required. The more rigorous equa¬ 
tion is 

T l = T s + \iA(dP/dL) 

+ [7, - T s - \iA(dP/dL)] EXP ( -L/A ), (4-73) 

where 

p, = Joule-Thomson coefficient, and 
dP/dL = pressure gradient at L. 

If measured values of temperature and flow rate are 
available for one flow condition, a value for the group 
of terms C p /-nU may be calculated. The value of this 
group can be assumed constant for a particular well or 
even for an entire field if necessary. The procedure is: 

1. Using measured values of T and L, calculate A 

2. Using the measured flow rate q sc , calculate C' = 
C p Ad 

TtU tfscPsc 

3. For other conditions of q sc and/or d, calculate A = 

U ^fscPiC 

d 

This procedure can be used for both wells and pipe¬ 
lines. 
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Gas Compression 



T HERE are many cases in gas production op¬ 
erations in which the pressure of a gas must 
be raised to a higher value. As the pressure in 
a gas reservoir depletes, it will eventually reach 
a point where it will no longer overcome all the pressure 
losses in the system and the pressure of the line into 
which the gas is being delivered. It is then necessary to 
add a compressor to the system to supplement the res¬ 
ervoir energy. In this type of application, the suction or 
intake pressure, and possibly the volume compressed, 
will change with time even though the discharge pres¬ 
sure may remain constant. Compressors have been used 
to lower the wellhead pressure below atmospheric, that 
is, to pull a vacuum on the well in order to obtain max¬ 
imum rates. 

Compressors are also used to overcome the losses in¬ 
curred in the long distance transportation of natural gas 
through transmission lines. This may require large ca¬ 
pacity machines operating at essentially constant con¬ 
ditions. 

The reinjection of gas for pressure maintenance or cy¬ 
cling requires compression of produced gas to a high 
pressure to move sufficient volumes into the reservoir. 
Injection of gas into storage fields also requires a com¬ 
pressor capable of operating under a wide range of con¬ 
ditions. 

The engineer is concerned with essentially two types 
of compressor design problems: (1) determination of the 
power required to compress a certain volume of gas from 
some given intake pressure to a given discharge pressure 
and (2) estimation of the capacity of an existing com¬ 
pressor under required pressure increase conditions. It is 
also'frequently necessary to calculate the temperature in¬ 
crease occurring in the gas as it is compressed. 


TYPES OF COMPRESSORS 

The principal types of compressors are positive-dis¬ 
placement, or intermittent flow, units and continuous flow 
units. Positive-displacement units are those in which 
successive volumes of gas are confined within a closed 
space and elevated to a higher pressure. Continuous flow 
units are those in which a rapidly rotating element ac¬ 
celerates the gas as it passes through the element, con¬ 
verting the velocity head into pressure, partially in the 
rotating element and partially in stationary diffusers or 
blades. The principal compressor types are defined be¬ 
low (see Fig. 5-1). 

—Reciprocating compressors are positive-displacement 
machines in which the compressing and displacing 
element is a piston having a reciprocating motion within 
a cylinder. 

—Rotary positive-displacement compressors are ma¬ 
chines in which compression and displacement are ef¬ 
fected by the positive action of rotating elements. 

— Sliding-vane compressors are rotary positive-displace¬ 
ment machines in which axial vanes slide radially in 
a rotor eccentrically mounted in a cylindrical casing. 
Gas trapped between vanes is compressed and dis¬ 
placed. 

— Liquid-piston compressors are rotary positive-dis¬ 
placement machines in which water or other liquid is 
used as the piston to compress and displace the gas 
handled. 

— Two-impeller straight-lobe compressors are rotary 
positive-displacement machines in which two straight 
mating lobed impellers trap gas and carry it from in¬ 
take to discharge. There is no internal compression. 
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Compressors 


Positive-displacement 
(Intermittent flow) 


Continuous-flow 


Reciprocating 


Rotary 


Dynamic 


Ejector 


Sliding-vane 


Straight-lobe 


Centrifugal 


Mixed-flow 


Liquid-piston Helical-lobe 


Axial-flow 


Fig. 5-1. Chart of principle compressor types. From Com¬ 
pressed Air and Gas Data, copyright 1930. Courtesy In- 
gersoll-Rand. 4 


— Helical- or spiral-lobe compressors are rotary posi¬ 
tive-displacement machines in which two intermesh¬ 
ing rotors, each with a helical form, compress and 
displace the gas. 

—Centrifugal compressors are dynamic machines in 
which one or more rotating impellers, usually shrouded 
on the sides, accelerate the gas. Main gas flow is ra¬ 
dial. 

—Axial compressors are dynamic machines in which gas 
acceleration is obtained by the action of the bladed 
rotor shrouded on the blade ends. Main gas flow is 
axial. 

— Mixed-flow compressors are dynamic machines with 
an impeller form combining some characteristics of 
both the centrifugal and axial types. 

—Ejectors are devices that use a high velocity gas or 
steam jet to entrain the inflowing gas, then convert 
the velocity of the mixture to pressure in a diffuser. 

Every compressor is made up of one or more basic 
elements. A single element, or a group of elements in 
parallel, comprises a single-stage compressor. 

Many compression problems involve conditions be¬ 
yond the practical capability of a single compression stage. 


Too great a compression ratio (absolute discharge pres¬ 
sure divided by absolute intake pressure) may cause ex¬ 
cessive discharge temperature or other design problems. 
It therefore may become necessary to combine elements 
or groups of elements in series to form a multistage unit, 
in which there will be two or more steps of compression. 
The gas is frequently cooled between stages to reduce 
the temperature and volume entering the following stage. 

Note that each stage is an individual basic compressor 
within itself. It is sized to operate in series with one or 
more additional basic compressors, and even though they 
may all operate from one power source, each is still a 
separate compressor. The following simplified discus¬ 
sions show the principles of operation of each principal 
type of compressor. 


Positive Displacement Compressors 

The basic reciprocating compression element is a sin¬ 
gle cylinder compressing on only one side of the piston 
(single-acting). A unit compressing on both sides of the 
piston (double-acting) consists of two basic single-acting 
elements operating in parallel in one casting. 

The reciprocating compressor uses automatic spring- 
loaded valves that open only when the proper differential 
pressure exists across the valve. Inlet valves open when 
the pressure in the cylinder is slightly below the intake 
pressure. Discharge valves open when the pressure in the 
cylinder is slightly above the discharge pressure. 

Figure 5-2, diagram A, shows the basic element with 
the cylinder full of low pressure gas. On the theoretical 
pV diagram, point 1 is the start of compression and both 
valves are closed. 

Diagram B shows the compression stroke, the piston 
having moved to the left, reducing the original volume 
of gas with an accompanying rise in pressure. Both valves 
remain closed. The pV diagram shows compression from 
point 1 to point 2, and that the pressure inside the cyl¬ 
inder has reached that in the receiver. 

Diagram C shows the piston completing the delivery 
stroke. The discharge valve opened just beyond point 2. 
Compressed gas is flowing out through the discharge valve 
to the receiver. 

After the piston reaches point 3, the discharge valve 
will close, leaving the clearance space filled with gas at 
discharge pressure. During the expansion stroke, dia¬ 
gram D, both the inlet and discharge valves remain closed, 
and gas trapped in the clearance space increases in vol¬ 
ume, causing a reduction in pressure. This continues as 
the piston moves to the right until the cylinder pressure 
drops below the inlet pressure at point 4. The inlet valve 
will now open and gas will flow into the cylinder until 
the end of the reverse stroke at point 1. This is the intake 
or suction stroke, illustrated by diagram E. At point 1 
on the pV diagram, the inlet valve will close, and the 
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Fia. 5-3. Combined theoretical indicator card for a two-stage, 
two-element 100 psig positive-displacement compressor. 
From Compressed Air and Gas Data, copyright 1980. Cour¬ 
tesy Ingersoll-Rand. 4 


cycle will repeat on the next revolution of the crank. 

In a simple two-stage reciprocating compressor, the 
cylinders are proportioned according to the total 
compression ratio, the second stage being smaller be¬ 
cause the gas, having already been partially compressed 
and cooled, occupies less volume than at the first stage 
inlet. Looking at the pV diagram (Fig. 5-3), the condi¬ 
tions before starting compression are points 1 and 5 for 
the first and second stages, respectively, after compres¬ 
sion, points 2 and 6, and after delivery, 3 and 7. Ex¬ 
pansion of gas trapped in the clearance spaces as the 
pistons reverse brings the pressures and volumes to points 
4 and 8, and on the intake stroke the cylinders are again 
filled at points 1 and 5, and the cycle is set for repetition. 
Multiple staging of any positive displacement compres¬ 
sor follows this pattern. 

The rotary sliding-vane compressor has as its basic 
element the cylindrical casing with its heads and rotor 
assembly. When running at design pressure, the theo¬ 
retical pV diagram is identical to the reciprocator. There 
is one difference of importance, however. The sliding- 
vane machine has no valves. The times in the cycle when 



Rotor with non-metallic 
sliding vanes 



As rotor turns, gas is trapped 
in pockets formed by vanes. 



Gas is gradually compressed 
as pockets get smaller 



Discharge 

Compressed gas is pushed out 
through discharge port. 


Fig. 6-4. The steps in compression for a sliding-vane rotary compressor. From Compressed Air and Gas Data, copyright 
1980. Courtesy Ingersoll-Rand. 4 
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Fig. 5-5. The operating cycle of a two-impeller straight-lobe rotary compressor. From Compressed Air and Gas Data, copy¬ 
right 1980. Courtesy Ingersoll-Rand. 4 


the inlet and discharge are open are determined by the 
location of ports over which the vanes pass (Fig. 5-4). 

The pocket volume decreases as the rotor turns and 
the gas is compressed. Compression continues until the 
discharge port is uncovered by the leading vane of each 
pocket. This point must be preset or built-in when the 
unit is manufactured. Thus, the compressor always com¬ 
presses the gas to design pressure, regardless of the pres¬ 
sure in the receiver into which it is discharging. 

A two-impeller straight-lobe positive-displacement 
compressor element consists of a casing containing du¬ 
plicate symmetrical rotors or impellers usually having a 
figure eight cross section. These intermesh, are kept in 
phase by external timing gears, and rotate in opposite 
directions. 

There is no compression or reduction of gas volume 
during the turning of the rotors. The rotors merely move 
the gas from the inlet to the discharge. Compression is 
by backflow into the casing from the discharge line at 
the time the discharge port is uncovered. Displacement 
of the compressed gas into the discharge system then 
takes place. There is no contact between the impellers 
or between impellers and casing. Sealing is by close 
clearances and lubrication is not required within the gas 
chamber. One impeller is driven directly while the other 
is driven through phasing gears. The operation can be 
visualized from the diagrams of Figure 5-5. Light shad¬ 
ing shows gas at inlet pressure. Dark shading shows gas 
at discharge pressure. 


There are several other types of positive displacement 
compressors available, as indicated in Figure 5-1. Most 
of these are seldom used in the gas industry and are not 
described. 

Dynamic Compressors 

Compression in any dynamic compressor depends on 
the transfer of energy from a rotating set of blades to the 
gas. The rotor accomplishes this energy transfer by 
changing the momentum and pressure of the gas. The 
momentum (related to kinetic energy) then is converted 
into useful pressure energy by slowing the gas down in 
a stationary diffuser or another set of blades. 

The centrifugal designation is used when the gas flow 
is radial, and the energy transfer is predominantly due 
to a change in the centrifugal forces acting on the gas. 

The axial designation is used when the gas flow is 
parallel to the compressor shaft. Energy transfer is caused 
by the action of a number of rows of blades on a rotor, 
each row followed by a fixed row fastened to the casing. 

The centrifugal compressor has an impeller with radial 
or backward slanted vanes usually between two shrouds. 
The gas is forced through the impeller by the mechanical 
action of the rapidly rotating impeller vanes. The veloc¬ 
ity generated is converted into pressure. Figure 5-6 il¬ 
lustrates a single-stage centrifugal compressor with ra¬ 
dial vanes. This utilizes a radial diffuser and a volute 
gas collector ending in a volute diffuser. 
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Fig. 5-6. Typical overhung impeller single-stage centrifugal compressor. From Compressed Air and Gas Data, copyright 
1980. Courtesy Ingersoll-Rand. 4 



Fig. 5-7. Cross-section of a typical multistage uncooled 
centrifugal compressor. From Compressed Air and Gas Data, 
copyright 1980. Courtesy Ingersoll-Rand 4 


Multistage centrifugal compressors utilize two or more 
impellers arranged for series flow, each with a radial dif¬ 
fuser and return channel separating impellers. The num¬ 
ber of impellers per casing is dependent upon many fac¬ 
tors, but usually eight to ten is the limit. Figure 5-7 shows 
a section of a typical uncooled multistage compressor. 

An axial-flow dynamic compressor is shown in Figure 
5-8. It is essentially a large-capacity high-speed machine 
with characteristics quite different from the centrifugal. 
Each stage consists of two rows of blades, one row ro¬ 
tating and the next row stationary. The rotor blades im¬ 
part velocity and pressure to the gas as the rotor turns, 
the velocity being converted to pressure in the stationary 
blades. Frequently about half the pressure rise is gen¬ 


Rotor blades 



Fig. 5-8. Cross-section of a typical axial-flow dynamic com¬ 
pressor. From Compressed Air and Gas Data, copyright 
1980. Courtesy Ingersoll-Rand. 4 


erated in the rotor blades and half in the stator. Figure 
5-8 shows a multistage unit. Gas flow is predominantly 
in an axial direction, there being no appreciable vortex 
action. 

Ejector Compressors 

An ejector consists of a relatively high-pressure mo¬ 
tive steam or gas nozzle discharging a high-velocity jet 
across a suction chamber into a venturi-shaped diffuser. 
The gas, whose pressure is to be increased, is entrained 
by the jet in the suction chamber. The mixture at this 
point has high velocity and is at the pressure of the in¬ 
duced gas. Compression takes place as velocity energy 
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is transformed into pressure inside the diffuser. 

Ejectors are principally used to compress from pres¬ 
sures below atmospheric to a discharge pressure close to 
atmospheric. They may, however, involve compression 
from a near atmospheric intake to some higher level. 

A vacuum ejector, using steam as motive fluid and 
compressing air, is shown in Figure 5-9. Pressure and 
velocity changes are indicated for various sections of the 
device. Temperature changes follow the pressure curve 
closely. 

Ejectors have no moving parts. They can handle liquid 
carry-over without physical damage although they should 
not be exposed to a steady flow of liquid. 

COMPRESSOR DESIGN 

The principal compressor design problems are the de¬ 
termination of compressor capacity and the determina¬ 
tion of power requirements. In making the calculations 
for these designs, various simplifying assumptions can 
be made. There are three methods of design: (1) ana¬ 
lytical expressions, (2) Mollier diagrams, and (3) quick 
estimates. The best method in any given situation de¬ 
pends on both the degree of accuracy required and the 
data available. Detailed design procedures are given for 
reciprocating and centrifugal compressors only. 

Design Methods 

Two basic compression cycles or processes are appli¬ 
cable to both positive displacement and dynamic com¬ 
pressors. Although neither of the two basic processes is 
commerically attainable, they are useful as a basis for 
calculations and comparisons. 

Isothermal compression occurs when the temperature 



Fig. 5-9. A diagram of the pressure and velocity variations 
within a steam jet ejector handling air. From Compressed 
Air and Gas Data, copyright 1980. Courtesy Ingersoll-Rand. 4 


is kept constant as the pressure increases. This requires 
continuous removal of the heat of compression. The 
compression process follows the formula 

p l V l = p 2 V 2 = Constant. (5-p 

However, it is never commercially possible to remove 
the heat of compression as rapidly as it is generated. 

Adiabatic compression is obtained when there is no 
heat added to or removed from the gas during compres¬ 
sion. The compression process is expressed by Equation 
5-2. 

PlV\=p 2 Vl (5-2) 

The factor k is the ratio of specific heat at constant pres¬ 
sure to the specific heat at constant volume. Determi¬ 
nation of k for a gas was discussed in Chapter 4. 

Adiabatic compression is likewise never exactly ob¬ 
tained, since with some types of units there may be heat 
loss during part of the cycle and heat gain during another 
part. With other types of compressors there may be a 
definite heat gain. Nevertheless, the adiabatic cycle is 
rather closely approached with most positive-displace¬ 
ment units and therefore they are usually designed using 
the adiabatic cycle. 

Dynamic units generally are designed based on the 
polytropic cycle where the pV relationship is 

P\V” = p 2 V n 2 . (5-3) 

The exponent n is experimentally determined for a given 
type of machine and may be lower or higher than the 
adiabatic exponent k. In positive displacement and in¬ 
ternally cooled dynamic compressors n is usually less 
than k. In uncooled dynamic units it is usually higher 
than k due to internal gas friction. Although n actually 
changes during compression, an average or effective 
value, calculated from experimental information, is used. 

Thermodynamically, the isentropic or adiabatic pro¬ 
cess is reversible, while the polytropic process is irre¬ 
versible. Also, all compressors operate on a theoretical 
steady-flow process. 

Although the exponent n is seldom required, the quan¬ 
tity (n - l)/n is frequently needed. This can be obtained 
from the following equation, although it is necessary that 
the polytropic efficiency (rip) be known (or approxi¬ 
mated) from a prior test. The k value of any gas or gas 
mixture is either known or can be calculated. 



Either n or (n - 1 )/n can also be experimentally cal¬ 
culated from test data if inlet and discharge pressures and 
temperatures are known. The following formula may be 
used: 
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— = ( — ) = r < "~ 1)/ ". (5-5) 

r, W 

This equation may also be used to estimate discharge 
temperatures when n or (n - 1 )Jn is known. 

It is obvious that k and n can have quite different val¬ 
ues. There has been a tendency in the past to use these 
symbols interchangeably to represent the ratio of specific 
heats. This is incorrect, and the difference between them 
should be carefully observed. In the absence of experi¬ 
mental data, an approximation of the polytropic com¬ 
pression efficiency can be obtained from Figure 5-10. 

Figure 5-11 shows the theoretical zero clearance iso¬ 
thermal and adiabatic cycles on a pV basis for a com¬ 
pression ratio of four. The area ADEF represents the 
work required when operating on the isothermal basis, 
and ABEF, the work required when operating on the adi¬ 
abatic basis. Obviously, the isothermal area is consid¬ 
erably less than the adiabatic and would be the desired 
cycle for greatest compression economy. 

In addition to the isothermal and adiabatic compres¬ 
sion curves shown in Figure 5-11, the dotted lines show 
typical polytropic curves for a water-cooled reciprocat¬ 
ing cylinder (AC) and for a noncooled dynamic unit (AC'). 

All basic compressor elements, regardless of type, have 
certain limiting operating conditions. When any limita¬ 
tion is involved it becomes necessary to multistage the 
compression process. Each stage will utilize at least one 
basic element designed to operate in series with the other 
elements of the machine. 

The limitations vary with the type of compressor, but 
the most important include: 

1. Discharge temperature—all types 




Fig. 5-11. Theoretical indicator card showing various gas 
compression processes. From Compressed Air and Gas 
Data, copyright 1980. Courtesy Ingersoll-Rand. 4 


2. Pressure rise (or differential)—dynamic units and most 

positive-displacement types 

3. Compression ratio—dynamic units 

4. Effect of clearance—reciprocating units, and 

5. Desirability of saving power. 

A reciprocating compressor usually requires a separate 
cylinder for each stage, with intercooling of the gas be¬ 
tween stages. In a reciprocating unit, all cylinders are 
commonly combined into one unit assembly and driven 
from a single crankshaft. 

It was previously noted that the isothermal cycle is 
more economical of power. Cooling the gas after partial 
compression to a temperature equal to original intake 
temperature obviously will reduce the power required in 
the second stage. 

Dynamic compressors would, in most cases, have sev¬ 
eral staging elements in the same casing. There would 
normally be no intercooling between those stages con¬ 
tained in a given casing although the internal diffusers 
or diaphragms are sometimes water-cooled. The gas can 
be brought out to external exchangers for intercooling at 
the end of several stages of compression. Frequently, 
large units have two casings (separate machines) in se¬ 
ries to cover the entire compression range, each machine 
equipped with several stages and with external inter¬ 
cooling between the machines. They are usually coupled 
in tandem to one driver. The extent to which intercooling 
is used depends largely on power cost. 


Fig. 5-10. Approximate polytropic compression efficiency of 
a dynamic compressor versus inlet capacity. From Com¬ 
pressed Air and Gas Data, copyright 1980. Courtesy In- 
gersoll-Rand. 4 


Reciprocating Compressors 

As stated earlier, the capacity and power required are 
the two principal factors that must be determined in de- 
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signing compressors. Temperature increase and cooling 
requirements are also frequently required. Several meth¬ 
ods for calculating required power are presented in this 
section. Also, the effect of changing conditions, such as 
clearance, specific heat ratio, and compressibility are 
discussed. 


Capacity. The amount of gas a given compressor can 
pump depends on the actual displacement volume of the 
intake cylinder and the volumetric efficiency. Since all 
of the gas is not discharged from the cylinder because 
of the clearance between the piston and the cylinder, the 
total volume of the cylinder is not available for new gas. 
The capacity of a compressor is calculated from 

ird 2 LSE v 

q = ---, (5-6) 

4 

where 

q — flow capacity, 
d = piston diameter, 

L = stroke length, 

S = compressor speed, and 
E v - volumetric efficiency. 

On double-acting compressors the volume occupied 
by the rod must be accounted for. The volumetric effi¬ 
ciency is calculated from 


where 


E v = 1 - A - C 



(5-7) 


A = factor to allow for leakage, friction, etc., 
usually between 0.03 and 0.06, 

C = clearance, which varies from 0.04 to 0.16, 

Z, = gas compressibility factor at suction conditions, 
Z 2 = gas compressibility factor at discharge condi¬ 
tions, 

r = compression ratio, p 2 /p ,, 

Pi = suction pressure, and 
Pi = discharge pressure. 


Equations 5-6 and 5-7 are applicable for any consistent 
set of units. 


Example 5-1: 

A single acting reciprocating compressor having a pis¬ 
ton diameter of 4 in. and a stroke length of 6 in. is to 
compress gas from 100 psig and 100°F to 400 psig. 
Calculate the flow capacity in scfd if the compressor 
runs at a speed of 500 rpm. Other data are: 
k- 1.3, C = 6%, A = 5% 


Solution: 

r = p 2 /p, = 414.7/114.7 = 3.62 
T z = 7 i d k ~ 1)/k = (100 + 460)(3.62) 23 = 753°R 
Z, = 0.98, Z 2 = 0.95, Z 1 /Z 2 = 1.03 

E v = 1 - .05 - .06 [1.03(3.62) 77 - 1] = 0.85 
q = tt( 4/1 2) z (6/12)(500)(.85)/4 = 18.54 ft 3 /min 
ft 3 1440 min 

q = 18.54 — x-= 26704 ft 3 /day 

min day 

q n .0283 ZT ,0283(.98)(560) 
q - = J, 114.7 

B g = 0.135 ft 3 /scf 
26704 

q sc = -= 1.97 x 10 s scfd 

0.135 

Power Requirement 

The power requirement of any compressor is the prime 
basis for sizing the driver and for selection and design 
of compressor components. The actual power require¬ 
ment is related to a theoretical cycle through a compres¬ 
sion efficiency that has been determined by tests on prior 
machines. Compression efficiency is the ratio of the the¬ 
oretical to the actual gas horsepower, and as used by the 
industry, does not include mechanical friction losses. 
These are added later either through the use of a me¬ 
chanical efficiency or by adding actual mechanical losses 
previously determined. The mechanical efficiencies of 
positive-displacement compressors range from 88 to 95%, 
depending upon the size and type of unit. Dynamic units 
also have certain relatively small hydraulic losses that 
are often disregarded for estimating purposes. Positive- 
displacement machines are designed based on the adi¬ 
abatic cycle while dynamic units generally are designed 
using the polytropic cycle. 

In calculating horsepower, the compressibility factor, 
Z, must be considered since its influence is considerable 
with many gases, particularly at high pressure. The power 
required may be determined using analytic equations or 
Mollier diagrams. Charts for quick estimates are also 
available. The equations are derived by starting with the 
general energy equation. Neglecting potential and ki¬ 
netic energy changes and friction losses, the equation 
becomes 

r 

w = V dp. (5-8) 

Jpl 

To integrate this equation a relationship between V and 
p must be used. For adiabatic flow, pV k = constant, and 
upon integrating, adjusting for gas compressibility and 
units, the following equation can be obtained: 
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_ 3-027 p sc T\ k Zs(k -D/ k _ ^ 
T sc (k ~ 1) 


(5-9) 


where 

w = power required, Hp/MMscfd, 
p sc = pressure at standard conditions, psia, 

T sc = temperature at standard conditions, °R, and 
Ti = suction temperature, °R. 


Example 5-2: 

Calculate the horsepower required to compress 1 
MMscfd of a 0.6 gravity gas from 100 psia and 80°F 
to 1600 psia using the adiabatic equation. Assume that 
a two stage compressor is used, and that the gas is 
cooled back to 80°F between stages. Also find the final 
discharge temperature. 

Other data are: 

k — 1.28, Psc = 14.65, Tsc = 60°F 



Fig. 5-12. Compressor efficiency. From Compressed Air and 
Gas Data, copyright 1980. Courtesy Ingersoll-Rand. 4 


Solution: 

The total compression ratio is 1600/100 = 16. There¬ 
fore, use a value of r = 4 for each stage. 

First Stage 

Pl = 100, pz = 400, Z, = 0.985, 


^1 = 0.22 
k 

_ 3.027(14.65)(540)(1.28) 
W “ 520(.28) 


[(4) 022 



w, = 210.5(0.36) = 75.8 Hp/MMscfd 

The gas temperature after compression from 100 to 400 
psia is 

T 2 = T| r (k ~ 1)/k = 540(4) 22 = 733°R = 273°F 

The gas is cooled to 80°F before entering the second 
stage. 

Second Stage 

Pi = 400 psia, P 2 = 1600 psia, Z, = 0.94, 


Zi(fc-1) 

k 


0.21 


w 2 = 210.5(4' 21 - 1) = 71.6 Hp/MMscfd 

T 2 = T Iinal = 273°F 

The total power required is 

Hp = q(wi + w 2 ) = 1 MMscfd (75.8 + 71.6) Hp/MMscfd 


Hp = 147.4 


In order to size the prime mover for the compressor a 
compression efficiency must be estimated. Figure 5-12 
can be used for determining efficiency as a function of 


the compression ratio. From Figure 5-12, for r = 4, E 
= 83%. Therefore, the actual brake horsepower required 
is 


bhp = 


147.4 

0.83 


177.6. 


Power requirement and cooling requirements can be 
determined using plots of enthalpy versus entropy (Mol- 
lier diagrams) if a plot is available for the gas that is to 
be compressed. When cooling the gas, which occurs at 
constant pressure, the change in enthalpy can be used to 
determine the amount of heat to be removed. From ther¬ 
modynamics, 


A H = Q-w, 


(5-10) 


where 


A H = change in enthalpy, 

Q = heat transferred during compression, and 
w — work. 

For adiabatic compression, <2 = 0 and 

-w = A H. (5-ii) 

In units of horsepower per million standard cubic feet, 
Equation 5-11 becomes 

w = 0.0432 AH, (5-12) 

where 

w = power required, Hp/MMscfd, and 
AH = enthalpy change, BTU/lb-mole. 

When cooling the gas, w = 0 and therefore 

Q = AH. 


(5-13) 
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Fig. 5-13. Enthalpy-entropy diagram for 0.6 gravity natural gas. Permission to publish by the Society of Petroleum Engi¬ 
neers of AIME. Copyright 1945 SPE-AIME. 2 


Example 5-3: 

Use the Mollier diagram method to solve Example 5-2. 
Also calculate the heat to be removed between stages 
to cool the gas to 80°F. 


Solution: 

Select Figure 5-13 to represent the gas. 

First Stage 

The first stage compresses the gas from 100 psia to 
400 psia at constant entropy. Enter Figure 5-13 at p^ 
= 100 and T, = 80°F and read H, = 380 BTU/lb- 
mole. Proceed vertically (AS = 0) to p 2 = 400 psia and 
read H 2 = 1990, T 2 = 260°F. Follow the 400 psia line 
to T 3 = 80°F and read H 3 = 220. The amount of cool¬ 
ing required is then 

Q = A H 23 = H 2 - H 3 = 1990 - 220 
= 1770 BTU/lb-mole, 

or 

BTU lb-mole BTU 

lb-mole 379 scf scf 


The power required for stage 1 is 
w = 0.0432 AH 12 = 0.0432 (H z - H,) 
w = 0.0432(1990 - 380) = 70 Hp/MMscfd 
Second Stage 

From point 3 where p = 400, T - 80 and H = 220, 
proceed vertically to the final pressure of 1600 psia and 
read T A = 274°F, H A = 1920 BTU/lb-mole. The power 
required for the second stage is then 

w = 0.0432 (H a - H 3 ) = 0.0432(1920 - 220) 

= 73.4 Hp. 

The total horsepower required is then 

Hptotai = q(Wi + w 2 ) = 1 MMscfd(70 + 73.4) = 143.4 

This compares well with the value of 147.4 Hp ob¬ 
tained using the equations. The Mollier diagram solution 
is considered to be more accurate and should preferably 
be used. Mollier diagrams for other gases are included 
in the appendix. 

For making rough estimates of power requirement the 
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following equation can be used: 

bhp = 22 r N q sc F, (5-i 

where 

bhp — brake horsepower, 

r - compression ratio per stage, 

TV = number of stages, 
q sc = flow rate of MMscfd, and 
F = correction for pressure drop between stages, 
depending on TV. 


Graphical solutions to Equation 5-9 have been pre¬ 
pared for specific conditions of compression efficiency, 
standard conditions, and gas gravity. Examples are shown 


sssssssssssssssi 

88888888888889 

mmmmmmmmmmmmr/jwzm 

mmmmmmmmmmmr/WAwm 

■■■■■■ mmmmmmmmrn 
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mm 
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*L4 13 (8 1.7 13 1.9 20 2.1 2.2 2.1 2.4 23 2* 2 7 29 29 30 

Compression ratio 

Fig. 5-14. Compressor power requirements. From Com¬ 
pressed Air and Gas Data, copyright 1980. Courtesy In- 
gersoll-Rand. 4 
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Fig. 5-15. Compressor power requirements. From Com¬ 
pressed Air and Gas Data, copyright 1980. Courtesy In- 
gersoll-Rand. 4 

in Figures 5-14 through 5-16. 3 Correction to other gas 
gravities and for low suction pressure are obtained from 
Figures 5-17 and 5-18 respectively. 


Example 5-4: 

Solve Example 5-2 using both Equations 5-14 and the 
graphs presented in Figures 5-14 through 5-16. 

qsc = 1 MMscfd, p 1 = 100 psia, pz = 1600 psia 

k = 1 .28, "Vg = 0.6 


Solution: 

Using Equation 5-14, 

bhp = 22(4)(2)(1 )(1.08) = 190 Hp 

Using Figure 5-15, for r = 4 and k = 1.28, read bhp/ 
MMscfd = 84. For 2 stages this will be 2(84) = 168 
Hp. There is no correction for low suction pressure or 
gas gravity since r is greater than 3.4, the limit of the 
correction graphs. 
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Fig. 5-16. Compressor power requirements. From Com¬ 
pressed Air and Gas Data, copyright 1980. Courtesy In- 
gersoll-Rand. 4 


Multistaging 

It has been previously stated that there are practical 
limits to the amount of compression permissible within 
a single stage or element beyond which two or more steps 
or stages must be used with intercooling between stages 
in most cases. 

Theoretically minimum power with perfect intercool¬ 
ing and no pressure loss between stages is obtained by 
making the ratio of compression the same in all stages. 
The following formula may be used to determine the op¬ 
timum compression ratio per stage: 

r s = 'Vr,= (r,) 1A (s-i5) 

where 

r s is the theoretically best compression ratio per stage, 
r, is the overall compression ratio ( J, and 

\P initial/ 

5 is the number of stages. 

Even though this method results in minimum power, 


the energy required will vary only a fraction of one per¬ 
cent for rather large variations in the actual compression 
ratios for individual stages. Designers take advantage of 
this fact for economic and engineering reasons. 

Each stage is best designed as a separate compressor, 
the capacity of each stage being separately calculated from 
the first stage real intake volume, corrected to the actual 
pressure and temperature conditions existing at the higher 
stage cylinder inlet, allowing for pressure drop through 
cooler and piping. Allowances must also be made for 
any reduction in the moisture content if there is conden¬ 
sation between stages in an intercooler. The theoretical 
power per stage can then be calculated and the total 
horsepower obtained. A compression ratio per stage 
greater than four is seldom used because of heating and 
rod loading problems. 

Effect of Clearance 

Although cylinder clearance reduces the volumetric 
efficiency of a compressor (Eq. 5-7), it cannot be com¬ 
pletely eliminated. Clearance may be altered for capacity 
control. Figures 5-19 and 5-20 show the effect of clear- 



Fig. 5-17. Specific gravity correction. From Compressed Air 
and Gas Data, copyright 1980. Courtesy Ingersoll-Rand. 4 











1.14 



Fig. 5- 18. Suction pressure correction. From Compressed Air and Gas Data, copyright 1980. Courtesy Ingersoll-Rand. 4 



Fig. 5-19. Effect of clearance on the capacity of a recip¬ 
rocating compressor. From Compressed Air and Gas Data, 
copyright 1980. Courtesy Ingersoll-Rand. 4 


ance by means of a pV diagram. Figure 5-21 illustrates 
how the clearance may be varied to alter volumetric ef¬ 
ficiency and therefore capacity. Actual clearance control 
is accomplished by adding pockets or bottles to the cyl¬ 
inder, which may be open or closed, or by adjustable 
clearance valves. 


Clearance 



Percent piston displacement 


Fig. 5-20. Quantitative effect of various cylinder clearances 
on the volumetric efficiency at constant compression ratio. 
From Compressed Air and Gas Data, copyright 1980. Cour¬ 
tesy Ingersoll-Rand. 4 


Effect of Specific Heat Ratio 

Figure 5-22 shows the effect of specific heat ratio, k 
= C p /C,., on volumetric efficiency for a fixed compres- 


! 
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Fig. 5-21. Effect of adding clearance for capacity purposes. 
From Compressed Air and Gas Data, copyright 1980. Cour¬ 
tesy Ingersoll-Rand. 4 ■ 


sion ratio and clearance. The lower the value of k, the 
lower the volumetric efficiency. 



Percent piston displacement 


Fig. 5-22. Effect of various specific heat ratios on the vol¬ 
umetric efficiency of a given cylinder. From Compressed Air 
and Gas Data, copyright 1980. Courtesy Ingersoll-Rand. 4 



CENTRIFUGAL COMPRESSORS 

The performance of a centrifugal compressor is usu¬ 
ally estimated based on the polytropic process. The same 
equation (Eq. 5-9) given for a reciprocating compressor 
can be used if k is replaced with n , where 


n — 1 k — 1 



The concept of polytropic head is frequently used in 
designing centrifugal machines since the head developed 
is independent of the fluid being moved. The polytropic 
head is the work in energy per unit mass of the gas. It 
can be calculated from 


Fig. 5-23. Basic horsepower. From Compressed Air and Gas 
Data, copyright 1980. Courtesy Ingersoll-Rand. 4 

where 

H p - poly tropic head, 

R = gas constant, 

T, = gas inlet temperature, 

Z = average compressibility factor, (Z, + Z 2 )/2, 
and 

M = gas molecular weight. 

The actual power required then depends on the amount 
of gas being moved, or the mass flow rate, w. In terms 
of horsepower, 


RT y nZ . 

H p = ~ .. (r ( — 1 /" — 1), 

M(n - 1) 


Hp 


wH p 
33000 ti p ’ 


(5-16) 


(5-17) 
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where 

Hp = power required, horsepower, 
w = mass flow rate, lb m /min, 

H p = polytropic head, ft-lb/lb m , and 
T) p = polytropic efficiency. 

In determining the brake horsepower required, me¬ 
chanical losses must be added. These will usually vary 
between 10 and 50 Hp, depending on the machine. The 
power required can also be obtained using a Mollier dia¬ 
gram, as outlined previously in the discussion of recip¬ 
rocating compressors. 


Example 5-5: 

Using the following data, estimate the horsepower re¬ 
quired for a centrifugal compressor to compress 50 
MMscfd of a 0.6 gravity gas. 


P-, = 100 psia 
Pz = 400 psia 
p sc = 14.65 psia 
Z, = 0.988 


7, = 80°F 

k = 1.28 

T sc = 60°F 

B g , = 0.131 ft 3 /scf 



Fig. 5-24. K value correction. From Compressed Air and Gas 
Data, copyright 1980. Courtesy Ingersoll-Rand. 4 


Solution: 

The actual inlet volume is 

. scf ft 3 day 

q= q sc B„ = 50 x 10 6 -x 0.131 — x- 

9 day scf 1440 min 


4550 


ft 3 

min' 


From Figure 5-10, r\ p = 0.72 

n - 1 k- 1 1.28-1 

-=-=-= 0.3 

n k- n P 1.28(0.72) 

T 2 = T 1 r (n - 1)/n = 540 (4) 0 ' 3 = 818°R 


Z 2 = 0.991 


Z = 


0.988 + 0.991 
2 


0.99 


M = 28.96 y g = 28.96(.6) = 17.38 Ibm/lb-mole 
1 ) 


R Ti nZ , ,,, 
Ho = —~—— (r (n_1)/n 


Ho 


M(n- 1) 
1545(540)(,99) 
17.38(0.3) 


ft lb 

((4)0-3 - 1) = 81,700 — 
Ibm 


. scf 17.38 Ibm 1 day Ibm 

w= 50 x 10 6 -— = 1592- 

day 379 scf 1440 min min 


Hp 


w H n 


1592(81,700) 
33,000 rip ~ (33,000)(0.72) 


5474 Hp 


Estimates of the horsepower, number of stages, and 
compressor speed can be made by referring to Figures 
5-23 through 5-26. The horsepower required for a cen- 



Fig. 5-25. Basic head. From Compressed Air and Gas Data, 
copyright 1980. Courtesy Ingersoll-Rand. 4 
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Fig. 5-26. Compressor speed. From Compressed Air and 
Gas Data, copyright 1980. Courtesy Ingersoll-Rand. 4 

trifugal compressor is obtained from: 

Hp = (BASIC 

where 


(BASIC BHP) is obtained from Figure 5-23, 
{K co „) is obtained from Figure 5-24, 
p, = suction pressure, psia, 

Z = average Z factor, and 
Z, = Z factor at /?,, r, 

The number of stages required for a centrifugal com¬ 
pressor may be estimated from: 

_ (BASIC HEAD)(AT corr )(28.95)Z 
M(9500) 

where 


N = number of stages, 

(BASIC HEAD) is obtained from Figure 5-25, 
(A'corr) is obtained from Figure 5-24, 

Z = average Z factor, and 
M = molecular weight of the gas. 


Example 5-6: 

Re-work Example 5-5 using Figure 5-23 and Figure 5- 
24. Also, estimate the number of stages required and 
the approximate compressor speed using Figure 5-25 
and Figure 5-26. 


Solution: 

From Figure 5-23, for an intake volume of 4550 ft 3 / 
min, the basic bhp = 720 for a compression ratio of 4. 
From Figure 5-24, for a k value of 1.28 the k value 
correction factor is 0.956 for r = 4. Therefore, 


bhp = 


720(0.956)(100)(0.99) 
14.5(0.988) 


= 4757 HP. 


In order to estimate the number of stages required, from 
Figure 5-25, for r = 4 and 7, = 80°F, Basic Head 
=53,000 ft. 

The number of stages is then 


_ (53000)(0.956)(28.95)(0.99) 

17.38(9500) “ 8 9 

This indicates that 9 stages will be required. 

The compressor speed is estimated by entering Figure 
5-26 at an intake volume of 4550 ft 3 /min and reading 
the speed as 9800 rpm. 
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Total System Analysis 


T HE object of any gas production operation is 
to move the gas from some point in the res¬ 
ervoir to the sales line. In order to accomplish 
this, the gas must pass through many areas of 
pressure drop, or if a compressor is used, pressure is 
gained or increased. The restrictions to flow may include 
some or all of the following, as illustrated in Figure 6-1. 

1. Porous medium 

2. Gravel pack or perforations 

3. Bottom-hole choke 

4. Well tubing 

5. Subsurface safety valve (SSSV) 

6. Surface choke 

7. Well flowline 

8. Separator pressure 

9. Flowline from compressor to sales line 

10. Sales line pressure 

Procedures to calculate the pressure drop or resistance 
to flow in the porous medium and gravel pack are given 
in Chapter 3. Pressure drops in all of the other restric¬ 
tions may be calculated using the material in Chapter 4. 
The selection of a compressor to create the necessary 
pressure gain in the system can be made using infor¬ 
mation given in Chapter 5. 

Although all of these separate components of the pro¬ 
duction system can be analyzed independently, in order 
to determine the performance of the well they must be 
combined in a total system or nodal analysis. This is 
most easily accomplished by dividing the total system 
into two separate subsystems and determining the effects 
of changes made in one or both of the subsystems on 
the well performance. Selection of a location or node at 


which to divide the system depends on the purpose of 
the analysis. It is usually more convenient to select the 
division point at or as close as possible to the part of the 
system being analyzed. For example, if the effect of sub¬ 
surface safety valve size is being analyzed, the system 
is divided at the SSSV. Figure 6-2 illustrates some of 
the most commonly used division points or nodes. 

The analysis is accomplished by determining and plot¬ 
ting flow rate versus pressure existing at the division point 
or node for each of the subsystems. These are plotted as 
separate and independent curves on the same graph, and 
since there can be only one pressure existing at the di¬ 
vision point, the intersection of the two subsystem curves 
gives the total system performance or flow rate, which 
will satisfy the requirement that the flow into the node 
must equal the flow out of the node. If the component 
being analyzed must be sized according to the flow rate 
and pressure change across the component, such as a 
SSSV or compressor, it is often convenient to plot pres¬ 
sure difference between the two subsystems versus flow 
rate. The system analysis procedures will be illustrated 
in this chapter in the form of example calculations. 

TUBING AND FLOWLINE SIZE EFFECT 

The size of piping installed in a well can have a large 
effect on the flow capacity or deliverability of the well. 
In some cases it can be the controlling factor and can 
cause the well to produce at a low rate even though the 
reservoir may be capable of producing much more gas. 

Constant Wellhead Pressure 

The simplest case will be considered first, that is, the 
case of a constant wellhead pressure. This case might 
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<8 


ap 7 



AP2 — (Pwfs Pwf) ' 


-AP, = (P R - P„, s )- 


Fig. 6-1. Possible pressure losses in complete system. 


occur if the well has a very short flowline between the 
wellhead and separator. In this case the well is divided 
at the bottom of the hole, node 6. The expressions for 
the inflow and outflow are. 

Inflow: p R - A p KS = p nf 

Outflow: ptf + A p tab = p„ f 

The solution procedure is: 

1. Assume various values of p Kf and determine q sc from 
inflow performance methods. 

2. Plot p„f versus q sc . 

3. Assume various flow rates, and starting at the fixed 
wellhead pressure, calculate p wf for each q sc using 
Equation 4-27 or the Cullender and Smith method Eq. 
4-29. 

4. Plot p Hf versus q sc on the same graph as in Step 2. 
The intersection of the curves gives the flow capacity 
and p vf for this particular tubing size. 

To determine the effect of other tubing sizes, Steps 3 


and 4 can be repeated for various tubing sizes. The effect 
of ptf can also be determined by repeating for various 
wellhead pressures. For this case, the two subsystems 
are: (1) the reservoir and (2) the tubing plus the wellhead 
pressure. 


Example 6-1: 

A stabilized deliverability test was conducted on a gas 
well to obtain reservoir inflow performance data. De¬ 
termine the flow capacity of the well for both 1.995 in. 
and 2.441 ID tubing if p^ is constant at 1000 psia. Other 
data are: 

n = 0.83 C = 0.0295 Mscfd/psia 2 
p R = 1952 psia H = 10000 ft 


Solution: 

The equation for generating the reservoir inflow per¬ 
formance curve is ' 
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Fig. 6-2. Location of various nodes. 


dsc = W - pj) n = 0.0295 (1952 s - pj) 083 . 

(This is the same well as was analyzed in Example 3- 
5) 

1. Assume various values of p^ and calculate q sc : 


Pm, psia 

Inflow 

q sc , Mscfd 

1952 

0 

1800 

1768 

1400 

4695 

1000 

6642 

600 

7875 

200 

8477 

0 

8551 


2. Plot p M versus q sc (Fig. 6-3) 

3. Assume various flow rates and find the value of p m re¬ 
quired to overcome the pressure drop in the tubing and the 
wellhead pressure for each flow rate. This is required for 
each tubing size. For illustration purposes, the values of 
Pwf are obtained from Figures 4-12 and 4-13. For more ac¬ 
curacy, the well flow equations should be used. 


q x , Mscfd 

Outflow 

Pm, psia 

d= 1.995 

d = 2.441 

1000 

1300 

1290 

2000 

1370 

1300 

3000 

1500 

1370 

4000 

1620 

1400 

5000 

1800 

1580 

6000 

1970 

1620 

4. Plot p„f versus q sc 

for both tubing strings on Figure 

6-3. The only value of that will satisfy both sub- 

systems is the intersection of the inflow curve with 

the tubing performance curves. 

This occurs at the 

following values: 



Tubing ID 

Pm, psia 

qw, Mscfd 

1.995 

1560 

3500 

2.441 

1440 

4350 


Thus, by installing the larger tubing, the well’s flow 
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n = 0.83, Z = 0.95, C = 0.0295 Mscfd/psia 186 , 
p„ = 1952 psia 


Solution: 

1. The reservoir inflow performance equation is 

Qsc = C(Pr - pjT, ( 3 - 31 ) 


or 


Pwf ' 


PR- 


1 /n-i0.5 


1952 z 


Qsc \ 

0.0295/ 


Fig. 6-3. Solution to Example 6-1. 

capacity can be increased by 850 Mscfd or about a 
24% increase. 

Variable Wellhead Pressure 

If a well is equipped with a flowline of considerable 
length, the size of the flowline can affect the flow ca¬ 
pacity of the system. When flowline size effect is being 
considered, it is convenient to divide the system at the 
wellhead into two subsystems: (1) the reservoir plus the 
tubing and, (2) the flowline plus the separator pressure. 

The inflow and outflow expressions are: 

Inflow: p R - Ap res - Ap tub = p tf 
Outflow: p sef , + tSpf, = p lf 

The solution procedure is: 

1. Assume various values of q sc and determine the cor¬ 
responding p wf from inflow performance methods. 

2. Using the tubing pressure drop equations, determine 
the wellhead pressure, p# corresponding to each q sc 
and p w f determined in Step 1. 

3. Plot p tf versus q sc . 

4. Using a fixed separator pressure and the pipeline flow 
equations, calculate p !f for several assumed flow rates. 

5. Plot p tf versus q sc on the same graph as used in Step 
3. The intersection gives the only values of p# and 
q sc that will satisfy both subsystems. 


Example 6-2: 

A 10,000 ft vertical well is equipped with 1.995 ID tub¬ 
ing and a 6000 ft flowline. Separator pressure is fixed 
at 1000 psia. Using the following data, determine the 
flow capacity for the system for both a 1.995 ID flowline 
and a 2.441 ID flowline. 


Assuming flow rates of 1, 2, 3, and 4 MMscfd, calculate 
the corresponding values of p*#. These values are given 
in the table at the end of the solution. 

2. The average pressure and temperature method was 
used to calculate p,, for each q sc and p wf . The equa¬ 
tion is: 

Pu = 

- pj - [25y g qJ t Z f H (EXP(S) - 1)]/Sd 5 l° 5 
EXP(S) J 

The values of p„ are given in the table. 

3. The values for each q sc and p H for the reservoir-tub¬ 
ing subsystem are plotted on Figure 6-4. 

4. The same flow rates as assumed in Step 1 are used 
to calculate p„ at a fixed p sep of 1000 psia for both 
the 1.995 and 2.441 in flowlines. The equation used 
is: 

Ptt = [Psep 2 + (25 y g qj tZf L)/d 5 f \ (4-35) 



q^, MMscfd 


•Y g = 0.67, T r = 220°F, T„ = 100°F, 

T sep = 60°F, |j.g = 0.012 cp, e = 0.0018 in., 


Fig. 6-4. Example 6-2 Solution. 
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These values are also given in the table. 

5. The values for q sc and p n for each line size for the 
flowline-separator subsystem are also plotted on 
Figure 6-4. The intersections with the reservoir-tub¬ 
ing line give flow capacities of 3080 and 3360 Mscfd 
for the 1.995 and 2.441 in. flowlines, respectively. 



Inflow 

Outflow 

q x , Mscfd 

Pwf 

p„ (tubing) 

P« (1.995) 

P„ (2.441) 

1000 

1877 

1500 

1016 

1006 

2000 

1774 

1362 

1062 

1022 

3000 

1653 

1158 

1134 

1049 

4000 

1512 

840 

1227 

1085 


SEPARATOR PRESSURE EFFECT 

The effect of separator pressure on the system deliv- 
erability can best be determined by dividing the system 
at the separator. The subsystems then consist of: (1) the 
separator and (2) the combination of the reservoir, the 
tubing, and the flowline. The solution is obtained by 
plotting q sc versus p xp , with p xp being calculated as 

Psep =Pr- a p ns - A p mb - A p fl . 

The solution procedure is illustrated by reworking Ex¬ 
ample 6-2 using the 1.995 in. flowline. 

1. Calculate p^ for various q sc using the reservoir inflow 
equation. 

2. Calculate p, f for each p„ f and q sc using Equation 4-27 
or Cullender and Smith. 

3. Calculate p xp for each p t{ and q sc using Equation 4- 
35 or 4-37. 

4. Plot p xp versus q sc and determine q sc for various val¬ 
ues of Pscp . 


Example 6-3: 

Determine the flow capacity for the well system of Ex¬ 
ample 6-2 for the 1.995 in flowline at separator pres¬ 
sures of 1200, 1000, 800, and 500 psia. 


Solution: 

The separator pressures are tabulated in the following 
table and plotted in Figure 6-5. The flow capacities for 
the various separator pressures are listed below. 


qsc, Mscfd 

Pwf 

Ptf 

Psep 

1000 

1877 

1500 

1490 

2000 

1774 

1362 

1320 

3000 

1653 

1158 

1042 

4000 

1512 

840 

504 



q K , MMsctd 


Fig. 6-5. Example 6-3 Solution. 

p„ p Flow capacity, Mscfd 


1200 

2560 

1000 

3080 

800 

3540 

500 

4000 


COMPRESSOR SELECTION 

The selection or sizing of a compressor to increase the 
deliverability of a well system requires knowing the re¬ 
quired suction and discharge pressures and the volume 
of gas to be pumped. The sales line pressure is usually 
fixed, but the gas may have to travel a considerable dis¬ 
tance from the compressor to the sales line. The com¬ 
pressor discharge pressure would therefore be a function 
of gas flow rate. Compressor sizing is best accomplished 
by dividing the system at the compressor, or at the sep¬ 
arator if the compressor is to be located near the sepa¬ 
rator. 

The following procedure may be used to determine the 
necessary design parameters and power required to de¬ 
liver a quantity of gas to a fixed sales line pressure. 

1. Starting at p R , determine p xp for various values of q sc 
using the procedure for determining separator pres¬ 
sure effect. 

2. Plot p xp versus q sc . 

3. Starting at the sales line pressure, determine the dis¬ 
charge pressure required at the compressor, p dis for 
various flow rates. 

4. Plot p dis versus q sc on the same graph as used in Step 
2. The intersection of these curves (if there is one) 
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Fig. 6-6. Example 6-4 Solution. 


gives the flow capacity or deliverability for no com¬ 
pressor in the system. 

5. Select values of q sc and determine the values of p dis , 
p xp and A p = p iis - p scp for each q sc . 

6. Calculate the required compression ratio, r = p dis / 
p scp and the power required using Equation 5-9. 


Example 6-4: 

The well system described in Examples 6-2 and 6-3 is 
to deliver gas to a sales line pressure of 1000 psia 
through a 3.068 in. ID pipeline. The compressor is lo¬ 
cated at the separator, 10,000 ft from the sales line. 
Determine the compression ratio and horsepower re¬ 
quired for delivery rates of 3.5 and 4.0 MMscfd. 


Solution: 

The separator or compressor suction pressures for var¬ 
ious flow rates were calculated in Example 6-3 and 
plotted on Figure 6-5. These are replotted on Figure 6- 
6. Starting at the sales line pressure of 1000 psia, the 
following required compressor discharge pressures were 
calculated using Equation 4-35. 


q^, Mscfd 

Pdis, psia 

1000 

1002 

2000 

1010 

3000 

1021 

4000 

1037 

5000 

1057 


Plotting these points on Figure 6-6 gives an intersec¬ 
tion at q sc = 3040 for no compressor. The following 
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values are read from Figure 6-6 at the flow rates of 
interest: 


q x , Mscfd 

Psop 

Pdis 

r , Pdis / ps&p 

z, 

3500 

810 

1030 

1.27 

0.86 

4000 

500 

1040 

2.08 

0.92 


To calculate the horsepower required, use Equation 5- 
9 with k = 1.3, p sc = 14.7 psia, T sc = 520°R, 7, = 
540°R. 


For q sc 


3500 Mscfd: 
3.027 p^ T-t k 


w = 


w = 


Fsc (/r-1) 
3.027(14.7)(540)(1.3) 


[r 2 ' 




1 ] 


[(1.27) 


.86(.3)/1.3_ 


1 ] 


520(0.3) 

w = 200.27(0.049) = 9.8 Hp/MMscfd 
Hp = (9.8)(3.5) = 34 Hp 
For q^ = 4000 Mscfd: 

w= 200.27 [(2.08) 92< 3)/13 —1] = 200.27(0.168) 
= 33.6 Hp/MMscfd 
Hp = (33.6)(4.0) = 134 hp 


(5-9) 


SUBSURFACE SAFETY VALVE SELECTION 

Most offshore wells will require that some type of 
subsurface safety valve (SSSV) be installed in order to 
shut the well in if the wellhead pressure becomes too 
low. These may be velocity actuated or surface actuated 
type. In any event, unless the valve is tubing retrievable, 
it will not be full-opening and will therefore create a re¬ 
striction to the well’s flow capacity. In order to select 
the appropriate SSSV, the well system is divided at the 
SSSV, Node 4 in Figure 6-2. The two subsystems are 
then: (1) the reservoir plus the tubing below the SSSV 
and (2) the separator, flowline, surface choke, and the 
tubing above the SSSV. 

The solution procedure is: 

1. Using the inflow performance and tubing equations, 
calculate the pressure upstream of the SSSV, p vi , for 
several flow rates. 

2. Plot p v , versus q sc . 

3. Using the flowline equations, the surface choke equa¬ 
tions if applicable, and the tubing equations, calcu¬ 
late the pressure downstream of the SSSV, p v2 , for 
several flow rates. 

4. Plot p v2 versus q sc on the same graph. The intersection 
of the two curves gives the flow rate for no SSSV. 

5. Determine the A p across the SSSV for several flow 
rates, A p = p vl — p v2 and plot A p versus q sc . 
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6. Calculate the pressure drop across the SSSV for sev¬ 
eral q sc using Equation 4-62. 

7. Plot A p versus q sc on the same graph as used in Step 
5. The intersection of the two curves gives the flow 
capacity of the system for the particular size valve 
used in the calculations of Step 6. Repeat Steps 6 and 
7 to determine the effect of SSSV size. 

The solution could also be obtained by including the 
SSSV in the inflow expression. This would result in a 
different inflow curve for each SSSV size considered. 
The inflow and outflow expressions would be: 

Inflow: p R - Ap rcs - Ap tub (below SSSV) 

~ Spsssv = Pv 2 

Outflow: p xp + A p fl + Ap lub (above SSSV) = p v2 


Example 6-5: 

A 10,000 ft vertical well is to have a SSSV installed at 
a depth of 3000 ft from the surface. The tubing size is 
2.441 in. ID Other data are given in Example 6-2. De¬ 
termine the flow capacity for SSSV’s having inside di¬ 
ameters of 0.4 in. and 0.5 in. The flowline diameter is 
also 2.441 in. ID. 


Solution: 

The well performance is tabulated below for the lower 
subsystem: 


q^, Mscfd 

Pwn psia 

Pv i> psia 

1000 

1877 

1606 

2000 

1774 

1506 

3000 

1653 

1378 

4000 

1512 

1218 

The performance for the upper subsystem is calculated 
by starting at a separator pressure of 1000 psia: 

q x , Mscfd 

P«, psia 

Pvs, psia 

1000 

1006 

1088 

2000 

1022 

1113 

3000 

1049 

1154 

4000 

1085 

1209 


The pressures above and below the SSSV are plotted 
versus q sc on Figure 6-7. The intersection gives an un¬ 
restricted flow rate of 4 MMscfd. The pressure drop 
across the SSSV (p u1 - p v2 ) is determined for several 
flow rates from Figure 6-7. The pressure drop for each 
flow rate and SSSV size is also calculated using Equa¬ 
tion 4-62 and plotted on Figure 6-8. These are tabu¬ 




lated below. An example calculation of Ap using Equa¬ 
tion 4-62 is presented for the 0.5 in. SSSV using C d = 
0.9 and Y = 0.85 for a flow rate of 2 MMscfd. 




6.23 x IQ- 4 Z, T, q sc 
Pi d 2 C d Y 


( 4 - 62 ) 


0.5 

p = --= 0.20 

2.441 
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A p- 


2.7(.67)(1506)(1 - -2 4 ) 
0.86(578) 

6.23 x 10~ 4 (.86)(578)(2000) 


1506(.5) 2 (0.9)(0.85) 
A p = 5.467 (4.628) = 25.3 psi 


q x , Mscfd 

Pvu psiB 


Ap, psi 


Pvl Pv2 

D = 0.4 

D = 0.5 

1000 

1606 

518 

15 

6 

2000 

1506 

393 

62 

25 

3000 

1378 

224 

152 

62 

4000 

1218 

9 

306 

125 


The results are obtained from Figure 6-8. The inter¬ 
sections of the A p curves indicate flow capacities of 
3230 and 3600 Mscfd for the 0.4 and 0.5 in. SSSV’s 
respectively. 

EFFECT OF PERFORATING DENSITY 

In many areas of the world, especially the Gulf Coast 
region of the United States, high capacity gas wells are 
completed in unconsolidated, high permeability forma¬ 
tions. In order to control production of sand, the wells 
are completed by gravel packing. The flow capacity of 
the well may be controlled by the number of perfora¬ 
tions, since the actual reservoir flow capacity is ex¬ 
tremely high. 

Another consideration in the well completion design 
is the pressure drop across the gravel pack. If it is too 
large, the gravel pack may be destroyed. The consensus 
is that this pressure drop should be less than about 300 
psi, which means that the number of perforations re¬ 
quired to meet this limit must be determined. 

The method of analysis is the same as that used to 
analyze subsurface safety valve effect, except that the 
system is divided at the perforations. The equation for 
determining the A p across the gravel pack was given in 
Chapter 3 (Eq. 3-94). 

The two subsystems are: (1) the reservoir, including 
any actual skin damage and (2) the separator, flowline, 
surface choke, SSSV, and tubing. 

The solution procedure is: 

1. Using the reservoir gas flow equation (Eq. 3-11), de¬ 
termine the pressure at the sandface, upstream of the 
gravel pack, p„ fs for various flow rates, q sc . 

2. Plot p Hfs versus q sc . 

3. Starting at the separator pressure, determine the bot¬ 
tom-hole flowing pressure required for the upper sub¬ 
system, p tvf for various flow rates, q sc . 

4. Plot p wf versus q sc on the same graph as used in Step 

2 . • 


5. Read values of p wfs and p uf at various q sc and plot Ap, 
= p K fs - p~f versus q sc . 

6. Assume various q sc and calculate the pressure drop 
across die gravel pack, A p 2 using Equation 3-94. This 
should be done for various perforating densities. 

7. Plot A p 2 versus q sc on the same graph as used in Step 
5. The intersection of the curves gives the flow ca¬ 
pacity and the gravel pack pressure drop for various 
perforating densities. 


Example 6-6: 

The following data apply to the gas well shown in Fig¬ 
ure 6-9 (see figs. 6-10 and 6-11 for solution). Deter¬ 
mine the flow capacities and gravel pack pressure drops 
for 4, 12, and 24 perforations per foot for both 1.995 
and 2.441 in. tubing. 

Pk = 1200 psia, T s = 100°F, y g = 0.82, 

e = 0.0006 in., H = 13350 ft, T R = 273°F, 

fig = 0.012 cp, r e = 1040 ft, r w = 0.50 ft, 

S = 0, p R - 5400 psia, 

h = 20 ft, Perforation diameter = 0.7 in., Z = .97 
Formation permeability = 130 md 
Gravel permeability = 45 darcys 
Screen outside diameter = 3.06 in. 

Hole diameter = 12.25 in. 

N = (spf)h = (spf)(20) 


Solution: 

1. Calculation of p^: 

2.33 x 10 10 2.33 x 10 10 

P= 7* (130) 12 

= 6.77 x 10 7 

1422 T|x Z (ln(.472 r e /r„) + S) 

A== - kh - 

1422(733)(0.012)(0.97)[ln(.472(1040)/.50] + 0) 
A ~ 130(20) 

A = 32.15 

3.161 x 10~ 12 p ~y g Z T 
B h z r w 

3.161 x IQ- 12 (6.77 x 10 7 )(,82)(.97)(733) 
(20) 2 (.50) 

, B = 6.24 x 10~ 4 
Pwfs = [pH - A q sc - B qjf 5 




Total System Analysis 


155 


13,350 ft 



P = 1,200 


T = 100°F 


4.56 inches 
Roughness = .0006 

1.995 in. I.D. 


Gravel pack data: 

Shot diameter = 0.7 in 
SPF - 4, 12, 24 
Gravel pack analysis in a dry gas well 

Permeability = 45 D 


Screen OD = 3.06 


Reservoir data: 

Static press = 5400 psi 
BHT = 273“F 
Permeability = 130 md 
Pay thickness = 20 ft 
Wellbore radius = 0.50 ft 
Drainage radius = 1040 ft 
Skin = 0 


Fig. 6-9. Gravel pack analysis in a dry gas well, Example 
6 - 6 . 


P„f S = [(5400) 2 - 32.15 q sc - 6.24 x 1CT 4 qj] 03 


q^, Mscfd 

Pwts. psia 

5000 

5384 

10000 

5364 

20000 

5317 

30000 

5257 


3. Equation 4-27 is used to calculate p using a fixed 
Ph of 1200 psia. 

4. 


qsc, Mscfd 

P*f, psia 

d= 1.995 

d = 2.441 

5000 

2385 

1974 

10000 

3786 

2606 

15000 

5358 

3405 

20000 

6987 

4168 

30000 

10080 

5998 


q^ Mscfd 

Ap„ psi 

d= 1.995 

d = 2.441 

25000 

— 

170 

20000 

— 

1170 

15000 

0 

1900 

10000 

1580 

2760 

5000 

3000 

3410 




Fig. 6-10. Example 6-6 Solution. 


Fig. 6-11. Example 6-6 Solution. 
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6. Calculation of pressure drop across the gravel pack 
for 4, 12, and 24 shots per foot: 

p = 4.05 x 10 4 ft” 1 

PG (45000)°' ss 

2844 Z p, TL _ 284 4(.97)(.012)(733)(.383) 

A= kN Tp ~ (45000)N(.029) 2 

A = 245.57 /N 


B = 


1.263 x IQ -11 $ G -i g ZTL 


|2 ,4 


N 2 r, 


1.263 x 10 -11 (4.05 x 10 4 ) (,82)(.97)(733)(.383) 
= A/ z (.029) 4 

6= 161.49/N 2 

Pwt = [Pwls — ^ 9 sc — ® 9sC ] 

kp2 = Pw/s Ptvf 


When placing a newly gravel packed well on produc¬ 
tion it is advisable to be sure that the critical drop across 
the pack (approximately 300 psi) not be exceeded. This 
can be accomplished by calculating the expected well¬ 
head pressure for various perforating densities and pro¬ 
duction rates and plotting versus q sc . The wellhead 
pressure is obtained from 

Pft Apres Appgrf A Ptub Ptf' 

A plot of p tf versus q sc for various perforating densities 
is illustrated in Figure 6-12. The values of flow rate at 
which the critical pressure drop is exceeded can be ob¬ 
tained from the plot of Ap versus q sc (Fig. 6-11). The 
actual wellhead pressure can be measured as the well’s 
rate is increased and plotted on Figure 6-12. This will 
indicate the number of perforations that are effective and 
also allow the operator to determine the maximum rate 
at which he may produce the well without damaging the 
gravel pack. 




Ap s , psi 


q x , Mscfd 

P«vf S , ps/a 

N = 80 N = 240 

N = 480 

30000 

5257 

3058 248 

62 

20000 

5317 

1061 108 

27 

15000 

5342 

566 61 

15 

10000 

5364 

244 27 

7 

5000 

5384 

60 7 

2 

The results of the system analysis are tabulated be- 

low: 






Flow Capacity, Mscfd 


Tubing ID 

SPF = 4 

SPF = 12 

SPF = 24 

1.995 

13700 

14500 

14600 

2.441 

21000 

25000 

26000 


The results show that the well is severely restricted by 
the smaller tubing size. The only reason for shooting more 
than 4 shots per foot if the small tubing is used is to 
reduce the pressure drop across the gravel pack to less 
than 300 psi. If the larger tubing is used, 12 shots per 
foot would be sufficient, giving a rate of 25 MMscfd at 
a pressure drop across the gravel pack of about 170 psi. 

The inflow performance of this well would certainly 
justify tubing larger than the 2.441 size. 

The analysis for determining the effect of perforating 
density on deliverability can also be performed by se¬ 
lecting other nodes. For example, if (V were selected as 
the node pressure the inflow expression would include 
the pressure drop across the perforations. This would be 
calculated using Equation 3-88 for gravel packed com¬ 
pletions or Equation 3-11 with A c and B c equal to zero. 


EFFECT OF DEPLETION 

All of the previous analyses were performed at a con¬ 
stant reservoir pressure, p R , that is, at a particular time 
in the life of the reservoir.. As gas is produced and p R 
declines, the deliverability of the total system will de¬ 
cline. In order to maintain production at a constant rate, 
the flowing bottom-hole pressure p u .f must be reduced as 
p R declines. This can be accomplished by installing a 
compressor to lower separator pressure or by installing 
a larger flowline and tubing to reduce the pressure drop 
in the piping system. 

Inflow performance curves for declining p R are illus¬ 
trated in Figure 3-19 for the reservoir described in Ex¬ 
ample 3-7. The decline in flow capacity for a given pip- 
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ing system can be determined by plotting the piping system 
performance on the same graph. The intersections give 
the flow capacity at various times as the reservoir pres¬ 
sure declines. 

The following example illustrates how reducing the 
separator or wellhead pressure can help to maintain the 
deliverability as depletion occurs. 


Example 6-7: 

Determine the deliverability of the well described in Ex¬ 
ample 3-7 at values of p H = 1952,1500, and 1000 psia 
at wellhead pressures of 1000 and 500 psia if the well 
is equipped with 3.5 in. (2.992 ID) tubing. Other data 
are: 

H = 10000 ft, y g = 0.67, f = 160°F, 

|i. s = 0.012 cp, e = 0.0018 in. 


Solution: 

The system is divided at the sandface. The inflow per¬ 
formance was calculated in Example 3-7 and is re¬ 
plotted in Figure 6-13. The values of p^ for the upper 
subsystem are tabulated below and plotted on Fig. 6- 
13. The flow capacities are also tabulated. 


q^, Mscfd 

Pwl, psia 

p„ = 1000 

P« = 600 

1000 

1256 

635 

3000 

1283 

685 

5000 

1337 

780 

7000 

1415 

905 

9000 

1510 

1045 


Pr 

Flow Capacity, Mscfd 

p„ = 1000 

P« = 500 

1952 

4950 

7000 

1500 

1950 

4500 

1000 

— 

1975 



RELATING PERFORMANCE TO TIME 

The deliverability or producing capacity of a well or 
field with respect to time must be known for economic 
evaluations and for planning equipment purchases. The 
producing capacity depends on the average reservoir 
pressure p R , which is a function of the cumulative gas 
produced, G p . Also, the time required to produce a 
quantity of gas, A G p , depends on the flow capacity, q sc , 
during the time period At in which the gas was produced. 
If the production rate is restricted by allowables, the rate 
of increase in G p will be constant until the producing 



Fig. 6-13. Example 6-7 Solution. 


Fig. 6-14. Relating performance to time. 
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capacity drops below the allowable rate. 

Prediction of the rate versus time and cumulative pro¬ 
duction versus time requires plots of p R or p R /Z versus 
G p and p R versus q sc . A plot of p R versus q sc can be 
obtained from a systems analysis of the effect of deple¬ 
tion, as illustrated in Example 6-7 and Figure 6-13. The 
total field flow capacity can be obtained by summing the 
flow capacities of individual wells. A plot of p R /Z or p R 
versus G p is obtained from a material balance calcula¬ 
tion, as described in Chapter 3. 

The procedure involves selecting time periods small 
enough such that p R can be considered constant during 
the period. The smaller the time period, or the smaller 
the value of A G p selected, the more accurate the predic¬ 
tion will be. The procedure is: 

1. Construct graphs of p R versus G p and p R versus q sc 
(Fig. 6-14). 

2. Select a small quantity of gas produced, A G p and de¬ 
termine the average value of p R applicable during this 
interval from the p R versus G p plot. 

3. From the plot of p R versus q sc , find the average pro¬ 
duction rate, q sc corresponding to the average p R found 
in Step 2. 


4. Calculate the time interval required to produce A G p 
from 



q 

5. Calculate t = 2 A t and G p = 2A G p . Plot G p , p R and 
q sc versus t. Repeat until the economic limit is reached. 

SUMMARY 

The procedures and examples presented in this chapter 
demonstrate how the effect of any variable in the total 
well system may be isolated and analyzed. This was ac¬ 
complished by dividing the total system into two sub¬ 
systems, the division being made at various points or 
nodes, usually as close as possible to the component being 
considered. 

Even though each subsystem is analyzed separately, 
any change in a component of the subsystem affects the 
total system performance, therefore, to obtain any mean¬ 
ingful design parameters, this method should be used. 




INTRODUCTION 


(7-1) 


A N essential part of any gas production op¬ 
eration is the accurate determination of vol¬ 
umetric flow rates. This is evident from all 
the material presented earlier in which al¬ 
most all of the design procedures involve the determi¬ 
nation of pressure loss for a particular flow rate. There¬ 
fore, unless accurate values for flow rate can be obtained, 
one cannot expect a system to perform according to its 
design. 

This chapter presents the most common methods used 
in the field to measure gas flow rates. The orifice meter 
is by far the most widely used because of its simplicity, 
ruggedness, and accuracy. Application of orifice meters 
has been well documented in the past, and the standard 
reference is the American Gas Association Report Num¬ 
ber 3. 1 Other types of gas meters are briefly discussed, 
but their application is limited. 

Most of the tables in this chapter are taken directly 
from the AGA Report 3. Many of the tables in the report 
are not included because the parameters tabulated in¬ 
volve only a simple calculation, and these properties can 
be obtained faster with a hand calculator than by refer¬ 
ring to tables. 

ORIFICE METERING 

An orifice metering system consists of means for mea¬ 
suring the pressure drop caused by a change in velocity 
of the gas as it passes through a restriction placed in the 
pipe. The energy balance equation may be reduced to 
the following when all of the terms that do not apply are 
eliminated: 


Pi v < -P2V 2 = —~ 

2 8 

where conditions 1 and 2 refer to conditions in the pipe 
and conditions in the restriction or orifice, respectively. 
Assuming that V, = V 2 = V, expressing the velocities 
in terms of flow rates, v = q/A and expressing the pres¬ 
sure change in head of flowing fluid results in 



where 

q = volumetric flow rate, 

A 2 = area of the orifice opening, tt d 2 2 /4, 

P = d 2 /d t , 

g = acceleration of gravity, 
h = pressure drop across the orifice, head, 
d ] = pipe diameter, and 
d 2 = orifice or restriction diameter. 

Equation 7-2 may be modified by specifying the pres¬ 
sure and temperature conditions at which the flow rate 
is measured, expressing h in inches of water and in¬ 
cluding a factor to account for the fact that irreversible 
losses were ignored. 

q sc = 218.44 K a d 2 2 ^ (—'j , ( 7 - 3 ) 

Psc T f \p f ~i g J 

where 

q sc = gas flow rate at p sc , T sc , scf/hour, 

d 2 = orifice size, in., 

p f = flowing pressure, psia, 

T f — flowing temperature, °R, 
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h w = differential pressure across the orifice, 
inches of water, 

y g = gas specific gravity (air = 1), and 
K 0 - an efficiency factor. 

Further modification is usually made by combining 
terms, assuming y g = 1, p sc = 14.73, and T sc = 60°F to 
obtain 

q sc =C'VKp f , (7-4) 

where 

C' =F b F pb F, b F g FrfF r F pv F m Y. (7-5) 

The term C' is known as the orifice constant, the value 
of which depends primarily on the basic orifice factor 
F b = 338.17 K„d 2 2 . Many of the other terms are negli¬ 
gible or essentially equal to one. Values for most of these 
constants are tabulated for various orifice sizes and flow¬ 
ing conditions. The F b factors are determined empiri¬ 
cally and are periodically updated by the AG A. 

Orifice Constants 

The values of the constants in Equation 7-5 depend 
on the points between which the differential pressure h w 
is measured. Two standards are provided in gas mea¬ 
surement—flange taps and pipe taps. With the former, 
the flange or orifice holder is so tapped that the center 
of the upstream and downstream taps is 1 in. from the 
respective orifice-plate surfaces. For standard pipe taps, 
the upstream tap is located 2-1/2 pipe diameters up¬ 
stream and 8 pipe diameters downstream. The location 
of the taps makes an obvious difference in the values 
obtained. Tables are provided for both configurations. 
The relative locations of the taps are shown in Fig¬ 
ure 7-1. 



Fig. 7-1. Relative locations of taps. Courtesy John M. 
Campbell. 


Basic Orifice Factor F b . The F b factor, as noted above, 
is based on those assumptions necessary to convert 
Equation 7-3 to 7-4. These are T b = 520°R, y g = 1.00, 
and T f = 520°R. It is a function of the experimental con¬ 
stant K „, which means that it depends on the location of 
the differential taps and the internal pipe diameter in ad¬ 
dition to the orifice diameter. The value of F b may be 
found from tables if the meter run is of stan¬ 
dard internal diameter. For gas-measurement work in¬ 
volving sale and purchase by a gas-transmission or dis¬ 
tribution company, corrections are provided for values 
of F b not fitting the standard tables. These are not shown 
here, for they are not normally used in production op¬ 
erations. The charts show values of F b for both flange 
and pipe taps. 

Pressure-base Factor F pb . The F pb factor corrects the 
value of F b for cases where the pressure base used is not 
14.73 psia. It may be determined by the equation F pb = 
14.73/p d . 

Temperature-base Factor F, b . The F, b factor corrects 
for any contract wherein the base temperature is not 520°R 
(60°F). This factor may be computed by the formula F, b 
= TJ 520. 

Specific-gravity Factor F g . The F g factor is to correct 
the basic orifice equation for those cases where the spe¬ 
cific gravity of the gas is other than 1.00. The equation 
is F g = V°' 5 - 

Flowing-temperature Factor F, f . The F rf factor cor¬ 
rects for those cases where the flowing temperature of 
the gas is other than 60°F. The equation is F :f = (520/ 
Tff 5 . 

Reynolds-number Factor F r . The F r factor takes into 
account the variation of the discharge coefficient with 
Reynolds number. In gas measurement the variation is 
slight and is often ignored in production operations. Val¬ 
ues are shown in the charts. It has been assumed in prep¬ 
aration of these charts that gas viscosity is substantially 
constant. The constant b shown in the charts is then pri¬ 
marily a function of pipe diameter, orifice diameter, and 
the location of the differential-pressure taps. 

Expansion Factor Y. The Y factor accounts for the 
change in gas density as the pressure changes across the 
orifice. Inasmuch as the differential involved is usually 
small, this correction is small and often ignored. The 
value used depends on which of the differential-pressure 
taps is used to measure static pressure and the location 
of the tap. The additional primary variables involved are 
(1) (3, (2) ratio of differential pressure to absolute pres- 
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sure, and (3) the specific-heat ratio C P /C Y . In the stan¬ 
dard chart the last variable is taken as constant and equal 
to 1.3. Tables of this factor are shown in the charts. 

Supercompressibility Factor F pv . The variation from 
the ideal-gas laws of an actual gas is corrected by the 
F pv factor. The factor may be measured experimentally 
or determined by detailed methods outlined in AGA Re¬ 
port 3. The correction is usually small and is often ig¬ 
nored. It may be estimated from the equation F pv 
(1/Z) 0 5 where Z is equal to the compressibility factor 
obtained from standard correlations. 


Manometer Factor F m . The F m factor is used only with 
mercury-type meters to correct for the slight error in 
measurement caused by having different heads of gas 
above .the two legs of the manometer. For all practical 
purposes it is insignificant. 

Metering System Design 

Inasmuch as standard tables are used, careful attention 
must be paid to the physical setup of the metering sys¬ 
tem. Otherwise the results would vary with the instal¬ 
lation. 



Fig. 7-2. Proper installation of a meter run for an orifice meter. Courtesy Gas Processors Suppliers Association. 
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Straightening Vanes. The purpose of straightening 
vanes is to minimize the effect of swirls, eddy currents, 
or irregular velocity distribution on meter accuracy. These 
vanes are built into a nipple and consist of a bundle of 
small pipe or tubing as shown in Figure 7-2. The di¬ 
ameter of each tube d should not exceed 1/4 the inside 
pipe diameter D. The length should be at least 10 d. Un¬ 
less necessary, vanes should not be used, since they are 
susceptible to erosion, introduce additional pressure loss, 
and clog easily. 

Orifice Location. Figure 7-2 shows the minimum dis¬ 
tance from valves and fittings that the orifice should be 
placed in order that proper metering might result. 

Size of Orifice and Meter Run. The meter run should 
be sized so that the anticipated maximum and minimum 
flow rates may be handled within the satisfactory ratio 
of orifice to pipe diameter. In doing this it should be 
kept in mind that: 

1. The differential h w should not exceed the static pres¬ 
sure Pf ; 



Fig. 7-3. Views showing construction of meters, (a) Printed with permission of the American Meter Division of the Singer 
Company, (b) Courtesy The Foxboro Company. 


2. The meter run ID should be at least one-third larger 
than the orifice opening; 

3. Both the differential and static-pressure pens should 
preferably operate within the middle 60% of the re¬ 
cording chart range. 

As a practical matter, the meter run ID should not be 
less than 3 in. in nominal diameter regardless of the small 
quantity of gas flowing. As a first approximation Equa¬ 
tion 74 should be solved for C' at the flow rate, h„ and 
p f desired. Then 

(c \ 05 

Orifice ID (in.) = I I . 0-6) 

If the maximum anticipated flow rate is used to find 
C', multiplying the orifice size found in Equation 7-6 
by 1.5 gives the approximate minimum pipe diameter 
needed. Once this has been established it is a relatively 
simple matter to change orifice plates as the flow varies 
to keep the values of h w and p f in the desired range. 

Standard sharp-edged orifice plates should be used, 
the thickness of which is at least 1/16 in. For pipes larger 
than 4 in. the thickness of the plate should be at least 


f 
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1/8 in. The thickness should not exceed one-eighth the 
orifice opening. 

Recorder. The normal orifice meter is equipped with 
a two-pen recorder for measuring both static and differ¬ 
ential pressure. The differential pen is normally actuated 
through a mechanical system using either a mercury ma¬ 
nometer or a bellows. Both types are shown in Figure 
7-3. 

With the former a slight change in flow rate changes 
the level in the mercury manometer. A large float resting 
on the mercury changes level correspondingly and trans¬ 
mits this movement to the chart pen through a system of 
levers. 

The bellows-type meter consists of two bellows filled 
with some fluid such as glycol. As the pressure differ¬ 
ential changes this fluid moves between the bellows 
through a damping device, causing the bellows to ex¬ 
pand or contract. The pen is actuated by a center rod 
that is connected to the free ends of the bellows. The 
small liquid-filled bellows located on the high-pressure 
side serves as an expansion device to correct for changes 
in ambient temperature. 

Both types of instruments are equipped with check 
valves to protect them from differential pressures that 
exceed the range of the instrument. This is more of a 
problem with the mercury meter, since excessive differ¬ 
ential pressure can blow mercury out of the meter, which 
destroys its calibration. In the bellows meter, soft-seated 
check valves prevent the flow of fluid between the bel¬ 
lows. Then the bellows are not likely to rupture since 
they are supported internally by the fluid contained within 
them. 

The bellows meter has gained increasing popularity, 
particularly in field operations. Even though the initial 
cost is higher, many operators feel that this is compen¬ 
sated for by decreasing maintenance. It also offers the 
advantage of operating either properly or not at all, with 
little range in between. The problems of mercury loss 
and worrying about the change in calibration with the 
amount of mercury are eliminated. Until it fails, expe¬ 
rience has shown that this meter needs little routine cal¬ 
ibration. 

With both types the static pressure is read from a pen 
actuated by a bourdon tube. The lead for this may come 
off either the upstream or downstream tap. In most in¬ 
stallations it is good practice to install a bourdon tube 
having about twice the maximum pressure anticipated. 
This minimizes the problem of distortion, which de¬ 
stroys the original calibration of the tube. These tubes 
are available in many materials, the type depending on 
the service and the pressure rating desired. 

Most meters are installed using a standard five-valve 
manifold of the type shown in Figure 7-4. One valve is 


placed on each of the leads to the pressure taps, two 
valves on the bypass, plus a vent valve. When the meter 
is placed in operation the bypass valves would be open, 
as would the two main valves, with the vent valve closed. 
The meter is then placed in service by slowly closing the 
bypass valves, followed by opening of the vent valve. 
This procedure prevents momentary pressure surges that 
might damage the meter or upset the calibration. The 
reverse procedure would then be used in taking the meter, 
out of service. When the leads are bypassed the vent 
valve is an excellent place to obtain a gas sample. 

Standard calibration procedure on the differential pen 
involves connecting one side of a water manometer into 
the high-pressure side of the meter. The low-pressure 
side of the meter is then opened to the atmosphere. This 
gives two manometers in parallel. By superimposing 
pressure on the high-pressure cell with a hand pump or 
similar device one may compare the meter reading with 
that of the manometer. If they are different the meter 
must be adjusted accordingly. 

The bourdon tube may be calibrated simply by placing 
a dead-weight tester or a calibrated pressure gage in the 
lead line to the bourdon tube. By proper manipulation 
of the valves, the vent valve may be used to make this 
connection. 

The circular charts used usually cover a time period 
of either 24 hours or 7 days. Many meters have clocks 
that may be easily adjusted for either time period. In 
most production operations 7-day periods are preferred, 
since this minimizes the cost of changing charts and the 
number of charts to be handled. 

The charts used to record the static and differential 
pressures may be either the standard type, which record . 
directly the values of h„ and p f , or the square root or 
T-10 type, which record the square root of the static 
pressure and differential pressure. Since the zero reading 
on the L-10 chart corresponds to zero pounds absolute, 
the pressure pen must be set at local atmospheric pres¬ 
sure. The position of the pen for zero gage pressure (at¬ 
mospheric pressure) depends on the atmospheric pres¬ 
sure and the range of the static spring in the recorder. It 
may be calculated from: 

Pzoro = 10 ipjRp) 0 ' 5 , (7-7) 

where 

Pzero = pen setting for zero line pressure, psi, 
p a = local atmospheric pressure, psia, and 
R p = pressure range of meter, psi. 

The actual scale of the L-10 charts is from zero to ten; 
therefore, the correct values of static and differential 
pressures depend on the ranges of the static and differ¬ 
ential springs in the meter. The actual flow rate is cal¬ 
culated from: 
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Orifice, eccentric for 
dirty gas, concentric 
for clean gas 


Standard weight steel pipe, 

Vz" i.P.S. with screwed fittings’ 



Instrument 
shut-off valves 


By-pass valves 
’ required only 
if recorder has 
no by-pass 


Settling chambers for 
dirty or tarry gas 


Blow down valves 

W W 


Fig. 7-4. Piping arrangements for orifice meters. Courtesy The American Society of Mechanical Engineers. From Fluid 
Meters, 6th ed. 


q sc = 0.01 VrUpC' h uPu , (7-8) 


q sc = C'Mh uPu , (7-9) 

where ' 

q sc = flow rate, scf/hr, 

R h = range of differential element, inches, 

R p ~ range of static element, psi, 

C' = orifice constant (Eq. 7-5), 
h u = chart differential reading, 
p u = chart s tatic re ading, and 
M = 0.01 \/R h R p , which is constant for a 
particular meter. 


Example 7-1: 

A meter run that is equipped with flange taps and a 
3.000 inch orifice has an inside diameter of 6.065 inches. 
The static pressure, obtained from the downstream tap, 
reads 80 psia and the average differential pressure is 
49.5 inches of water, if the pressure and temperature 
bases are 14.9 psia and 60°F respectively, calculate 
the flow rate in cubic feet per hour. The gas specific 
gravity is 0.60 and the flowing temperature is 65°F. 


Solution: 

1. Calculate C' = F b F pb F, b F g F„ F, F m F m Y. 

From the tables, for d = 3.000 and D = 6.065, F b = 
1891.9. 


Fpb 


14.73 

Pb 


14.73 

14.9 


0.989 


F ft = 1.000 

F g =(7 9 r 5 = (- Or 5 = 1-291 

F„ = (520/T,) 0 ' 5 = (520/525) 05 = 0.995 


From the tables, 


F r =1 + 


b 

VKP, 


b = 0.0332, 

.0332 

V(49.5)(80) 


1.001 


For 7 g = 0.6, T = 65°F, p = 80 psia, the value cal¬ 
culated for Z is 0.990. 


F pv = (ZT 0 - 5 = (.990)-° 5 = 1.005 
F m = 1.000 


To determine Y: 


P 


d 3.000 
D ~ 6.065 


0.495 
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M= 0.01 VfUTp = 0.01 VI 00(250) = 1.581 

From Example 7-1, C' = 2426.9 

£ 7 ^= 2426.9(1.581 )(7.00)(5.7) = 153,000 scf/hr. 
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From the tables, Y = 1.0037 (requires interpolation). 
C' = 1891.9(0.989)(1 )(1.291 )(0.995)(1.001) 

(1.005)(1.0037) 

C' = 2426.9 
2. Calculate q sc : 

q x = C' VF5p, = 2426.9 V(49.5)(80) 
qsc = 152,721 cu. ft/hour = 3.665 MMscfd 


Example 7-2: 

A metering system is required to measure approxi¬ 
mately 8.5 MMscfd of 0.62 gravity gas at a line pres¬ 
sure of 250 psig. The meter run is to be made of 8 in. 
pipe (7.981 in. ID). Determine the size of the orifice 
plate to give a differential of about 50 inches. Flowing 
temperature averages about 80°F. 


Solution: 

_ , „ 8.5 x 10 6 

For h w = 50, C‘ =- - = 3079 

24V50(264.7) 

For an approximation, all of the terms in Equation 7-5 
except F g and F„ can be ignored in this case. There¬ 
fore, 


F b = 


C' 

F g F„ 


3079 

(1.27)(.981) 


= 2471. 


From the F b tables for flange taps, for D = 7.981 one 
obtains: 


d 

F b 

3.375 

2352.0 

3.500 

2537.7 


Therefore, a 3.500 inch orifice plate would be selected 
to obtain an h w reading of approximately 50 inches at 
the design flow rate. 


Example 7-3: 

The metering system described in Example 7-1 is 
equipped with an L-10 recorder that has a differential 
element range of 100 inches and a static element range 
of 250 psi. Calculate the flow rate if the following read¬ 
ings are obtained: 

h u = 7.00, p u = 5.7 


Solution: 


q sc = C' M h u p u 


Chart-Reading Accuracy - 

In most cases when charts are obtained from the field 
the values of h K and p f , or h u and p u will not be constant 
for the entire period covered by the chart. It then be¬ 
comes necessary to either divide the chart into small 
enough increments such that the readings can be consid¬ 
ered constant or to use integrating devices to obtain the 
cumulative flow in standard cubic feet for the total chart 
period. 

Various devices are used to mechanically compute the 
total flow from the chart records, reducing the work re¬ 
quired to obtain such a figure from a visual inspection 
of the chart. Some of these devices are quite complex 
and expensive but are inherently more accurate. 

The simplest device is the linear, or averaging type, 
planimeter. This instrument merely obtains the area un¬ 
der the curve corresponding to one of the chart records. 
Consequently, this record could only be used to obtain 
an average value for the chart record integrated. Since 
flow varies as the square root of that record in absolute 
units, the preferable value would be the average square 
root—instead of being the square root of a direct aver¬ 
age. The average square root and the square root of the 
average value are quite close if the record is fairly con¬ 
stant. 

A somewhat more complex instrument is available in 
the form of a planimeter fitted with a calibrated actuating 
cam that extracts the square root of the chart reading. 
This square root planimeter is intended for use with L- 
10 charts. Traversing the circle corresponding to line 7 
will result in a reading of 7.00 for a complete chart rev¬ 
olution; a reading of 3.00 will be obtained from tracing 
a circle corresponding to line 3, etc. This instrument gives 
a fundamentally more correct analysis of the chart rec¬ 
ords—being correct, within the limits of measurement, 
as long as one of the chart records is constant to within 
10%. This is the limitation normally put on this instru¬ 
ment. For gas or steam being measured at constant pres¬ 
sures, or in the measurement of liquids, the results ob¬ 
tained with a square root planimeter are theoretically 
correct. 

To obtain a theoretically correct integration, when both 
chart records vary considerably, the integration must be 
performed on both records simultaneously. An integrator 
of this type is inherently more complex and expensive, 
but its use is justified when the number of charts to be 
processed is quite large. Such an integrator fulfills the 
theoretical requirement that the integration be a sum- 
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mation of the square roots of the products of the pen 
readings, which necessitates the simultaneous integra¬ 
tion of the chart records. The integration involves the 
absolute static pressure, and since most chart records give 
this variable as a gage pressure, it is necessary to make 
an adjustment on the arm of the pen that traces the static 
pressure record to account for the average barometric 
pressure. 

Conditions Affecting Accuracy 

Various conditions can exist in the field that adversely 
affect the measuring accuracy of an orifice metering sys¬ 
tem. It is common practice to install a metering system 
and then to accept the results as long as no obvious mal¬ 
functions occur. 

Condition of the Orifice Edge. The greatest source of 
error in the primary measuring elements is probably the 
possible deviation from the specification that the up-stream 
edge of the orifice plate be square and sharp. A slight 
rounding of the edge can produce a considerable increase 
in the discharge coefficient, which results in low mea¬ 
surement. This is especially true with the smaller orifices 
in the smaller line sizes since the effect of the edge im¬ 
perfection is relative. A wire-edge burr, or fin, on the 
orifice edge is also undesirable since it can alter the flow 
pattern of the stream from that corresponding to proper 
measurement. 

Condition of the Meter Tube. Some error can be in¬ 
troduced as a result of a variation of the finish of the 
inside of the meter tube. The accepted orifice discharge 
coefficients were obtained from tests with meter tubes 
constructed of commercial iron pipe with the corre¬ 
sponding inside surface roughness. Too smooth an in¬ 
side surface can introduce a slight error in the measure¬ 
ment, just as an error can be produced by too rough a 
surface, since either condition constitutes a deviation from 
the conditions under which the accepted discharge coef¬ 
ficients were determined. Measurement would be high 
with too smooth an inside pipe surface and low with too 
rough an inside surface. 

Pulsation. The effects of pressure and velocity pul¬ 
sations in the vicinity of the orifice constitute a very in¬ 
definite phase in the measurement of gas with an orifice 
meter. This pulsation can be of a low frequency form 
such as might result from reciprocating compressors, un¬ 
damped pressure regulators, chattering valves, or liquid 
surging back and forth at low points in the line. It might 
also be a high frequency pulsation caused by resonance 
of the pipe lines themselves. The pulsations of lower fre¬ 
quency probably have a greater effect on the measure¬ 


ment; however, no conclusive information is at present 
available by which the pulsation errors can be com¬ 
pletely correlated with pulsation frequency or with the 
wave form and amplitude of those pulsations. This prob¬ 
lem has been recognized; considerable research is under 
way to determine means of either eliminating the effect 
of pulsations or to determine the degree of error that the 
pulsation might produce. 

In some instances, the effect of pulsation has been 
largely reduced by installing restrictions in the line that 
produce pressure drops up to 10% of the line pressure. 
In many cases, resistances that create much smaller pres¬ 
sure drops have been found satisfactory. In other in¬ 
stances, the effect has been minimized by installing vol¬ 
ume tanks, baffles, or dampeners in the line. When any 
of these devices are used they should be installed be¬ 
tween the meter tube and the source of the pulsation. 

Other problems can be created by operations that might 
be employed to obtain a smoother chart record, such as 
pinching gage lines or over-damping a meter. None of 
these operations eliminates the basic error corresponding 
to the pulsation in the line. Pinching gage line valves 
might even increase the error in the measurement. Fur¬ 
thermore, the pulsation might be of sufficiently high fre¬ 
quency so that, even with an undamped meter, the in¬ 
strument pens would not follow the fluctuations. Under 
these conditions a considerable error might exist without 
any visible indication on the instrument. Probably the 
best policy would be to install the meter at a point as 
remote as possible from the source of any pulsation. 

In summary, to obtain reliable measurements, it is 
necessary to suppress the pulsations. The following items, 
in general, are valuable in diminishing pulsation and/or 
its effect on orifice flow measurement. 

1. Locating the meter tube more favorably with regard 
to the source of pulsation such as at the inlet side of 
regulators, or increasing the distance from the source 
of pulsation. 

2. Inserting capacity (volume) or specially designed fil¬ 
ters in the line between the source of pulsation and 
the meter tube in order to reduce the amplitude of the 
pulsation. 

3. Operating at differentials as high as is practical by 
installing a smaller orifice or by concentrating flow, 
in a multiple tube installation, through a limited num¬ 
ber of the tubes. 

4. Using smaller-sized tubes and keeping essentially the 
same size of orifice, while still maintaining the high¬ 
est practical limit on the differential. 

Effect of Water Vapor. In the measurement of gas 
containing moisture in a vapor state, the effect of the 
moisture depends largely on the specific gravity of the 
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gas. Natural gas is quite dry, and its specific gravity is 
usually quite close to that of the water vapor, about 0.62. 
For this reason the only appreciable correction would be 
a direct volume correction based upon the partial pres¬ 
sure of the water vapor at flowing conditions. 

In the measurement of certain gases of known com¬ 
position, the specific gravity is often calculated from the 
molecular weight or is determined from a moisture-free 
sample. Under these conditions, especially with very light 
or very heavy gases, a correction must be made for the 
erroneous specific gravity obtained by having neglected 
the moisture content of the gas. 

Wet Gas Measurement. The effect of liquid in the gas 
stream on measurement is a problem that has never been 
completely solved. Various arrangements of meter tubes, 
gage line piping, and drip pots have been used in an 
effort to minimize the errors resulting from liquid ac¬ 
cumulating ahead of the orifice plate, at low points in 
the gage lines, or in the chambers of the meter manom¬ 
eter. An accumulation of liquid ahead of the orifice plate 
disturbs the normal flow pattern and alters the discharge 
coefficient for the orifice. Liquid trapped in the gage lines 
distorts the differential pressure and causes the manom¬ 
eter to give an incorrect indication. Liquid in the cham¬ 
bers of a mercury manometer can cause an unbalance 
that will alter the zero setting of the instrument by in¬ 
troducing a “wet-leg,” or condition of unbalance, in the 
manometer. Bellows-type manometers, with gage lines 
attached to the bottom of the manometer chambers, are 
self-draining and, therefore, eliminate that portion of the 
error corresponding to the liquid that might find its way 
into the manometer. With bellows-type meters no error 
results from liquid being in the manometer chambers, 
because of a “wet-leg” effect. There would be an error, 
however, if a difference in liquid levels existed in the 
manometer chambers, or in the gage lines, under con¬ 
ditions of partial flooding. With either type manometer 
it is recommended that the manometer be installed above 
the line, that 1/2 in. (or larger) gage lines be used, and 
that the gage lines be well graded to permit drainage of 
liquid back into the meter tube. 

The effect of the mechanically entrained liquid that 
flows through the orifice in the form of a mist is a sub¬ 
ject of considerable conjecture. It is difficult to deter¬ 
mine anything other than an average value for the amount 
of liquid entrainment such as might exist over a period 
of days or weeks. Such an average indication and the 
corresponding density increase might be obtained from 
ratios of barrels of liquid per million cubic feet of gas, 
etc. There is some question, however, as to whether the 
flow actually varies in strict accordance with the change 
in average density. 

The common practice has been to determine an av¬ 


erage density for the mixture and presume that the flow 
rate corresponds to a fluid of that density. 

OTHER METERING METHODS 

For well-test purposes other forms of velocity meters 
are used: orifice well testers, critical-flow provers, and 
pitot tubes. These methods are not as accurate as the 
meters discussed above but are convenient and often yield 
results accurate enough for the purpose. 

Orifice Well Tester 

The orifice well tester consists of a 2-in. nipple with 
provision for attaching different shaip-edged orifice plates 
on the end. The static pressure just upstream from this 
plate may then be measured. The accuracy of this device 
is limited but it is suitable for measuring the amount of 
gas being produced where the pressures are relatively 
low and the production is to the atmosphere. 

Tables for converting the meter reading to flow rates 
are provided with the meter and may differ among man¬ 
ufacturers. 

Critical-flow Prover 

The critical-flow prover is a device that also exhausts 
the gas to the atmosphere. It is also a special pipe nipple 
with a flange for holding special plates to the end. It is 
based on the principle that the velocity of sound repre¬ 
sents the maximum speed at which a pressure effect may 
be propagated through a gas; i.e., once this velocity is 
reached further increase in the pressure differential will 
not increase the pressure at the throat. This means that 
the mass rate of flow would not increase as the pressure 
ratio p 2 /p i was decreased below this critical value. With 
ideal gases the critical ratio is 0.49 for monatomic gases 
and 0.53 for diatomic gases, with slightly higher values 
for complex gases. Saturated steam, for example, shows 
a critical pressure ratio of 0.55. The range of these val¬ 
ues is the source of the common rule of thumb that once 
the pressure reduction is twofold critical-flow phenom¬ 
ena limit the mass rate of flow. 

When metering gas under such conditions the volume 
rate of flow will be a function of upstream pressure, gas 
gravity, and gas temperature since it is a compressible 
fluid. 

The orifice used differs from that in the orifice meter. 
It is thicker and has a rounded edge. This edge is placed 
toward the flow, since experience has shown that a sharp- 
edged orifice does not give reproducible results under 
critical-flow conditions. In fact sharp-edged orifices do 
not conform to existing theories and correlations. The 
general equation for a critical-flow prover is 
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Cp 


where 

p = pressure on prover, psia, 

C — orifice coefficient for prover, 
q sc = rate of flow, (Mcf /D), measured at 14.4 
psia and 60°F, 

y g = specific gravity of gas (air = 1.00), and 
T - absolute temperature, °R. 

The critical-flow prover is one of the basic devices 
used for determining the gas flow rate in the open-flow 
testing of gas wells. Values of the coefficient C may be 
found in Table 7-1. 


Pitot Tube 

The pitot tube is another measuring device used ex¬ 
tensively during preliminary well tests. It works by mea¬ 
suring the difference between the impact pressure at the 
tip and the static pressure in the flowing stream. This 
impact pressure results from conversion of the kinetic 
energy of the flowing gas to pressure. If the conversion 
efficiency is relatively constant a conversion between 
pressure and flow rate is possible. The pitot tube is nor¬ 
mally made of 1/8-in. ID pipe and is inserted in the 
center of a nipple at least 8 diameters long. 


TABLE 7-1 

Orifice Coefficients for Critical-Flow Provers 


Orifice Coefficient 


in. 

2-in. Prover 

4-in. Prover 

1/16 

1.524 


3/32 

3.355 


1/8 

6.301 


5/16 

14.47 


7/32 

19.97 


1/4 

25.86 

24.92 

5/16 

39.77 


3/8 

56.68 

56.01 

7/16 

81.09 


1/2 

101.8 

100.2 

5/8 

154.0 

156.1 

3/4 

224.9 

223.7 

7/8 

309.3 

304.2 

1 

406.7 

396.3 

1 1/8 

520.8 

499.2 

1 1/4 

657.5 

616.4 

1 3/8 

807.8 

742.1 

1 1/2 

1,002 

884.3 

1 3/4 


1,208 

2 


1,596 

2 1/2 


2,566 

3 


3,904 


A pitot tube is used largely for temporary flow mea¬ 
surement since it is small and easy to handle. Very few 
permanent installations are made, since it produces low- 
pressure differentials, is difficult to calibrate, and often 
clogs. 

A pitot tube measures a point velocity, i.e., the ve¬ 
locity at only one point across the cross-section of the 
pipe. In the absence of unknown disturbing elements such 
as pipe burrs or undue roughness, the velocity at the cen¬ 
ter is theoretically 20% greater than the mean velocity. 
For approximate measurement, standard tables use this 
factor to convert readings taken at the center of the pipe 
to a volume flow rate. For exact work the mean velocity 
would be found by taking a series of experimental ve¬ 
locity measurements across the pipe diameter. 

A similar method is used for large gas-flow rates and/ 
or where debris produced with the gas makes other 
methods unfeasible. This method consists simply of 
measuring the static pressure through a side opening 4 
diameters from the end of a nipple at least 8 diameters 
long. This is the least desirable of the methods discussed 
because of the potential error involved. Further data on 
the use of these devices for the measurement of gas flow 
may be found in U.S. Bureau of Mines Monograph 7. 

Turbine Meters 

A turbine meter is a velocity responsive meter that is 
connected in the pipeline such that the entire gas stream 
passes through the meter. A propeller in the meter turns 
at a velocity which is proportional to the velocity of the 
fluid flowing through it. The secondary element may be 
a revolution counter or other means of sensing and to¬ 
talizing the revolutions of the propeller or rotor. Turbine 
meters have been more widely used for measuring liquid 
flow than gas flow because the driving torque for the 
rotor depends on the density and the square of the fluid 
velocity. Therefore it is necessary to have the resisting 
torque very low for gas measuring; yet it is necessary 
that this torque be constant throughout the operating range 
of the meter. 

The range of flow rates that can be handled with a 
turbine meter depends on the size of the meter, the den¬ 
sity of the fluid and the viscosity of the fluid. The nor¬ 
mal range is about 10 to 1 with an accuracy band of plus 
or minus 0.5%. Turbine meters used for gas measure¬ 
ment are usually calibrated with a critical flow prover or 
with an orifice meter of known accuracy. Velocity fluc¬ 
tuations occurring in a turbine meter, caused by turbu¬ 
lence or pressure fluctuations, will cause a turbine meter 
to register too high. 

Although the orifice meter is certainly the most com¬ 
monly used device for measuring large quantities of gas, 
various other types of meters have been proposed or are 
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uf 




1 15.250 

528.94 

613.78 

704.99 

802.55 

906.49 

1016.8 

1133.5 

1256.6 

1386.1 

1522.1 

1664.5 

1813.3 

1968.6 

2130.4 

2298.7 

2473.5 

2654.8 

2842.7 

3037.2 

3238.3 

3660.5 

4109.7 
4586.0 

5090.1 

5622.2 

6183.1 

6773.3 

7393.6 

8044.8 

8727.9 
9444.0 

10194 

10980 

11803 

12664 

13566 

14510 

15500 

16538 

17627 

18769 
r 19969 
21229 
22554 
23947 
25414 
26960 
28598 
30346 


to 

| 15.000 

450.40 

528.99 

613.85 

705.07 

802.65 

906.61 

1017.0 

1133.7 

1256.8 

1386.4 

1522.4 

1664.8 

1813.7 

1969.0 

213Q.9 

2299.2 

2474.1 

2655.5 

2843.5 

3038.1 

3239.4 

3661.9 

4111.5 

4588.4 

5093.1 

5626.1 

6188.-1 

6779.6 

7401.5 

8054.8 

8740.3 

9459.4 
10213 
11003 
11831 
12698 
13607 
14560 
15560 
16609 
17711 
18868 
20085 
21365 
22712 
24132 
25628 
27210 
28899 
30710 

ffl 

« 

J3 

V 


1 14.688 

450.53 

529.06 

613.94 

705.18 

802.78 

906.77 

1017.1 

1133.9 

1257.1 

1386.7 

1522.7 

1665.2 

1814.1 

1969.6 

2131.5 

2299.9 

2474.9 

2656.4 

2844.6 

3039.4 

3240.8 

3663.8 

4113.9 

4591.5 

5097.2 

5631.4 

6194.8 

6788.1 

7412.3 

8068.3 

8757.3 

9480.4 
10239 
11035 
11869 
12745 
13664 
14628 
15642 
16706 
17826 
19004 
20245 
21552 
22930 
24385 
25924 
27567 
29331 

Q 

J 


8 

O 

04 

. “^ T_ : I s ;cqcv ^ m — cm oo o to tomtotoevi toh-tom to to y ro rr> cf> mfs.r»,is. <o 

i £§? sSlil Isill IP1I Hill !-i!P ssSIl fsjpg 

— cm cm wojwnn to to co co cnor- wm ytoSeoo* * * ■ • - • - * 

o 

u 

3 

V 

I 

a 

~ca 

a 

3 

a 

04 

I 11.938 

312.85 

378.82 

451.14 

529.84 

614.91 

706.36 

804.23 

908.51 

1019.2 

1136.4 
1260.0 

1390.1 

1526.8 
1670.0 

1819.7 

1976.1 

2139.2 

2308.9 

2485.4 

2668.7 

2858.8 

3055.9 
3260.0 

3689.6 

4148.4 

4637.2 

5157.4 
5710.0 

6296.6 
6919.0 
7579.0 

8278.9 

9021.7 

9810.5 
10649 
11540 
12489 
13500 
14578 
15730 
16963 
18297 


| 11.376 

312.94 

378.94 
451.30 
530.04 
615.16 
706.68 
804.61 
908.98 

1019.8 

1137.1 

1260.8 

1391.1 
1528.0 

1671.4 

1821.4 

1978.1 

2141.5 

2311.7 

2488.7 

2672.6 
2863.5 

3061.4 

3266.4 

3698.4 

4160.4 

4653.4 
5179.0 

5738.5 

6333.8 

6966.9 
7640.4 
8357.3 
9121.0 

9935.2 
10804 
11732 
12725 
13787 
14927 
16158 
17505 


to 

to 

o 

253.47 

313.18 

379.26 

451.72 

530.57 

615.83 

707.51 

805.65 

910.24 

1021.3 
1139.0 

1263.1 

1393.9 

1531.3 

1675.4 
1826.3 
1984.0 

2148.6 

2320.2 

2498.9 

2684.7 

2877.9 

3078.5 

3286.8 

3726.7 

4199.2 

4706.2 

5249.6 

5831.8 

6456.3 

7126.5 

7846.6 
8621.1 

9455.3 
10355 
11327 
12381 
13541 


o 

o 

.... 

253.48 

313.20 

379.29 

451.76 
530.63 
615.90 
707.60 

805.76 
910.38 

1021.5 

1139.2 

1263.4 
139-12 

1531.7 

1675.9 

1826.9 

1984.7 

2149.5 

2321.2 

2500.1 

2686.2 

2879.7 

3080.7 

3289.3 
3730.2 

4204.1 

4712.8 

5258.4 

5843.6 

6471.9 

7146.9 

7872.9 
8654.8 

9498.1 

10409 

11394 

12467 

13656 



1 9.564 

200.2C 
253.56 
313.31 
379.44 
451.95 
530.87 
616.20 
707.98 
806.23 
910.97 

1022.2 

1140.1 

1264.5 

1395.6 

1533.4 

1678.0 

1829.4 

1987.8 

2153.2 

2325.7 

2505.6 

2692.8 

2887.6 

3090.1 

3300.6 

3746.1 

4226.0 

4742.7 

5298.6 

5897.4 

6543.1 

7240.0 

7993.3 

8808.9 

9693.3 
10654 
11711 

<u ? 

« a 
65 

5 

a 

1.000 

1.125 

1.250 

1.375 

1.500 

1.625 

1.750 

1.875 
2.000 

2.125 

2.250 

2.375 

2.500 

2.625 

2.750 

2.875 
3.000 

3.125 

3.250 

3.375 

3.500 

3.625 

3.750 

3.875 
4.000 

4.250 

4.500 

4.750 
5.000 

5.250 

5.500 

5.750 
6.000 

6.250 

6.500 

6.750 
7.000 

7.250 

7.500 

7.750 
8.000 

8.250 

8.500 

8.750 
9.000 

9.250 

9.500 

9.750 
10.000 

10.250 

10.500 

10.750 
11.000 

11.250 


1 Internal Diameter of Pipe, D, Inches 

y 

s 

y 

f> 

12.697 

28.364 

50.258 

78.523 

113.33 

154.71 

202.75 

257.63 

319.61 

309.03 

466.39 

552.31 

647.54 

753.17 

870.59 

1001.4 

1147.7 

1311.7 

1498.4 

04 

un 

fO 

12.703 

28.373 

50.283 

78.599 

113.50 

155.03 

203.33 

258.65 

321.37 

391.97 

471.14 

559.72 

658.96 

770.44 

896.06 

1038.1 

1199.9 

w 

to 

12.705 

28.376 

50.292 

78.625 

113.56 

155.14 

203.54 

259.04 

322.03 

393.09 

472.96 

562.58 

663.42 

777.18 

906.01 

1052.5 

1223.2 

04 

12.708 
28.382 
50.313 
78.687 
113.70 
155.41 
204.04 
259.95 
323.63 
v 395.80 

477.36 

569.65 
674.44 
793.88 

930.65 

1091.2 

8 

to 

04 

12.712 

28.393 

50.356 

78.817 

113.99 

156.00 

205.18 

pchto CO CM to CQ 
o cp — cn to cm co • • . . . 

; i : ; 

o cm o coSoq ; ; 

M<ny yrti-'.CO 

§ 

04 

12.714 

28.411 

50.435 

79.052 

114.52 

157.12 
207.44 
266.35 

335.12 
415.75 
510.86 
623.91 

04 

o* 

8 

04 

12.711 

28.427 

50.521 

79,311 

115.14 

158.47 

210.22 

271.70 

345.13 

433.50 

542.27 

<J> 

CO 

<T> 

12.708 

28.440 

50.587 

79.508 

115.62 

159.56 
212.47 
276.19 

353.58 

448.59 

a* 

CO 

to 

12.695 

28.474 

50.777 

80.090 

117.09 

162.95 

219.77 

385.78 

Orifice 

Diam,, 

d t 

Inches 

.250 

.375 

.500 

.625 

.750 

.875 

1.000 

1.125 

1.250 

1.375 

1.500 
1.625 
1.750 
1.875 
2.000 

2.125 

2.250 

2.375 

2.500 


j Internal Diameter of Pipe. D, Inches 

00 

} 8.071 

153.31 

200.38 

253.87 
313.74 
380.02 
452.72 

531.87 
617.50 
709.64 
808 34 

913.64 

1025.6 

1144.3 

1269.8 

1402.3 

1541.8 

1688.4 
1842.3 

2003.8 

2172.9 

2349.9 
2535.0 

2728.6 

2930.8 

3142.1 

3362.9 

3834.2 
4349.0 

4912.2 

5529.5 

6207.3 

6953.6 
7777.8 
8707.0 

CD 

cn 

fC 

153.31 

200.40 

253.89 

313.78 
380.06 

452.78 
531.95 
617.60 
709.77 
808.50 

<3<J>f'.c0Ol tOrOlACMtq ONOOrn lOfOtfli-f +oo - 
co y o cm cMcncDirjy ci — y to co cm q cd — to cm o * 

ssik? SEES?: : 

cm CM CM CM cm Cm ro roroyyin to to 

| 7.625 

153.34 

200.46 

253.99 

313.91 

380.25 

453.02 

532.27 

618.02 

710.32 

RD9.22 

914.78 

1027.1 

1146.2 

1272.3 

1405.4 

1545.7 

1693.4 

1848.6 

2011.6 
2182.6 

2361.8 

2549.7 

2746.5 

2952.6 

3168.3 

3394.3 

3879.4 

4412.8 

5000.7 
5650.0 

6369.3 

7170.9 

to 

to 

s 

to 

50.178 

78.287 

112.72 

153.56 
200.85 

254.56 

314.72 

381.37 

454.57 

534.38 
620.89 
714.18 

814.41 

921.71 

1036.3 

1158.3 
1288.2 
1426.0 

1572.3 

1727.5 
1891.9 
2066.1 

2250.8 

2446.8 

2654.9 
2876.0 

3111.2 

3361.5 

3628.2 

4216.6 

4900.9 

CD 

r-- 

tri 

50.182 

78.296 

112.75 

153.63 

200.96 

254.72 

314.95 

381.70 

455.03 

535.03 

621.79 

715.44 

816.13 

924.07 

1039.5 

1162.6 

1293.8 
1433.5 

1582.0 

1740.0 

1907.8 

2086.4 

2276.5 

2479.1 

2695.1 

2925.7 

3172.1 

3435.8 

3718.2 

4354.8 

cn 

CO 

to 

50.191 

78.321 

112.82 

153.78 

201.19 

255.08 

315.48 

382.47 

456.16 

536.64 

624.09 

718.69 

820.68 

930.35 

1048.1 

1174.2 

1309.3 
1453.9 

1608.7 
1774.5 

1952.4 

2143.4 

2348.8 

2569.8 
2808.1 
3065.3 

3345.5 
3657.7 

4.897 

50.197 

78.338 

112.87 

153.88 
201.34 
255.31 
315.83 

382.99 

456.93 

537.77 

625.73 

721.03 

823.99 

934.97 

1054.4 

1182.9 

1320.9 

1469.2 

1628.9 
1801.0 
1986.6 

2187.2 

2404.2 

2639.5 

2895.5 
3180.8 

- 

to 

CM 

o 

12.683 

28.348 

50.224 

78.421 

113.08 

154.27 

201.99 

256.33 

317.45 

385.51 

460.79 

543.61 

634.39 

733.68 

842.12 

960.48 

1089.9 

1231.7 

1387.2 

1558.2 

1746.7 
1955.5 
2195.0 

1 3.826 

12.688 

28.353 

50.234 

78.450 

113.15 

154.40 
202.20 
256.69 
318.03 
386.45 

462.27 

545.89 

637.83 

738.75 

849.41 

970.95 

1104.7 

1252.1 
1415.0 
1595.6 

1797.1 

Orifice 

Diam., 

d. 

Inches 

.250 
.375 
.500 
.625 
' .750 
.875 
1.000 
1.125 
1.250 
1.375 
1.500 
1.625 
1.750 
1.875 
2.000 

2.125 

2.250 

2.375 

2.500 

2.625 

2.750 

2.875 
3.000 

3.125 

3.250 

3.375 

3.500 

3.625 

3.750 

3.875 

4.000 

4.250 

4.500 

4.750 
5.000 

5.250 

5.500 

5.750 
6.000 



8707.0 
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0.0734 

0.0692 

0.0652 

0.0614 

0.0578 

0.0544 

0.0512 

0.0481 

0.0452 

0.0425 

0.0400 

0.0375 

0.0353 

0.0333 

,0.0314 

0.0297 

0.0280 

0.0266 

0.0253 

0.0242 

0.0231 
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0.0215 

0.0208 
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0.0199 

0.0196 

0.0195 

0.0195 

0.0196 

0.0197 

0.0199 
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0.0207 

0.0213 

0.0219 
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0.0260 

0.0270 
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in the development stage presently. Other than those al¬ 
ready discussed are the magnetic flowmeters, thermal 
meters, anemometers, current meters, vortex shedding 
meters, and sonic flowmeters. A thorough discussion of 
all types of fluid meters may be found in Reference 2. 

A limited selection of tables for determining the con¬ 
stants for use in orifice metering are included in this 
chapter. A more complete set of tables and charts may 
be found in References 1 and 3. A programmable cal¬ 
culator program for use in a Hewlett-Packard model 41- 
C calculator may be found in Reference 4. A similar 
program for the Texas Instruments model 59 was pub¬ 
lished in Reference 5. 
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T HE importance of gas-condensate reservoirs has 
increased considerably in the last few years be¬ 
cause of the increased demand for all types of 
hydrocarbon energy sources and because, as 
deeper drilling occurs, more and more condensate res¬ 
ervoirs are being discovered. 

Gas-condensate reservoirs may occur at pressures be¬ 
low 2000 psi and temperatures below 100°F and prob¬ 
ably can occur at any higher fluid pressures and tem¬ 
peratures. Most known gas-condensate reservoirs are in 
the range of 3000 to 6000 psi and 200 to 400°F. These 
pressure and temperature ranges, together with wide 
composition ranges, provide a great variety of conditions 
for the physical behavior of gas-condensate deposits. This 
emphasizes the need for engineering studies of each gas- 
condensate reservoir in order to arrive at the best mode 
of development and operation. 

Condensate reservoirs include both wet gas and retro¬ 
grade condensate types, as described in Chapter 2. The 
phase diagrams for the two types are shown in Figures 
2-28 and 2-29. In both types the fluid exists as a single 
phase gas at initial reservoir conditions, the distinction 
being that liquid is formed in the reservoir only for the 
retrograde type. 

A rough classification can be made based on the per¬ 
formance of the reservoir at initial conditions. If initial 
producing gas-oil ratio (GOR) exceeds about 15,000 scf/ 
STB, and pressure and temperature do not exceed 8000 
psia and 225°F, respectively, it is likely that no liquid 
will form in the reservoir. 

Where producing gas-oil ratios exceed 6000 but not 
15,000 scf/STB, the reservoir may experience retro¬ 
grade behavior. Under these conditions it is important 
that a representative reservoir fluid sample be obtained 


and a pressure-volume-temperature (pVT) analysis be 
made. This will permit planning for the most efficient 
and profitable development of the reservoir. Where the 
initial gas-oil ratio is between 3000 and 6000 scf/STB, 
the reservoir may contain either a volatile oil or a retro¬ 
grade gas condensate. A representative fluid sample can 
be obtained and pVT studies made to make the distinc¬ 
tion between the two types. The distinction is important, 
since optimum exploitation for the two different types of 
reservoirs may be substantially different. Where spacing 
regulations exist, spacing would normally be wider for 
a “gas” reservoir as opposed to an “oil” reservoir. These 
regulations recognize the increased mobility of gas, as 
contrasted with oil and the different migration capabil¬ 
ities of each during producing operations. 

Below an initial producing gas-oil ratio of 3000 scf/ 
STB, the reservoir will contain oil, volatile or otherwise. 
It is theoretically possible to have a retrograde gas con¬ 
densate reservoir with an initial producing gas-oil ratio 
as low as 2000 scf/STB, but this would take a unique 
combination of very high discovery pressure (exceeding 
8000 psia), modest temperatures, and high concentra¬ 
tions of intermediates, C 2 through C 6 . 

Table 8-1 shows the mole compositions of a typical 
dry gas, single-phase wet gas, retrograde gas conden¬ 
sate, and a volatile oil reservoir. 

Figure 8-1 illustrates a pressure-temperature phase 
diagram for a reservoir fluid. The development of this 
diagram assumes that volume and the total composition 
of the fluid are constants. The figure is useful as a guide 
to relationships among the several reservoir fluid types 
but is not truly representative of all types since both sin¬ 
gle phase gas reservoirs and oil reservoirs are repre¬ 
sented, with only pressure and temperature allowed to 
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TABLE 8-1 

Mole Composition of Typical Hydrocarbon Reservoir Fluids 


Component 

Dry 

Gas 

Single 

Phase 

Wet Gas 

Retrograde 

Gas 

Condensate 

Volatile 

Oil 

c, 

96.0 

90.0 

75.0 

60.0 


2.0 

3.0 

7.0 

8.0 

£3 

1.0 

2.0 

4.5 

4.0 

c 4 

0.5 

2.0 

3.0 

4.0 

C 6 

0.5 

1.0 

2.0 

3.0 

c 6 

— 

0.5 

2.5 

4.0 

C 7 - 

— 

1.5 

6.0 

17.0 


100.0 

100.0 

100.0 

100.0 

Mol. Wt. C 7+ 

_ 

115' 

125 

180 

GOR, scf/STB 
Tank Gravity, 

High 

26,000 

7,000 

2,000 

°API 

— 

60 

55 

50 

Liquid Color 


Water White 
to Light 
Yellow 

Light 

Yellow to 
Yellow 

Amber to 
Darker 
Colors 


change. However, it is useful for descriptive purposes. 

Single-phase gas reservoirs are shown by point A to 
the right of the cricondentherm. Pressure depletion with 
production at constant reservoir temperature results in 
the gas remaining as gas. However, cooling and pressure 
drop in the wellbore and surface facilities allow the con¬ 
densing of hydrocarbons along line A to A 2 . 



Fig. 8-1. Pressure-temperature diagram of a reservoir fluid. 
B. C. Craft/M. F. Hawkins, Applied Petroleum Resen/oir 
Engineering, copyright 1959, pp. 64, 66, 74, 76, 78. Re¬ 
printed by permission of Prentice-Hall, Inc., Englewood Cliffs, 
N.J. 


Retrograde gas condensate reservoirs exist at pres¬ 
sures sufficient to be at or above the upper boundary of 
the two-phase envelope and at a temperature between the 
critical and cricondentherm values. Frequently, retro¬ 
grade gas condensate reservoirs are found to be on, or 
very close to, the dew-point line at the time of discov¬ 
ery. Apparently this is due to the presence of a large 
percentage of intermediates (C 2 to C 6 ). It is also quite 
common to find a small volatile oil rim in the reservoir. 
By definition, in this latter instance the gas cap would 
be exactly at the dew point. Should the observed dew 
point in the laboratory duplicate the discovery pressure 
within a few percent, an oil rim would probably be pres¬ 
ent. 

Figure 8-2 presents descriptive phase diagrams for a 
gas cap gas and oil zone fluid for the two cases of a 
retrograde gas cap, and a nonretrograde gas cap. Notice 
the superimposing of the diagrams at the time of dis¬ 
covery, since phase equilibrium exists. 

WELL TESTING AND SAMPLING 

Proper testing of gas-condensate wells is essential for 
ascertaining the state of the hydrocarbon system at res¬ 
ervoir conditions and for planning the best production 
and recovery program for the reservoir. Without proper 
well tests and samples, it would be impossible to deter¬ 
mine accurately the phase conditions of the reservoir 
contents at reservoir temperature and pressure and to es¬ 
timate accurately the amount of hydrocarbon materials 
in place. 

Tests are made on gas condensate wells for a number 
of specific purposes: to obtain representative samples for 
laboratory analysis, for identifying the composition and 
properties of the reservoir fluids; to make field deter¬ 
minations of gas and liquid properties; and to determine 



Fig. 8-2. Phase diagrams of a gas cap gas and oil zone 
liquid for (a) retrograde gas cap gas and (b) nonretrograde 
gas cap gas. B. C. Craft/M. F. Hawkins, Applied Petroleum 
Reservoir Engineering, copyright 1959, pp. 64, 66, 74, 76, 
78. Reprinted by permission of Prentice-Hall, Inc., Engle¬ 
wood Cliffs, N.J. 
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formation and well characteristics, including productiv¬ 
ity, producibility, and injectivity. The first consideration 
for selecting wells for gas-condensate fluid samples is 
that the well be far enough removed from the “black-oil 
ring” (if present) to minimize any chance that the liquid 
oil phase will enter the well during the test period. A 
second and highly important consideration is the selec¬ 
tion of wells with productivities as high as possible, so 
that minimum pressure drawdown will occur in actually 
acquiring the reservoir fluid samples. 

Well Conditioning and Sampling Procedures 

Proper well conditioning is essential to obtaining rep¬ 
resentative samples from the reservoir. The best pro¬ 
duction rates prior to and during the sampling procedure 
have to be considered individually for each reservoir and 
for each well. Usually the best procedure is to employ 
the lowest rate that results in smooth well operation and 
the most dependable measurements of surface products. 
Minimum drawdown of bottom-hole pressure during the 
conditioning period is desirable, and the produced gas- 
liquid ratio should remain constant (within about 2%) for 
several days; the less permeable reservoirs require longer 
periods. The further the well deviates from a constant 
producing gas-liquid ratio, the greater the likelihood that 
the samples will not be representative. 

Recombined separator samples from gas condensate 
wells are usually considered more representative of the 
original reservoir fluid than are bottom-hole samples. The 
tubing strings of gas-condensate wells almost invari¬ 
ably contain both liquid and gas, usually with a liquid 
layer adhering to the tubing walls making it very difficult 
to obtain a representative sample from such a stream by 
employing bottom-hole samplers. In addition, the rela¬ 
tively large quantities of material required for adequate 
laboratory studies favor surface sampling. 

The original reservoir fluid cannot be simulated in the 
laboratory unless accurate field measurements of all the 
separator streams are taken. If the produced gas-con¬ 
densate ratio from field measurements is in error by as 
little as 5%, the dew point pressure determined in the 
laboratory may be in error by as much as 100 psi. 

Separator pressures and temperatures should remain as 
constant as possible during the well conditioning period; 
this will help maintain constancy of the stream rates and 
the observed hydrocarbon gas-liquid ratio. 

Laboratory Testing 

With laboratory equipment, pressure-depletion tests can 
be made on a gas-condensate reservoir fluid in such a 
manner as to simulate pressure depletion of the actual 
reservoir, usually assuming that retrograde liquid ap¬ 


pearing during pressure reduction would remain immo¬ 
bile in the reservoir. This assumption applies in those 
cases for which volume of condensation is low enough 
that liquid saturation of the rock pores remains too low 
to provide significant permeability to the retrograde liq¬ 
uid. However, there are cases wherein reduction of pres¬ 
sure isothermally would condense relatively large vol¬ 
umes of liquid in the pores, raising the liquid saturation 
high enough for some liquid to migrate to producing wells. 
If preliminary tests indicate this possibility, it is then 
necessary to obtain relative-permeability curves for the 
particular rock-liquid system to adjust the predicted be¬ 
havior of the reservoir. 

The actual test procedure for simulating pressure de¬ 
pletion (with immobile reservoir liquid) in a laboratory 
visual cell is to place the properly recombined reservoir 
fluid sample of known total composition in the cell at 
original reservoir pressure and temperature. Maintaining 
the cell volume and temperature constant (to simulate a 
constant-volume reservoir), pressure is reduced stepwise 
at about 500 psi increments by removing gas. The vol¬ 
umes of gas and liquid (below the dew point) remaining 
in the cell are recorded. The gas removed at each step 
is measured and analyzed. The fractional analyses yield 
composition information for calculating the condensable 
liquids content of the gases produced at all stages of 
pressure depletion. Condensible liquids content can also 
be determined experimentally by subjecting the cell out¬ 
put gas stream to field separation conditions, but this 
usually is not considered necessary. The computation of 
natural gas content is useful in designing gasoline plants 
for recovery of liquid products. 

The stepwise pressure-depletion tests are usually car¬ 
ried to some level representing abandonment pressure of 
the reservoir, after which the quantity and composition 
of the fluids remaining in the cell are determined. This 
provides a means of checking the quantity of each com¬ 
ponent produced in the gases during pressure-depletion, 
since original system composition is known. An exam¬ 
ple ofia pressure-depletion test starting at the dew point 
pressure of 4265 psia is shown in Figure 8-3. The gas¬ 
oline content of the heavier components in the produced 
gas is illustrated in Figure 8-4. 

CALCULATION OF INITIAL IN-PLACE 
GAS AND CONDENSATE 

The initial amounts of both the gas and the condensate 
in a reservoir can be calculated on a unit volume basis 
by two methods. The more accurate method requires a 
compositional analysis of the reservoir fluid, but an es¬ 
timate can be made if limited data are available. A pro¬ 
cedure and example calculation for each case are pre¬ 
sented. The example was adapted from Reference 1. 
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Fig. 8-3. Change in composition of produced gas during 
laboratory pressure-depletion test of a gas condensate sys¬ 
tem at 250°F. Permission to publish by the Society of Pe¬ 
troleum Engineers of AIME. Copyright SPE-AIME? 


Compositional Analysis Not Available 

The initial in-place gas and oil (condensate) for gas- 
condensate reservoirs, both retrograde and nonretro¬ 
grade, may be calculated from generally available field 
data by recombining the produced gas and oil in the cor¬ 
rect ratio to find the average specific gravity (air = 1.00) 
of the total well fluid, which is presumably being pro¬ 
duced initially from a one-phase reservoir. The method 
may also be used to calculate the initial oil and gas in 
gas caps. 



Fig. 8-4. Effect of pressure on gasoline content of pro¬ 
duced gas during laboratory pressure-depletion test of a gas- 
condensate system at 250°F. Permission to publish by the 
Society of Petroleum Engineers of AIME. Copyright SPE- 
AIME 2 


Let R - initial surface gas-oil ratio of the 

production, scf of dry or residue gas per 
barrel of oil, 

= specific gravity of the tank oil (water = 
LOO), 

M„ = molecular weight of the tank oil, and 
y g - average specific gravity of the gas produced 
from the surface separator(s), air = 1.00. 

Standard conditions are 14.7 psia and 60°F, at which 
conditions the molar volume is 379.4 scf/mole (other 
base conditions yield different molar volumes). 

Then, on the basis of one barrel of tank oil and R 
standard cubic feet of separator or residue gas, the mass 
of total well fluid m w is 




28.97 R 
379.4 


+ 350 y 0 


= 0.07636 Ry g + 350 -y 0 . (8-i) 

The total moles of fluid in one barrel of oil and R 
cubic feet of gas is 


R 350y o 
379.4 M 0 


= 0.002636 R + 350 -y JM 0 . ( 8 - 2 ) 

Hence the molecular weight of the total well fluid M, 
is 

m K 0.07636 fly* + 350y o 

M — —- — ——---— 

n, 0.002636 + R + 350y o /M o 

and the specific gravity of the well fluid is M w / 28.97, 
or 

R lg + 4584-y„ (g 3) 

7m R + 132,800y o /M o " 

If the molecular weight of the tank oil is not known 
it may be estimated using the following formula devel¬ 
oped by Cragoe 3 : 

44.29y 0 6084 

M = -— = -. (8-4) 

° 1.03 -y 0 API-5.9 


Example 8-1: 

Calculate the initial oil and gas in place per acre-foot 
for a gas-condensate reservoir, given: 


Initial pressure . 

Reservoir temperature 

Average porosity . 

Average connate water 

Daily tank oil . 

Oil gravity, 60°F . 


2740 psia 
... 215°F 

.25% 

.30% 

. .242 bbl 
48.0° API 
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Daily separator gas .3100 MCF 

Separator gas gravity.0.650 

Daily tank gas .120 MCF 

Tank gas gravity .1.20 


Solution: 

Average gas gravity = 

(3100)(0.650) + (120)(1.20) 


3100 +120 
141.5 


= 0.670 


7o : 


/W n = 


48.0+ 131.5 
6084 


= 0.7883 


48.0 - 5.9 


= 144.5 


„ 3100 + 120 

R = -242- x 1000 = 13 - 300 scf/STB 

(13,300)(0.670) + (4584)(0.7883) 

=--—... . . 1 — n OQO 

13,300 + (132,800)(0.7883/144.5) 

From Figure 2-9, T c = 425°R and p c = 652 psia us¬ 
ing the condensate curves. Then T r - 1.59 and p r = 
4.20, from which the gas deviation factor is 0.82 at 2740 
psia and 215°F. Then the total initial gas in place per 
acre-foot of bulk reservoir rock is 


379.4 pV (379.4)(2740)(43,560)(0.25)(1 - 0,30) 
zRT (0.82)(10.73)(675) 

= 1334 MCF/acre-ft. 


Since the volume fraction equals the mole fraction in 
the gas state, the fraction of the total that is produced 
on the surface as gas is 

f n g ft/379.4 

9 n g + n B ~ R/ 379.4 + 350 y 0 /M 0 

= _ 13,300/379,4 _ 

13,300/379.4 + (350)(0.7883/144.5) 

= 0.9483. 


Then, 

Initial gas in place = 0.9483(1334) 

= 1265 MCF/acre-ft, and 

, , ... , 1265 x 10 3 

initial oil in place =-= 95.1 bbl/acre-ft. 

■f o onn ' 


Since the gas production is 94.83% of the total moles 
produced, the total daily gas-condensate production in 
standard cubic feet is 


AG P 


Daily gas 
0.9483 


3100 + 120 
0.9483 


= 3396 MCF/day. 


The total daily reservoir voidage by the gas law is 
( 675\ /14.7 \ 

AI/ = 3,396,000 - - (0.820) 

\520/ v2740/' ' 

= 19,400 cu ft/day. 

This includes the stock tank vapors rather than just the 
gas from the main, high-pressure separator; therefore, 
the gas gravity should be the average of all gases pro¬ 
duced. The gas deviation factor at initial reservoir tem¬ 
perature and pressure is estimated from the gas gravity 
of the recombined oil and gas. 


Compositional Analysis Available 

If a compositional analysis of the separator gas and 
liquid is available, a compositional analysis of the total 
well fluid, from which a more accurate Z-factor can be 
calculated, can be obtained by recombining the gas and 
liquid phases in the correct proportions. The following 
example, adapted from Craft and Hawkins', illustrates 
the procedure. 


Example 8-2: 

Use the following data and the compositions given in 
Columns 2 and 3 of Table 8-1 to calculate the initial 
gas and condensate in the reservoir. 


Reservoir pressure ..4350 psia 

Reservoir temperature .217°F 

Hydrocarbon porosity . 17 . 4 % 

Std. cond. 15.025 psia, 60°F 

Separator gas .842,600 scf/day 

Stock tank oil .31.1 STB /day 

Mol. wt. C 7+ in separator liquid .185.0 

Sp. gr. C 7+ in separator liquid . 0.8343 

Sp. gr. separator liquid at 880 psig 

and 60°F . 0.7675 

Separator liquid volume factor. 1.235 bbl at 880 

psia/STB, both at 60°F 

Compositions of high-pressure 

gas and liquid .Cols. (2) and (3), Table 8-2 

Molar volume at 15.025 psia 
and 60°F .371.2 cu ft/mole. 


Solution: 

1. Calculate the mole proportions in which to recom¬ 
bine the separator gas and liquid. Multiply the mole 
fraction of each component in the liquid, Column 3, 
by its molecular weight, Column 4, and enter the 
products in Column 5. The sum of Column 5 is the 
molecular weight of the separator liquid, 127.48. 
Since the specific gravity of the separator liquid is 
0.7675 at 880 psig and 60°F, then the moles per 
barrel is 
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(0.7675)(350) Ib/bbl , /uut . , 

--—-- 2.107 moles/bbl for the 

127.48 Ib/mole separator liquid. 


The separator liquid rate is 31.1 STB/day x 1.235 
sep. bbl/STB so that the separator gas-oil ratio is 


-'-= 21,940 scf sep. gas/bbl sep. liquid. 

(31.1 )(1.235) 

Since the 21,940 scf is 21,940/371.2, or 59.11 moles, 
the separator gas and liquid must be recombined in 
the ratio of 59.11 moles of gas to 2.107 moles of 
liquid. 

2. Recombine the 59.11 moles of gas and 2.107 moles 
of liquid. Multiply the mole fraction of each compo¬ 
nent in the gas, Column 2, by 59.11 moles, and en¬ 
ter in Column 8. Multiply the mole fraction of each 
component in the liquid, Column 3, by 2.107 moles, 
and enter in Column 9. Enter the sum of the moles 
of each component in the gas and liquid, Column 8 
plus Column 9, in Column 10. Divide each figure in 
Column 10 by the sum of Column 10, 61.217, and 
enter the quotients in Column 11, which is the mole 
composition of the total well fluid. Calculate the 
pseudocritical temperature, 379.23°R and pressure 
668.23 psia from the composition. From the pseudo- 
criticals find the pseudoreduced values, and then 
the deviation factor at 4350 psia and 217°F, which 
is 0.963. 

3. Find the gas and oil in place per acre-foot of net 
reservoir rock. From the gas law, the initial moles 
per acre-foot at 17.4% hydrocarbon porosity is 


p\/ (4350)(43,560)(0.174) 

(0.963)(10.73)(677) 


4713 moles/acre-ft. 


Initial gas in place = 


(0.966)(4713)(371.2) 

1000 


= 1690 MCF/acre-ft 


Initial oil in place = 


(1 - 0.966)(4713) 
(2.107)(1.235) 


= 61.6 STB/acre-ft 


The pseudocritical properties of the C 7+ fractions used 
in Table 8-2 were obtained as a function of molecular 
weight and specific gravity from Figure 8-5. 


RECOVERY ESTIMATES 

Once the initial hydrocarbons in place are determined 
it is then necessary to calculate the amounts of gas and 
condensate that can be recovered, assuming a certain 
abandonment pressure. As pressure drops below the dew 
point, liquids will condense in the reservoir and will, in 
most cases, be unrecoverable. This causes the gas pro¬ 
duced to contain fewer heavy components as the reser¬ 
voir is depleted. An estimate of recoveries by pressure 
depletion must be made before the feasibility of main¬ 
taining pressure by cycling can be established. 

Three different methods for predicting depletion per¬ 
formance for a volumetric reservoir are discussed. These 
are: (1) laboratory simulation, (2) flash calculations, and 
(3) empirical correlations. The most accurate is the lab¬ 
oratory simulation method, and this method should be 
used if possible. The added cost is certainly justified when 
the value of the reserves is considered. 


Laboratory Simulation 


Gas mole fraction 


59.11 

49.11 + 2.107 


0.966 


The laboratory simulation procedure assumes that the 
separation process occurring in the reservoir is a differ- 


TABLE 8-2 

Calculations for Example 8-2 on Gas Condensate Fluid 


( 1 ) 



(4) 

(5) 

( 6 ) 

(7) 

( 8 ) 

0 ) 

( 10 ) 

( 11 ) 

( 12 ) 

(13) 

(14) 

(15) 








Moles 

Moles 

Moles 












(3) x ( 6 ) 

of Each 

of Each 

of Each 







Mole 




bbl 

Component 

Component 

Component 

Mole Com¬ 


Partial 


Partial 


Composition of 



Liquid 

Each 

in 59.11 

in 2.107 

in 61.217 

position 


Critical 


Critical 


Separator Fluids 



bbl/mole 

Component 

Moles of 

Moles of 

Moles of Gas 

of Total 

Critical 

Pressure, 


Temp. °R 


( 2 ) 

(3) 

Mol 

(3) x (4) 

for Each 

per Mole of 

Gas 

Liquid 

and Liquid 

Well Fluid 

Pressure, 

psia 

Critical 

( 11 ) x 


Gas 

Liquid 

wt. 

Ib/mole 

Component 

sep. Liq. 

(2) x 59.11 

(3) x 2.107 

( 8 ) + (9) 

(10) + 61.217 

psia 

(11) x (12) Temp. “R 

(14) 

co 2 

0.0120 

0.0000 





0.709 

0.0000 

0.7090 

0.0116 

1070 

12.41 

548 

6.36 

c, 

0.9404 

0.2024 

16.04 

3.247 

0.1317 

0.02666 

55.587 

0.4265 

56.0135 

0.9150 

673 

615.80 

343 

313.85 

c 2 

0.0305 

0.0484 

30.07 

1.455 

0.1771 

0.00857 

1.803 

0.1020 

1.9050 

0.0311 

708 

22.02 

550 

17.11 

C 3 

0.0095 

0.0312 

44.09 

1.376 

0.2480 

0.00774 

0.562 

0.0657 

0.6277 

0.0102 

617 

6.29 

666 

6.79 

/-C 4 

0.0024 

0.0113 

58.12 

0.657 

0.2948 

0.00333 

0.142 

0.0238 

0.1658 

0.0027 

529 

1.43 

735 

1.98 

n~ O 4 

0.0023 

0.0196 

58.12 

1.139 

0.2840 

0.00557 

0.136 

0.0413 

0.1773 

0.0029 

550 

1.60 

766 

2.22 

i- C 5 

0.0006 

0.0159 

72.15 

1.147 

0.3298 

0.00524 

0.035 

0.0335 

0.0685 

0.0011 

484 

0.53 

830 

0.91 

n-C 5 

0.0003 

0.0170 

72.15 

1.227 

0.3264 

0.00555 

0.018 

0.0358 

0.0538 

0.0009 

490 

0.44 

846 

0.76 

c 6 

0.0013 

0.0384 

86.17 

3.309 

0.3706 

0.01423 

0.077 

0.0809 

0.1579 

0.0026 

440 

1.14 

914 

2.38 

c 7 + 

0.0007 

0.6158 

185.0 

113.923 

0.6336* 

0.39017 

0.041 

1.2975 

1.3385 

0.0219 

300 

6.57 

1227 

26.87 


1.0000 

1.0000 


127.480 


0.46706 

59.110 

2.1070 

61.2170 

1.0000 


668.23 


379.23 


*185 Ib/mole * (0.8343 x 350 Ib/bbl) = 0.6336 bbl/mole. 
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Fig. 8-5. Correlation charts for estimation of the pseudo- 
critical temperature and pressure of heptanes plus fractions 
from molecular weight and specific gravity. Courtesy Gas 
Processors Suppliers Association. 

J 

ential process; that is, no liquid phase is produced from 
the reservoir. 

The process consists of starting with a reservoir fluid 
sample at or above its dew point pressure and at reser¬ 
voir temperature. Gas is removed to decrease the pres¬ 
sure in reasonable increments, down to the assumed 
abandonment pressure. Each increment of gas removed 
is analyzed to determine its composition, and the volume 
removed is measured. The changing composition with 
pressure decrease is illustrated in Figure 8-6. 

The liquid recovery from the gas increments produced 
from the cell may be measured by passing the gas through 
small-scale separators, or it may be calculated from the 
composition for usual field separation methods or for 
gasoline plant methods. Liquid recovery of the pentanes 
plus will be somewhat greater in gasoline plants than by 
field separation, but much greater for the propanes and 
butanes, commonly called liquefied petroleum gas, LPG. 

The following example, taken from Craft and Hawkins 1 , 
illustrates the calculation procedure. It was assumed that 
the recoveries of liquid from the produced gas would be 
25% of the butanes, 50% of the pentane, 75% of the 
hexane, and 100% of the heptanes and heavier compo¬ 
nents. 


Example 8-3: 

Calculate the performance of the retrograde conden¬ 
sate reservoir based on the results of a differential lab¬ 


oratory separation given in Table 8-3 and the following 
data: 

Initial pressure (dew point) 

Abandonment pressure 
Reservoir temperature 
Connate water 
Porosity 

Standard conditions 
Initial cell volume 
Mol. Wt. of C 7+ in Initial Fluid 
(Assumed constant) 

Sp. Gr. of C 7+ in Initial Fluid 
(Assumed constant) 


Solution: 

The solution is summarized in Table 8-4 and Figure 8- 
7. Details of some of the calculations are given below. 
(1) Calculate the increments of gross production in Mscf 
per acre-foot of net bulk reservoir rock, and enter 
in Column 2 of Table 8-4. 

Vhc = 43,560 A/?6(1 - S w ) 

= 43,560(1 )(1)(0.25)(1 - 0.30) 

V HC = 7623 ft 3 /acre-ft 

For example, in the pressure increment between 2960 
and 2500 psia, 

175.3 cu cm 

Ay = (7623) — - . — = 1410 cu ft/acre-ft at 

947.5 cu cm 



Fig. 8-6. Variations in the composition of the produced gas 
phase material of a retrograde gas-condensate fluid with 
pressure decline. B. C. Craft/M. F. Hawkins, Applied Pe¬ 
troleum Reservoir Engineering, copyright 1959, pp. 64, 66, 
74, 76, 78. Reprinted by permission of Prentice-Hall, Inc., 
Englewood Cliffs, N.J. 


2960 psia 
500 psia 
195°F 
30% 
25% 

14.7 psia & 60°F 
947.5 cc 

114 Ib/lb-mole 

0.775 at 60°F 
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2500 psia and 195°F 
_ 379.4 p V 
AGp_ 1000 zRT 

= (379.4)(2500)(1410)_ = ^ ^ 

(1000)(0.794)(10.73)(655) 

Column 3 is the summation of gross gas produc¬ 
tion in Column 2. 

(2) Calculate the Mscf of residue gas and the barrels 
of liquid obtained from each increment of gross gas 
production and enter in Columns 4 and 6. Then, 
the mole fraction recovery as liquid is 

A n L = (0.25)(0.028) + (0.50)(0.019) + (0.75)(0.016) 
+ (0.034)(1) 

= 0.0625 mole fraction. 


Gas Production Operations [ 

Since mole fraction is the same as volume fraction 
in gas, the Mscf recovered as liquid from 240.1 Mscf 
is 

G l = (0.25)(0.028)(240.1) + (0.50)(0.019)(240.1) 

+ (0.75)(0.016)(240.1) + (0.034)(240.1) = 

1.681 + 2.281 + 2.881 + 8.163 = 15.006 
Mscf. 

This volume of gas can be converted to gallons of f 
liquid using Table 2-2 of the Gas Properties chap¬ 
ter for C 4 , C 5 , and C 6 . The average of the iso- and 
normal compounds is used for C 4 and C 5 . 

For C 7 -: 

(114 lb/lb-mole)(1000 scf/Mscf) 

(379.4 scf/lb-mole)(8.337 ib/gal)(0.755) r 

= 47.74 gal/Mscf. | 


TABLE 8-3 

Volume, Composition, and Gas Deviation Factors for a Retrograde Condensate Fluid 


(1) 

(2) 

(3) 

(4) 

(5) 

(6) 

(7) 

(8) 

(9) 

(10) 

(11) 

(12) 









Produced 

Retrograde 

Retrograde 










Gas, cu cm 

Liquid 

Volume, 

Gas Deviation 



ComDosition of Produced Gas Increments, 


at 195°F 

Volume, cu cm 

Per Cent of 

Factor at 




Mole Fraction 



and Cell 

Cell Volume, 

Hydrocarbon 

195°F and 

psia 

c, 

c 2 

0* 

c A 

c 5 

C 6 

C 7 - 

Pressure 

947.5 cu cm 

Volume 

Cell Pressure 

2960 

0.752 

0.077 

0.044 

0.031 

0.022 

0.022 

0.052 

0.0 

0.0 

0.0 

0.771 

2500 

0.783 

0.077 

0.043 

0.028 

0.019 

0.016 

0.034 

175.3 

62.5 

6.6 

0.794 

2000 

0.795 

0.078 

0.042 

0.027 

0.017 

0.014 

0.027 

227.0 

77.7 

8.2 

0.805 

1500 

0.798 

0.079 

0.042 

0.027 

0.016 

0.013 

0.025 

340.4 

75.0 

7.9 

0.835 

1000 

0.793 

0.080 

0.043 

0.028 

0.017 

0.013 

0.026 

544.7 

67.2 

7.1 

0.875 

500 

0.768 

0.082 

0.048 

0.033 

0.021 

0.015 

0.033 

1080.7 

56.9 

6.0 

0.945 


B. C. Craft/M. F. Hawkins, Applied Petroleum Reservoir Engineering, © 1959, pp. 64, 66, 74, 76, 78. Reprinted by permission of Prentice- 
Hall, Inc., Englewood Cliffs, N.J. 


TABLE 8-4 

Gas and Liquid Recoveries in Per Cent and Per Acre-Foot for Example 8-3 
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19.8 
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41.7 

19,010 

47.6 

49.3 

29.1 
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55.7 

18,350 

64.7 

67.1 

38.9 
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B. C. Craft/M. F. Hawkins, Applied Petroleum Reservoir Engineering, © 1959, pp 64, 66, 74, 76, 78. Reprinted by permission of Prentice- 
Hall, Inc., Englewood Cliffs, N.J. 
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Fig. 8-7. Gas-oil ratios, retrograde liquid volumes, and re¬ 
coveries for the depletion performance of a retrograde gas- 
condensate reservoir. B. C. Craft/M. F. Hawkins, Applied 
Petroleum Resen/oir Engineering, copyright 1959, pp. 64, 
66, 74, 76, 78. Reprinted by permission of Prentice-Hall, 
Inc., Englewood Cliffs, N.J. 


Then the total liquid recovered from the 240.1 Mscf de¬ 
termined in part (1) is 

(1.681)(32.04) + (2.281 )(36.32) + (2.881 )(41.03) + 
(8.163)(47.74) = 644.6 gal = 15.3 bbl. 

The residue gas recovered from the 240.1 Mscf deter¬ 
mined in part (1) is 


(3.808 (1580 

N = ----- = 143.2 bbl/acre-ft. 

42 

At 2500 psia, then 

(100)(240.1) 

Gross gas recovery =-= 15.2%. 

(100)(225.1) 

Residue gas recovery = — —— = 15.6%. 

(100)(15.3) 

Liquid recovery = — — — = 10.7%. 


Reference to Figure 8-7 will show that the producing 
gas-oil ratio increases and then declines below 1500 psia 
due to revaporization of liquids. However, as a practical 
matter, field experience suggests that essentially all liq¬ 
uids are held to rock surfaces by capillary forces and 
virtually none is revaporized. Thus, the field producing 
gas-oil ratio does not normally decline. 

Reference to Columns 10 and 11 of Table 8-4 will 
show that 83.3% of the residue gas is calculated as re¬ 
covered to an abandonment pressure of 500 psia. How¬ 
ever, only 50% of the liquids are recovered due to re¬ 
trograde condensation. Gas cycling projects are justified 
on the recovery of the liquids that would be otherwise 
lost if production operations only permitted pressure de¬ 
pletion of the reservoir involved. 


Flash Calculations 


(240.1 )(1 - 0.0625) = 225.1 Mscf. 


Column 5 is the summation of Column 4, and Column 
7 is the summation of Column 6. 

(3) Calculate the gas-oil ratio for each increment of gross 
production in units of residue gas per barrel of liq¬ 
uid. Enter in Column 8. For instance, 


(225.1 )(1000) 
15.3 


14,700 scf/bbl. 


(4) Calculate the cumulative percent recoveries of gross 
gas, residue gas, and liquid. Enter in Columns 9, 
10, 11. The initial gross gas-in-place is 

379.4 pV (379.4)(2960)(7623) 

1000 zRT~ (1000)(0.771 )(10.73)(655) 

= 1580 Mscf/acre-ft. 

The liquid mole fraction is 0.088, and the total liq¬ 
uid recovery is 3.808 gal/Mscf of gross gas, which 
are calculated from the initial composition in the 
same manner as shown in part (2). Then, 

G = (1 - 0.088)(1580) 

= 1441 Mscf residue gas/acre-ft 


In the absence of direct laboratory data on a specific 
gas-condensate system, estimates of pressure-depletion 
behavior can be obtained by using vapor-liquid equilib¬ 
rium ratios to compute the phase behavior when com¬ 
position of the total gas-condensate system is known. 
Correlations for estimating phase volumes must also be 
available. 

When multicomponent hydrocarbon gases and liquids 
exist together under pressure, part of the lighter hydro¬ 
carbons are dissolved in the liquid phase, and part of the 
heavier hydrocarbons are vaporized in the gas phase. A 
convenient concept for describing quantitatively the be¬ 
havior of specific components is the equilibrium ratio. 
The ratios vary considerably with the pressure, temper¬ 
ature, and composition of the system involved. 

The use of equilibrium ratios for flash calculations is 
illustrated in Chapter 2. Determining the proper conver¬ 
gence pressure for selecting a set of equilibrium ratios 
is a problem because of the changing composition of the 
fluids as pressure decreases. This problem is discussed 
extensively by Standing. 4 A step-by-step procedure for 
calculating performance using equilibrium ratios fol¬ 
lows. 
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1. Assume flashing the original (known) composition 
from original pressure (and volume) to a lower pres¬ 
sure, at which the compositions and amounts (in moles) 
of the liquid and gas phases are computed, using the 
best k values available. 

2. Estimate the volume of each phase using methods 
discussed below. 

3. Assume removal of enough vapor phase volume at 
constant pressure to cause the remaining gas plus all 
the liquid to conform to the reservoir’s original con¬ 
stant volume. 

4. Subtract from the original system composition the 
number of moles of each component in the vapor rep¬ 
resented by this gas removal. 

5. Using the new total composition from step 4, con¬ 
sider the system flashed to the next lower pressure in 
the stepwise process and repeat the above procedure. 
Removal of vapor phase alone is required by the as¬ 
sumption that fluid flowing into the wells will not be 
accompanied by any liquid phase at any step of the 
process. 

As indicated, the stepwise calculations require knowl¬ 
edge of the volume occupied by each phase at each step. 
Means of estimating these volumes are described in 
Chapter 2 and also by Standing. 4 In estimating phase 
volumes, smoothed values should be used from curves 
drawn through the points computed from properties of 
the phase at each known composition. 

The above calculations are intended to approximate 
the experimental procedure used in the pVT cell during 
a laboratory pressure-depletion study. The number of 
pressure steps to be used in making such calculations is 
arbitrary but probably should conform to about 500 psi 
intervals, with points usually closer together at the start 
and at the end of the calculations. After the pressure- 
depletion calculations have been made on a stepwise ba¬ 
sis to some assumed abandonment pressure, the resulting 
information can be used for plotting smoothed curves 
similar to those obtained from laboratory experiments. 
Calculated ultimate recoveries of gas and natural gas liq¬ 
uids can then be made by the methods discussed previ¬ 
ously. 

The prediction of condensate reservoir performance 
from equilibrium ratios alone is likely to be in consid¬ 
erable error. Nothing takes the place of carefully col¬ 
lected and analyzed reservoir fluid samples obtained early 
in field life (or early in reservoir life if multiple reser¬ 
voirs are involved). Standing 4 has discussed this prob¬ 
lem. Unfortunately, equilibrium ratios change with pres¬ 
sure, temperature, and composition. Condensation of 
liquids in the reservoir changes the composition of the 
flowing hydrocarbons; therefore, the equilibrium values 
change. 


Gas Production Operations 

Empirical Correlations for Estimating Performance 

Where laboratory studies of the reservoir fluid are not 
available, it is sometimes possible to use the published 
results of Jacoby, Koeller, and Berry. 5 This is often the 
case for small reservoirs. It also is a useful method where 
estimates of future condensate and gas production are 
needed in advance of a laboratory analysis, even if such 
work is ultimately planned. The authors studied several 
rich natural gas-condensate systems (gas-oil ratios of about 
3600 to 60,000 scf/STB), one natural volatile oil system 
(gas-oil ratio of 2363 scf/STB), and a series of related 
synthetic reservoir fluid mixtures (gas-oil ratios of 2000 
to 25,000 scf/STB). The correlations made were by 
regression analysis. It was found that total tank oil-in¬ 
place could be correlated with initial GOR and that the 
cumulative oil and separator gas-in-place recovered from 
the saturation pressure to an abandonment pressure of 
500 psi could be correlated with initial GOR, initial tank 
oil gravity, and reservoir temperature. It was noted that 
depletion from saturation pressure to 500 psi would re¬ 
cover an average of 92% of the total separator gas-in- 
place. 

The calculated ultimate oil recovery by depletion from 
the saturation pressure to 500 psi is correlated by the 
equation 

143.55 

N P = -0.061743 +-+ 0.00012184T 

R, 

+ 0.0010114 (“APT), (8-5) 

where 

N p = cumulative stock tank oil production from 
dew point pressure to 500 psia, bbl stock 
tank oil/bbl HCPS, 

R i = initial separator gas-oil ratio, scf/STB 
oil, 

T = reservoir temperature, °F, and 
°APl = initial stock tank oil gravity. 

In Equation 8-5, it is worth noting that pressure was 
found not to be an important correlating factor. This might 
not be the case for lean gases. Equation 8-5 fits the 
available data with a standard deviation of the percent¬ 
age errors of 11.3%. 

The separator gas-in-place at the saturation pressure 
was correlated by the equation 

G = -2229.4 + 148.43 (R,/100)° 2 

+ 124,130/J + 21.831 (°APl) + 0.26356 p dA , (8-6) 

where 

G = total initial primary separator gas-in-place, 

' scf, and 

p db = saturation pressure (dew point or bubble 
point), psia. 
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Equation 8-6 fits the available data points with a stan¬ 
dard deviation of the percentage errors of 3.8%. 

Effects of Water Drive 

Very few cases of gas-condensate reservoirs operated 
under natural water drive have been reported in the lit¬ 
erature. To be economically attractive a water drive would 
have to be sufficiently strong to maintain pressure high 
enough to minimize condensed hydrocarbon losses in the 
formation. 

Gas-condensate reservoirs (whether exhibiting retro¬ 
grade behavior or not) may perform volumetrically or 
may produce under a partial or total water drive. If pres¬ 
sure maintenance occurs, the recovery will depend upon 
the stabilization pressure and the displacement efficiency 
of the invading water (i.e., a frontal displacement mech¬ 
anism). The liquid recovery for retrograde reservoirs will 
be less since the liquid will usually be immobile and will 
be trapped with some gas behind the invading water front. 
Unfortunately, recoveries are usually lower with water 
influx than with volumetric depletion. 

If no oil zone is associated with the gas condensate 
reservoir, the material balance may be presented as fol¬ 
lows: 


PscG P Pi Vj _ p(V, -W. + B h W p ) 

~zr~ = — +- - -. (8-7) 

T sc ZiT zT 

or as 

G(B S - B gi ) + W, = G p B g + B,,W p . f8 -8) 

Equations 8-7 and 8-8 can be used to determine water 
influx, W e , the original gas-in-place, G, or the initial res¬ 
ervoir gas volume, V,. Care should be taken in the de¬ 
termination of z at the reservoir pressure of interest, since 
it must include the equivalent condensate or oil; i.e., it 
is a two-phase gas deviation factor. 

The injection of water into a gas-condensate reservoir 
to maintain pressure is sometimes considered. A number 
of factors must be carefully weighed before a decision 
is reached. The mobility ratio in this case is favorably 
low because of the very high mobility of the gas, thus 
tending to provide high areal sweep and pattern effi¬ 
ciencies. However, there is strong evidence that dis¬ 
placement efficiency by the water is not high, and it may 
be as low as 50%. This is offset to some extent by the 
improved areal sweep efficiency at low mobility ratio. 
All things considered, the recovery of gas condensate in 
the vapor phase by water injection is likely to be appre¬ 
ciably lower than by cycling, and any consideration of 
water injection for gas-condensate recovery should be 
accompanied by detailed experimental work on cores from 
the specific reservoir involved. This will help determine 
whether the water can in fact accomplish a high enough 
displacement efficiency to justify its use. 


GAS CYCLING 


Incentive exists to cycle gas-condensate reservoirs in 
those instances in which natural depletion of the resource 
will result in substantial loss of liquid hydrocarbons. This 
occurs in water drive fields where “wet” gas is trapped 
or in volumetric-type reservoirs where retrograde behav¬ 
ior exists. Liquid hydrocarbons formed during pressure 
depletion are not normally revaporized at lower reservoir 
pressures and thus are lost. Where the reservoir rock has 
favorable characteristics, cycling with “dry” gas should 
permit recovery of part of the liquids that would other¬ 
wise be lost. r 

Liquids recovery is determined in the reservoir by dis¬ 
placement efficiencies, which are a product of the ver¬ 
tical, areal, and pore-to-pore fractional recoveries. Most 
cycling projects recover in the range of 50% of the liquid 
hydrocarbons that would otherwise be lost. 

Recoveries from cycling projects depend on the vol¬ 
ume of reservoir contacted by the dry gas and on the 
fraction of wet gas displaced in the contacted volume. 
The definitions of and methods for determining the var¬ 
ious efficiencies are described. 


\ 

) 


Areal Sweep Efficiency ( E A ) 

Areal sweep efficiency is the area enclosed by the 
leading edge of the dry gas front divided by the total 
area of the reservoir. E A can be estimated using analog 
models or by observing well performance in an actual 
project. 


Vertical Sweep Efficiency (E v ) 

Vertical sweep efficiency is the pore space invaded by 
the injected gas, divided by the hydrocarbon pore space 
enclosed by the projection (through full reservoir thick¬ 
ness) of the leading edge of the dry-gas front. 

Vertical sweep efficiencies can be as high as 90% un¬ 
der favorable conditions. However, invasion is signifi¬ 
cantly affected by large variations in reservoir flow prop¬ 
erties. These might be (1) strictly lateral variations in 
horizontal permeability of a single bed comprising a res¬ 
ervoir that does not have any variations vertically at any 
location; (2) strictly layering effects, by which several 
strata may comprise the reservoir, each being uniform 
as to properties but differing appreciably in permeability 
from all the others; or (3) combinations of these extreme 
cases. Performance of cycling operations can vary ap¬ 
preciably according to what combination of the two ex¬ 
tremes may exist for a given reservoir. Analog models 
can handle permeability variations to a limited extent in 
representing gas-condensate reservoirs; such techniques 
are handicapped considerably by lack of detailed data on 
lateral and-vertical permeability distributions in the res- 
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ervoir since wells are widely spaced and unfortunately 
are not all cored to provide the necessary subsurface in¬ 
formation. 

Displacement Efficiency ( E D ) 

Displacement efficiency E D is the volume of wet hy¬ 
drocarbons swept out of individual pores or small groups 
of pores, divided by the volume of hydrocarbons in the 
same pores at the start of cycling; note that both volumes 
must be calculated at the same conditions of pressure and 
temperature. Displacement efficiency is controlled mainly 
by the miscibility of the driving and driven fluids and 
their mobilities. For a cycling operation in which the 
pressure is being maintained at or above the dew point, 
the displacement efficiency resulting from the action of 
the dry gas against the wet gas phase in the individual 
pores will be virtually 100%. 

Reservoir Cycling Efficiency {E R ) 

Reservoir cycling efficiency is the overall recovery 
factor defined as the wet hydrocarbons recovered di¬ 
vided by the wet hydrocarbons initially in place in the 
reservoir. It is the product of the three previously defined 
efficiencies. That is, 

e r = e a e v e d . 

Feasibility of Gas Cycling 

In choosing between pressure depletion and pressure 
maintenance as operating methods for a gas-condensate 
reservoir, detailed analyses must be made for predicting 
optimum economics. Cycling and gas-processing pro¬ 
cedures require sizable plant expenditures. Possible pro¬ 
cessing methods, whether reservoir fluids are cycled or 
not, include stabilization, compression, absorption, and 
fractionation. The latter two recover appreciably more 
condensibles from wet gas than do the former. If the 
removal of ethane from a gas stream is desirable, for 
economic or other reasons, fractionation can accomplish 
this. 

When the reservoir characteristics appear favorable for 
recovery of condensible hydrocarbons, it must then be 


considered whether cycling would be economic. The pri¬ 
mary comparison is between value of th e es timated ad¬ 
ditional recovery of liquicTprodilcts by. cycling aiffThe 

actual “cycling costs, taking into account^deferment^^of_ 

gas income and other factors. Economic analyses of cy¬ 
cling and noncycling are required; these must be earned 
out in detail for maximum dependability, using infor¬ 
mation factors and assumptions pertinent to each partic¬ 
ular case. 

The primary considerations in making a decision on 
whether or not to cycle are summarized by Frick. 

1. Reservoir formation and fluid characteristics, occur¬ 
rence or absence of black oil; size of reserves of 
products; properties and composition of reservoir hy¬ 
drocarbons; productivities and injectivities of wells, 
permeability variation—controls the degree of by¬ 
passing of injected gas; degree of natural water drive 
existing 

2. Reservoir development and operating costs 

3. Plant installation and operating costs 

4. Market demand for gas and liquid petroleum products 

5. Future relative value of the products 

6. Existence or absence of competitive producing con¬ 
ditions between operators (in the same reservoir) 

7. Taxes: severance, ad valorem, and income 

8. Special hazards or risks (limited concession or lease 
life, political climate, others) 

9. Overall economic analysis 
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Field Operation Problems 


T HE efficient operation of a gas well or gas field 
requires constant monitoring of the total field 
and individual well performance in order to 
detect problems that may seriously reduce gas 
recovery or producing capacity. Parameters to be mon¬ 
itored include pressure, flow rate, cumulative produc¬ 
tion, water production, and condensate production. 

The best way to detect abnormal behavior is to plot 
these parameters, either as a function of time or cumu¬ 
lative production, and observe any sudden changes in 
behavior from the past or any deviation from expected 
behavior. Several of the most common production prob¬ 
lems and the methods to detect them are described in 
this chapter. 

PRESSURE-CUMULATIVE PRODUCTION PLOTS 

By plotting total field or reservoir gas recovered ver¬ 
sus p/Z on various scales, production problems such as 
abnormal pressure, water influx, leakage, or loss of gas, 
or bad data can be detected. 

p/Z Versus G p Plots 

As described in Chapter 3, for a volumetric gas res¬ 
ervoir, a plot of p/Z versus G p on cartesian coordinates 
should yield a straight line of constant slope. 

Once sufficient production history has been obtained 
under reasonably stabilized operating conditions, it is 
possible to extrapolate the historical plot to the antici¬ 
pated abandonment pressure and thus arrive at an esti¬ 
mate of ultimate reserves. 

Unfortunately, several factors will affect the validity 
of this method of estimation. If a full or partial water 


drive is present, the rate of pressure decline will be less 
than would have been observed had the reservoir been 
on a straight pressure depletion, as shown in Figure 9- 
1. Such a decline would be erroneously inteipreted as 
indicating a much larger reservoir than actually exists. 
The performance observed must thus be closely tied to 
the known geological configuration of the reservoir so 
that the reasons for the particular performance observed 
can be properly evaluated. 

In certain other cases, it may be found that the gas 
reservoir is actually a gas cap on top of an oil reservoir. 
In this case, the pressure decline will be influenced by 
the rate of oil production and the evolution of solution 
gas from the oil into the gas cap as the pressure declines. 
In such a case, the entire reservoir must be analyzed, 
including the effects of the oil production rate and the 
effect of pressure reduction on solution gas. Transfer be¬ 
tween the oil and gas cap can go either way depending 
on reservoir conditions of temperature, pressure, and fluid 
composition. 

Variation in the reservoir permeability can also affect 
the observed pressure performance. A typical pattern is 
a sharp drop in the reservoir pressure during the early 
depletion, which will yield a very low ultimate recovery 
if extrapolated in a straight-line manner, but which breaks 
to a lower slope on a balance between the flow capacity 
of the unfractured matrix and the fracture system, as 
shown in the lowest diagram of Figure 9-1. In such cases, 
it is necessary to pass this breakpoint before any kind of 
reliable pressure decline estimate can be made. 

In order to determine reserves by the pressure decline 
versus cumulative method, ideally one should have ac¬ 
curate cumulative production histories and accurate bot¬ 
tom-hole pressure data based on a shut-in period that is 
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Fig. 9-1. Effect of reservoir characteristics on production 
performance. 

sufficient for the well to achieve static conditions. Al¬ 
though current practices normally yield adequate pro¬ 
duction data, bottom-hole pressure data is often sparce 
and, even when available, is based on short shut-in pe¬ 
riods. The most usual test provided is a shut-in wellhead 
pressure test that was obtained to meet regulatory re¬ 
quirements or as a result of the well having been shut- 
in for some other purpose. 

In the event that the well produces a dry gas without 
condensate or water present, it is a very simple matter 
to arrive at a reasonable estimate of bottom-hole pressure 
from a shut-in wellhead pressure. If the well is produc¬ 
ing condensate and/or water with the gas stream when 
it is shut-in, there will usually be an accumulation of 
liquids in the bottom portion of the wellbore that will 
account for a substantial part of the bottom-hole pres¬ 


sure. Unless the depth to the liquid is reasonably known, 
it is impossible to estimate the bottom-hole pressure from 
the shut-in surface pressure. In such situations, bottom- 
hole pressure recordings are imperative. 

In some cases, the slope of the p/Z versus G p plot 
will decrease with increasing G p . This can result from 
bad pressure or production data, loss of gas through 
leakage to some other formation, or abnormal reservoir 
pressure. A plot of p/Z versus G p for an abnormally 
pressured gas reservoir is shown in Figure 9-2. Once the 
reservoir pressure reaches a normal value, the slope re¬ 
mains fairly constant but is steeper than the initial slope. 
In this case, if the early data had been extrapolated to 
the abandonment conditions, a recovery twice the actual 
would have been predicted. 

Energy Plots 

In Chapter 3, it was shown that a plot of (1 — pZj 
p/Z) versus G p on log-scales would yield a straight line 
with a slope of one for volumetric gas reservoirs. 

These energy plots are very useful in detecting water 
influx or abnormal pressure very early in the life of the 
reservoir. An early estimate of gas-in-place can also be 
made more accurately than by using p/Z versus G p plots. 
The principal reason for the advantage of using energy 
plots is that the slope of a p/Z plot depends on the initial 
gas-in-place, which may not be known early in the res¬ 
ervoir’s life. Therefore, the magnitude of the slope is of 
no value in detecting abnormalities. Enough data must 
be obtained to determine if a straight line plot occurs 
before problems can be detected. 

Conversely, the slope of an energy plot must be one 
for normal behavior. Therefore, only enough data to de¬ 
tect deviation of the slope from 45° are required to re¬ 
flect abnormal behavior. This could conceivably be only 
two data points. An example energy plot is shown in 
Figure 9-3. 

Rate Versus Time Plots 

Various types of production problems can be detected 
by monitoring the performance of a gas well by plotting 
production rates of gas, condensate and water, and pres¬ 
sure versus time. A typical performance plot is shown 
in Figure 9-4. 

Rate-time performance plots are especially useful when 
used in conjunction with well status maps. A well status 
map, such as shown in Figure 9-5, allows the engineer 
to compare the performance of wells in the same area 
and to determine if a well is performing abnormally 
compared to the other wells. 

An example of abnormal production rate decline is 
shown in Figure 9-4. The well’s pressure remains high 
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but the gas production rate is declining. Also, by com¬ 
paring Well No. 42’s performance with the surrounding 
wells on the well status map, it can be seen to be pro¬ 
ducing at a much lower rate than the other wells. This 
could be caused by such things as formation damage or 



Fig. 9-3. Energy plot. 


perforation plugging by scale. After this well was re¬ 
perforated, performance improved considerably, as shown 
in Figure 9-6. 

Water production problems can also be analyzed by 
observing rate-time plots. An increase in water rate with¬ 
out an increase in drawdown can result from normal ad¬ 
vance in the gas-water contact in a water drive reservoir. 

If the water rate increases after the gas production rate 
has been increased, this may indicate water coning. The 
well rate should then be reduced to see if the water rate 
returns to normal. 

Water coning is the term used to describe the entry of 
water that underlies the gas in a reservoir under exces¬ 
sive drawdown pressures. The coning phenomenon is il¬ 
lustrated in Figure 9-7. If the vertical and horizontal 
permeabilities are known, a maximum allowable pro¬ 
duction rate to prevent water coning can be calculated. 

Once the coning has occurred, a reduction in produc¬ 
ing rate will not necessarily eliminate the problem. This 
results from the fact that once a high water saturation 
has built up around the wellbore, the permeability to water 
will have increased, and therefore a lower drawdown will 
be required to support the coning process. Even if the 
well is shut-in, capillary forces will usually prevent the 
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Fig. 9-5. Well status map. 
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water from subsiding to its original level. Therefore, if 
it is known that a gas reservoir is underlain by water, 
calculations should be made to estimate the maximum 
safe production rates for each well. 

HYDRATE FORMATION 

Most natural gas contains substantial amounts of water 
vapor at the time it is produced from a well or separated 



Water cone 


Original water level 

-^__ 

Water zone 



Fig. 9-7. Water coning. 


from an associated crude-oil stream. Water vapor must 
be removed from the gas stream because it will condense 
into liquid and may cause hydrate formation as the gas 
is cooled from the high reservoir temperature to the cooler 
surface temperature. Liquid water almost always accel¬ 
erates corrosion, and the solid hydrates may pack solidly 
in gas-gathering systems, resulting in partial or complete 
blocking of flow lines. 

Hydrates are solid compounds that form as crystals 
and resemble snow in appearance. They are created by 
a reaction of natural gas with water, and when formed, 
they are about 10% hydrocarbon and 90% water. Hy¬ 
drates have a specific gravity of about 0.98 and will usu¬ 
ally float in water and sink in hydrocarbon liquids. Water 
is always necessary for hydrate formation as well as some 
turbulence in the flowing gas stream. 

Causes, Occurrence, and Prediction 

The temperature at which hydrates will form depends 
upon the actual composition of the gas and the pressure 
of the gas stream. Therefore, the chart shown in Figure 
9-8 cannot be completely accurate for all gases, but it is 
typical for many gases. The chart shows the water con¬ 
tent in pounds of water per MMscf of saturated gas at 
any pressure or temperature. The dotted line crossing the 
family of curves shows the temperature at which hy¬ 
drates will probably form at any given pressure. Note 
that hydrates form more easily at higher pressures. At 
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1500 psig, for example, hydrates may form at 70°F, 
whereas at 200 psig, hydrates will not form unless the 
gas is cooled to about 39°F. Each curve on the chart 
shows the water content of a saturated gas at that pres¬ 
sure when the temperature is at any of the various points 
shown along the bottom of the chart. For example, at 
100 psia and 60°F, each 1 million cu ft of gas would 
contain about 130 lb of water vapor. The same gas at 
100 psia and 20°F (instead of 60°F) could only hold 30 
lb per MMscf. At 0°F, this gas could only hold 13 lb 
per MMscf. 

It can thus be seen that as a gas is cooled, it can hold 
less water in the vapor form. Therefore, cooling a gas 
will cause some of the water vapor to condense with the 
balance remaining in the gas as water vapor. Pipeline 
specifications usually require that the water vapor con¬ 
tent of natural gas be 7 lb/MMscf or less in order to 
minimize the problem of hydrate formation in the trans¬ 
mission lines from the field to ultimate user. In some 
fields, hydrates form in the tubing and the wellhead valves 
necessitating the application of heat down the hole to 
keep the well from freezing up. In most fields, fortu¬ 
nately, the temperature of the gas at the wellhead is 100°F 
or more; therefore, the hydrate problem does not usually 
begin until the gas passes through the Christmas Tree. 

An all-important factor in the movement of gas satu¬ 
rated with water vapor is the retention of the heat, which 
is in the gas when it is produced. The temperature is 
lowered at the wellhead when the gas is expanded through 
a choke to reduce the pressure and control the rate of 
flow. After passing the choke, the gas enters the gath¬ 
ering lines, which are cooled by the ground. The effects 
of the ground temperature are shown in Figure 9-9. This 
curve was prepared from data taken in the Carthage gas 
field of east Texas. Gas leaving a heater at 160°F had 
dropped to 75°F by the time the gas had traveled 1-1/2 



Fig. 9-9. Chart of temperature drop in natural gas flow lines. 


mi, due to a ground temperature of 55°F. At a higher 
rate of flow, the gas would travel farther before the for¬ 
mation of hydrates would become a problem. With a line 
pressure of 900 psi, it could be predicted that hydrates 
would form at a temperature of about 60°F. Some of the 
flow lines in this field are as long as 15 miles between 
the well and the gasoline plant, so it would appear that 
this gas would need to be heated again before it reached 
the plant. 

Minimum ground temperatures at a depth of 18 in. in 
the various gas-producing regions of the southwest are 
as follows: 

1. Upper Gulf Coast of Texas and Louisiana, 50°F to 

56°F 

2. Permian Basin, east Texas, and north Louisiana fields, 

45°F 

3. Hugoton-Panhandle gas areas, 25°F to 30°F 

The figures are approximate and represent minimum 
values. The ground temperatures may be expected to reach 
higher levels than this during most of the year, especially 
in the southern part of Texas and Louisiana. On the other 
hand, it is probable that in the gas-producing areas of 
the Rocky Mountain states and in western Canada, the 
frost line is below the 18-in. level. Gas lines in those 
areas should be buried at correspondingly greater depths. 

It is convenient to divide hydrate formation into two 
categories: (1) hydrate formation due to a decrease in 
temperature, with no sudden pressure drop, such as in 
the flow string or surface lines and (2) hydrate formation 
where a sudden expansion occurs such as in flow prov- 
ers, orifices, back-pressure regulators, or chokes. 


Hydrate Formation in the Flow String and Surface Lines 

As mentioned above, free water is essential to hydrate 
formation. Free water is almost certain to be present dur¬ 
ing well testing since gas reservoirs are essentially water 
saturated, and a decrease in temperature results in a lower 
solubility of water in gas. The hydrate temperature de¬ 
pends on the pressure and composition of the gas. Figure 
9-10 gives approximate values of the hydrate tempera¬ 
ture as a function of pressure and specific gravity. Hy¬ 
drates will form whenever temperature and pressure plot 
to the left of the hydrate formation line and the water 
dew point line for the gas in question. The water dew 
point may be obtained from Figure 9-8 as follows: 

1. Find water content W s at p R , T R . 

2. Draw a horizontal line on Figure 9-8 at W s . 

3. Read the dew point temperature for various pressures 
at the intersection of the horizontal line and each 
pressure line. 
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Fig. 9-10. Pressure-temperature drop in natural gas flow 
lines. Courtesy Gas Processors Suppliers Association. 


Example 9-1: 

A gas of specific gravity 0.8 is at a pressure of 1000 
psia. To what extent can the temperature be lowered 
without hydrate formation, assuming presence of free 
water? 


Solution: 

From Figure 9-10, at a specific gravity of 0.8 and a 
pressure of 1000 psia, hydrate temperature = 66°F. 
Hydrates may form at or below 66°F. 

Figure 9-10 is applicable only to sweet natural gases. 
For sour gases it may be used, keeping in mind that the 
presence of H 2 S and C0 2 will increase the hydrate tem¬ 
perature and reduce the pressure above which hydrates 
will form. In other words, the presence of H 2 S or C0 2 
enhances the possibility of hydrate formation. 


Hydrate Formation in Flow Provers, Orifices, and Back- 
Pressure Regulators 

Sudden expansion in one of these devices is accom¬ 
panied by a temperature drop, which may cause hydrate 
formation. Figures 9-11 through 9-15 may be used to 
approximate the conditions for hydrate formation. The 
limitations of Figure 9-10, discussed above, also apply 
to Figures 9-11 through 9-15. Figures 9-11 through 9- 
15 may be used for gases of other specific gravity by 
linear interpolation. 


Example 9-2: 

A 0.8 specific gravity gas is to be expanded from a 
pressure of 1000 psia at 100°F. Determine the mini¬ 
mum final pressure for no hydrate formation. 


Solution: 

From Figure 9-13, the intersection of the 1000 psia ini¬ 
tial pressure line with the 100°F initial temperature line 
gives a final pressure of 440 psia. Therefore, lowering 
the pressure below 440 psia will possibly result in hy¬ 
drate formation. 


Example 9-3: 

A 0.6 gravity gas is to be expanded from 1000 psia to 
600 psia. What is the minimum initial gas temperature 
permitted without the danger of hydrate formation? 


Solution: 

From Figure 9-11, the 1000 psia initial pressure line 
intersects the 600 psia final pressure line at an initial 
temperature of approximately 74°F. Therefore, if the gas 
is cooler than 74°F 'at 1000 psia, hydrates may form 
on expansion. 



Fig. 9-11. Permissible expansion of a 0.6 gravity natural gas 
without hydrate formation. Courtesy Gas Processors Sup¬ 
pliers Association. 
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Fig. 9-12. Permissible expansion of a 0.7 gravity natural gas 
without hydrate formation. Courtesy Gas Processors Sup¬ 
pliers Association. 
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Fig. 9-14. Permissible expansion of a 0.9 gravity natural gas 
without hydrate formation. Courtesy Gas Processors Sup¬ 
pliers Association. 
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Fig. 9-13. Permissible expansion of a 0.8 gravity natural gas 
without hydrate formation. Courtesy Gas Processors Sup¬ 
pliers Association. 


Fig. 9-15. Permissible expansion of a 1.0 gravity natural gas 
without hydrate formation. Courtesy Gas Processors Sup¬ 
pliers Association. 
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Hydrate Control 

Ammonia, brines, glycol, and methanol have all been 
used to lower the freezing point of water vapor and thus 
prevent hydrate formation in flow lines. Low-volume in¬ 
jectors or pumps are used to feed the inhibitor fluid into 
the gas flow system. Methanol and glycol are the inhib¬ 
itors most widely used; however, they are expensive. 
When hydrate problems arise so rarely that the instal¬ 
lation of a heater or dehydration equipment is not eco¬ 
nomically feasible, methanol or glycol are usually used. 
For example, in some fields gas-producing operations 
may be carried out without hydrate trouble except for 
two or three days each year. Injection of inhibitors might 
conceivably be preferred in such cases over investment 
in additional equipment. More information about hydrate 
control by methanol injection can be found in Chapter 
10 . 

In a majority of the situations where dehydration of 
the gas is not economical and where some measures must 
be adopted to control hydrate formation, application of 
heat is the method used. The reasons for this are: initial 
investment is not excessive, fuel is conveniently avail¬ 
able, and the heaters operate with a minimum of atten¬ 
tion. Where it is desirable to handle the gas by means 
of temporarily holding the temperature above the ground 
temperature, heaters seem to offer the best solution. For 
long-distance transmission, the gas will eventually reach 
the ground temperature and, for such gas movement, water 
will ultimately have to be removed. 

Most natural gas is produced at relatively high flow- 
line pressures, ranging from 1500 to 10,000 psig, and 
then transferred to pipelines operating at 1200 psig and 
lower. Heat must almost always be used to compensate 
for the natural refrigeration of the gas, which is caused 
by this pressure reduction. An indirect heater is the most 
widely used heater for natural-gas well streams because 
it is simple, economical, and if properly sized, is usually 
trouble-free. Field treating of natural gas is described in 
more detail in Chapter 10. 


SOUR GAS PRODUCTION 

Many natural gas reservoirs contain hydrogen sulfide 
(H 2 S) and carbon dioxide (C0 2 ) along with the hydro¬ 
carbon gases. These two gases are called acid gases be¬ 
cause they form acids or acidic solutions in the presence 
of water. A gas is called sour if it contains H 2 S in amounts 
above the acceptable industry limits, usually about four 
parts per million. 

Since the early 1970’s, many deep, high-pressure sour 
gas reservoirs have been discovered in France, Ger¬ 
many, Canada, and the United States. Producing these 
gases involves several problems not encountered in nor- 


Gas Production Operations 

mal gas production operations. Some of these problems 
are: 

Toxicity —H 2 S is ah extremely poisonous gas, and there¬ 
fore special safety measures are required. 

Sulfur deposition —Sour gases with high H 2 S contents 
often contain desolved elemental sulfur. Under certain 
conditions this leads to sulfur precipitation in the for¬ 
mation, tubing, and gathering lines. 

Corrosion —The extreme corrosivity of sour gases, es¬ 
pecially in the presence of brines, causes problems such 
as tubing and surface equipment failure. 

CORROSION 

Corrosion can be defined as the deterioration of a metal 
or its properties because of a reaction with its environ¬ 
ment. Corrosion due to H 2 S occurs in three ways: (1) in 
the presence of water, where H 2 S forms an acidic so¬ 
lution that causes pitting and/or a continuous metal loss, 
(2) blisters and pitting resulting from hydrogen diffusion 
into the metal, and (3) stress corrosion cracking. 

The first corrosion type is extremely difficult to define 
and predict. Without C0 2 and/or oxygen also being 
present, H 2 S will not necessarily be corrosive. H 2 S reacts 
with steel to form a film that tends to stop corrosion. If 
C0 2 is present, it combines with water to form carbonic 
acid. This reacts with steel and causes a continuous 
washing away of the metal. It also washes away the pro¬ 
tective H 2 S film, and the H 2 S corrosion rate is acceler¬ 
ated considerably. 

Hydrogen diffusion occurs when the atomic hydrogen 
(H) from the reacting surface of steel diffuses into the 
crystal structure, concentrating in voids, inclusions, and 
minor laminations. The atomic hydrogen changes to non- 
diffusable molecular hydrogen, building up high local¬ 
ized pressures that lead to blistering and corrosion pit¬ 
ting. 

Stress corrosion cracking, sometimes called sulfide 
stress cracking, also results from embrittlement of the 
steel by the atomic hydrogen diffusion into the crystal 
structure. The exact failure mechanism is uncertain, but 
the failure is normally spontaneous. Three factors must 
be present before this phenomenon will occur: (1) ma¬ 
terials must be susceptible to stress corrosion cracking; 
this would include any carbon, alloy, or stainless steels 
with a hardness over 22 on the Rockwell C scale; (2) 
H 2 S and water (in the liquid phase) must be present; and 
(3) the metal must be under dynamic or static stresses. 

The general H 2 S corrosion reaction can be stated as: 

H 2 S + F e + H z O —*■ F e S + H 2 . 

When C0 2 dissolves in water, it forms carbonic acid, 
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decreases the pH of the water, and increases its corro¬ 
sivity. 

co 2 + h 2 o-> h 2 co 3 

F c + H 2 C0 3 F c C0 2 + H 2 

In a gas-condensate well with few dissolved minerals 
and at relatively high temperatures, pressure is the con¬ 
trolling factor influencing CO z corrosivity. The partial 
pressure of C0 2 can be used as a criterion for predicting 
corrosivity of gas wells producing C0 2 . The partial pres¬ 
sure of C0 2 can be calculated from: 

Pco 2 = Pt out (mole fraction C0 2 ). 

Using the partial pressure, the following relationships 
have been found: 

1. pco 2 above 30 psig usually indicates corrosion; 

2. p COl between 3 psig and 30 psia may indicate cor¬ 
rosion; and 

3. p C o 2 less than 3 psig generally is not considered cor¬ 
rosive. 

The combination of H 2 S and C0 2 is even more ag¬ 
gressive than H 2 S alone. Also, even minute quantities of 
oxygen can accelerate corrosivity tremendously. 

CORROSION CONTROL WITH INHIBITORS 

The types of applications that have been used for gas 
wells cover a wide range including batch and continuous 
methods such as: (1) low volume, pump, and fall; (2) 
tubing displacement; (3) inhibitor carried or pushed with 
nitrogen; (4) continuous injection; and (5) formation 
squeeze. In the types of wells encountered in the past, 
there was a continuously available liquid phase in the 
tubing bore that carried the inhibitor and distributed it to 
all of the surfaces that needed protection. In deep, hot 
wells, the tubing bore, and especially the formation, ex¬ 
periences an essentially dry condition with very little liq¬ 
uid to carry and distribute the inhibitor. Thus, special 
phase behavior requirements are placed on the inhibitor 
and on the solvent/carrier used in the application. Be¬ 
cause of these latter considerations, two of the more pop¬ 
ular modem treatment media are water and nitrogen used 
either as pusher or as carrier for the inhibitor mixture. 

The Short Batch Method of Application 

Traditionally, the short batch method has used 5 to 50 
barrels of inhibitor solution containing one-half to five 
drums of inhibitor carried in water (as a dispersion of 
oil soluble inhibitor or perhaps as a solution of a water 
soluble compound); or diesel, or sometimes condensate. 
The inhibitor mix is pumped into the shut-in well and 


allowed to travel to bottom. Radiotracer investigations 
have shown that the liquid mix bridges over at the top 
of the hole and fills the tubing bore. Then a film of liquid 
falls down the tubing walls proceeding from the bottom 
of the filled column as a bubble of gas rises through the 
center of the liquid column. To get proper distribution 
of inhibitor from top to bottom of the string requires about 
one drum of inhibitor mixed in 7 to 10 barrels of diluent 
for each 10,000 feet of depth. If significant evaporation 
of diluent occurs in the hole, then even larger treatment 
volumes are required to get even distribution of inhibitor 
from top to bottom. Of course, if corrosion occurs only 
high in the hole, proper distribution all the way to bot¬ 
tom and consequent large volumes are not required. Even 
so, in especially hot wells, there is a tendency for flash 
evaporation of diluent to form tiny bubbles and a sta¬ 
bilized foam at the bottom edge of the liquid column of 
the inhibitor mix. Many times these foams prevent proper 
fall of the mix because they are too viscous to run down 
the tubing walls. Sometimes the addition of a surfactant 
helps. 

The combination of possible evaporation and of not 
falling to bottom makes it difficult to achieve good cor¬ 
rosion control by this method when applied to deep, hot 
wells where conrosion occurs deep in the hole. Possibly 
with appropriate use of water or of a special solvent with 
a very high boiling point, the method would be more 
feasible. Since gases always contain water vapor, when 
water is used as solvent/carrier, fewer moles are re¬ 
quired to achieve complete saturation than if diesel or 
some other solvent is used that is not contained in the 
gas. Furthermore, one barrel of water contains 19.6 moles 
of water; whereas one barrel of diesel contains 1.5 moles 
of hydrocarbon. Thus, it is ten times easier to increase 
the mole fraction of carrier in the hole by injection of a 
few barrels of water than by injection of diesel. Water 
is also cheaper than diesel or other solvents and less haz¬ 
ardous to pump. However, truly water soluble corrosion 
inhibitors are sometimes less effective than oil soluble 
compounds. Thus, frequently oil soluble/water dispers¬ 
ible compounds are chosen for use with water as a car¬ 
rier. 

For wells in the mid to upper range of the deep, hot 
category, it is desirable to put in enough diluent to dis¬ 
place from 1/4 to 1/2 of the tubing volume (for a 20,000 
foot well, the range is from 20 barrels for 1/4-full 2-3/ 
8-in. tubing to 120 barrels for 1/2-full 4-in. tubing). After 
the mix is pumped, the well is shut-in for four to eight 
hours for each 10,000 feet of tubing. This recommended 
volume provides for guaranteed treatment of the top 
1/4 to 1/2 of the tubing surface as well as allowing for 
approximately half the diluent to evaporate as the solu¬ 
tion falls, leaving enough liquid to distribute evenly. Of 
course, the gas that is displaced from the tubing back 
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into the formation does not have to be saturated, and this 
lowers the evaporation volume requirement. When full 
coverage is achieved, the indicated corrosion rate will 
be reduced to at least as low as 25% of the uninhibited 
value. 

The life of a treatment will depend on how much total 
inhibitor is left in the hole. Many times, analyses of in¬ 
hibitor returns immediately after the treatment show that 
80% or more of what went into the hole is produced back 
out almost immediately. This leaves only 20% to pro¬ 
vide protection in the hole. This condition is especially 
true when not much of the inhibitor mix falls below the 
injection depth. As the inhibitor mix falls to bottom, a 
thin liquid film is formed—approximately 0.030 in. thick. 
When the well returns to production, some of this liquid 
is swept off by the gas flow, but much of it is evaporated 
into the undersaturated formation gas, leaving solvent- 
free inhibitor behind so that with a successful applica¬ 
tion, only 20% or so of the inhibitor is brought back out 
of the hole immediately. 

The Tubing Displacement Method 

By this method of treatment, a tubing full of fluids is 
pumped into the well with the objective of displacing 
inhibitor completely top to bottom to ensure contact with 
the tubing surface. The most common mode of treatment 
is to use inhibitor-free solvent to push to bottom 2 to 20 
barrels of a concentrated inhibitor solution (5 to 20%; 
sometimes 100% inhibitor is used). Diesel or condensate 
are the most frequently chosen solvents for the inhibitor 
mix, although sometimes special aromatic or higher 
boiling point solvents are chosen. Water, nitrogen, or 
natural gas are frequently used to push the mix to bot¬ 
tom. Diesel and condensate are also used. 

Although it is fairly certain that all of the surface is 
contacted with inhibitor when this method is used, it is 
not certain how much film is left behind. If the volume 
of inhibitor mix is too small and is pushed with a non- 
miscible solvent, then there may be a lack of adequate 
distribution of inhibitor to all the necessary areas of the 
tubing surface because of spiralling flow down the hole 
or other factors. These factors are especially likely to 
occur when neat, oil soluble inhibitor is pushed with water 
or gas. 

The inhibitor mix chosen for these treatments should 
be relatively nonvolatile in the hole so that as little as 
possible evaporates and as much of the liquid volume as 
possible is available to form a film on the tubing surface. 
When a liquid displacement is made, the gas volume in 
the hole decreases to a small volume so that there is no 
problem achieving saturation on the down trip. How¬ 
ever, as gas flows out, displacing the push fluid, redis- 
tribution of inhibitor is aided by a nonvolatile mix. In 


order for the treatment to be effective for a long time, 
the same volatility principles apply to the active ingre¬ 
dient (that is, nonsolvent components) of tubing dis¬ 
placement compounds as for limited batch compounds. 
The immiscible push mode produces the best retention 
of inhibitor in the hole but runs the risk of poor distri¬ 
bution so that not all the corrodible areas are covered. 

Methods of Inhibitor Application Using Nitrogen Gas 

Nitrogen gas is frequently used to push a slug of in¬ 
hibitor mix to bottom. The principles of this mode are 
the same as for the other tubing displacement methods. 
The other mode of nitrogen application is to displace the 
gas in the hole with nigrogen gas containing a mist of 
inhibitor solution. One to four drums of inhibitor con¬ 
tained in a 2% to 50% solution are used. Nitrogen is 
taken to the well site in liquid form and expanded into 
gaseous form at a pressure slightly greater than that in 
the well. Displacement is calculated from the gas law 
modified to account for deviations of nitrogen from an 
ideal gas. The inhibitor mix is aspirated into the flowing 
gas as droplets and carried with it to bottom. Rapid dis¬ 
placement helps ensure that the mist droplets penetrate 
all the way to bottom. After the well is shut-in for a few 
hours, the inhibitor mist settles onto the tubing walls. It 
is desirable to resume flow in the well at a relatively 
slow rate and then build up to full flow rate. In this way, 
solvent evaporation fixes the active inhibitor ingredient 
on the tubing walls with only a minimum amount swept 
back out of the well. Thus, this method offers the best 
possible utilization of inhibitor. Evaporation and other 
. removal processes operating after a nitrogen treatment 
are identical to those operating after a short batch or tub¬ 
ing displacement treatment. 

Method of Continuous Treatment with Inhibitors 

The most effective and reliable method of corrosion 
control is to continuously add inhibitor to the bottom of 
the producing string in an adequate amount to cover the 
surface and with an amount of liquid carrier adequate to 
produce a liquid phase condition in the hole. When these 
conditions are met, the periodic corrosion rate highs and 
lows found in the batch methods are avoided. Thereby 
overall metal loss is significantly less over the life of the 
downhole equipment, and thus the chance for premature 
failure is greatly reduced. 

The two methods most widely used for conducting the 
inhibitor to the bottom of the well are the use of a tubing 
kill string and injection down the annulus through a bot¬ 
tom-hole chemical injector valve. In some cases, a par¬ 
allel string of tubing is run and used for chemical injec¬ 
tion. Figure 9-16A shows the installation of a kill string. 
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Fig. 9-16. (a) Typical high-pressure gas well concentric string completion; (b) typical parallel string high-pressure gas well 
completion. 


The primary purpose of the kill string is to provide a 
means to fill the well, with a high density fluid that kills 
the well so that it may be entered safely for workover 
operations. It also provides a means for continuous or 
batch application of inhibitor. If the kill string does not 
extend to the bottom of the tubing, a baked-on plastic 
coating is usually used for tubing protection below the 
kill string. 

Figure 9-16B also illustrates a parallel kill string that 
allows inhibitor to be pumped to the bottom of the hole. 
While this type of completion costs more initially, it 
eliminates the need to interrupt production to inhibit the 
well. This would be necessary if both the kill string and 
the tubing-kill string annulus were normally used to con¬ 
duct fluids to the surface. Positive injection below the 
packer can be accomplished by placing a check valve in 
the kill string and loading the string with inhibitor. 

The completion shown in Figure 9-17 utilizes a packer 
and a bottom-hole chemical injection valve. The tubing¬ 
casing annulus is filled with inhibitor. Pressure applied 
at the surface forces the injection valve to open. 

From a technical standpoint, the parallel tubing string 


concept is preferable to the use of downhole injection 
valves. Solids can plug injection valves, and the bottom- 
hole pressure may exceed the desired working pressure 
of the casing annulus. Another advantage of the parallel 
tubing string concept is that the inhibitor mixture or the 
neat inhibitor is not exposed for such long periods to 
elevated temperatures and pressures. The inhibitor reaches 
the bottom of the well in a much shorter period, and 
thermal degradation of the inhibitor is minimized. 

High alloy, high strength capillary tubing is available 
for use in gas wells by coupling it to the tubing at bot¬ 
tom-hole and running it into the hole with the tubing 
string. A high pressure liquid pump is used at the surface 
to inject neat chemical at bottom-hole by pumping through 
the capillary tubing. Because of friction losses, as much 
as 20,000 psi injection pressure is required to overcome 
downhole pressure and to put up to 20 gallons per day 
of chemical into the wellbore. To maintain adequate flow 
rate, the viscosity of the chemical must remain low while 
contained in the capillary tubing, and it must be free of 
solids. For this latter reason, very fine pore size filters 
are incorporated into the system to prevent plug-ups. 
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Fig. 9-17. Schematic of a well completion with a bottom- 
hole chemical injector. 


Up to now, these applications have been used for cooler, 
low pressure wells. However, because of the evidence 
reported above, where some compounds appear to have 
a low enough vapor pressure, it now appears possible to 
use the method for some deep, hot wells in the lower 
end of the range. It must be recognized that low vola¬ 
tility, good thermal stability, and low solids require¬ 
ments are extremely stringent for this application. 

This system of inhibitor injection has been used suc¬ 
cessfully in the Gulf Coast area of the U.S. Some of the 
advantages claimed for the small tubing system are: 


1. Assures delivery of clean, debris-free inhibitor to the 
downhole injection chamber. 

2. Capillary volume is small, minimizing time and well 
temperature effects on the inhibitor. 

3. Inhibitor types and injection rates can be quickly 
changed. 

4. Design of the capillary system minimizes possibility 
of communication between tubing and casing annu¬ 
lus. 

5. Capillary can be used for batching of combination 
treatments, i.e., corrosion and scale inhibitors, foam¬ 
ing agents, cleaning agents, and methanol. 

6. Capillary can be used for continuous recording of 
bottom-hole pressures. 

Formation Squeeze 

The corrosion inhibitor squeeze treatment involves 
placement of an inhibitor solution into the producing for¬ 
mation. Its principal advantages are that (1) it can be 
used in tubingless or multiple completions and (2) treat¬ 
ing frequency is reduced. It may be effective for 3 to 18 
months, depending on the inhibitor, the formation, the 
placement technique, and the fluids being produced. In 
the squeeze treatment, a relatively large volume of in¬ 
hibitor (1 to 4 drums) is mixed in a compatible diluent 
(10 to 20% inhibitor). The mixture is displaced down 
the tubing and into the formation. The amount of dis¬ 
placing fluid is normally 25 to 75 drums plus the tubing 
volume. When a well is returned to production after a 
squeeze, the initial concentration of chemical in the re¬ 
turned fluids is high, with a relatively fast decrease .in 
concentration with production. A protective film is thus 
formed on the metal surfaces during the squeeze oper¬ 
ation and during the short time that the chemical con¬ 
centration in the returned fluid is high. The continuous 
return of chemical at a lower concentration maintains the 
initially formed protective film. When the returning in¬ 
hibitor can no longer repair the protective film as rapidly 
as it is removed, the effectiveness of the treatment de¬ 
clines. 

Practically all types of formation materials will adsorb 
the various squeeze inhibitors to some degree. The ad¬ 
sorptive capacities of clays are several hundred-fold greater 
than the capacity of sand or limestone. Adsorption In 
sand or limestone is reversible. Much of the inhibitor 
adsorbed by clays is bound so tightly that it is irrevers¬ 
ibly adsorbed and unavailable for desorption. However, 
clays adsorb such a large amount of inhibitor that the 
fraction that desorbs can still provide substantial corro¬ 
sion protection. During desorption, the inhibitor concen¬ 
tration in the produced fluid falls rapidly to a few hundred 
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ppm, and then the inhibitor continues to be desorbed at 
low concentrations for several hundred pore volumes of 
hydrocarbon production. Because of irreversible adsorp¬ 
tion, only a portion of the originally adsorbed inhibitor 
is desorbed. Obviously, more inhibitor should be used 
on the initial squeeze (2 to 4 drums). 

Significant permeability reduction seldom occurs from 
the action of corrosion inhibitors on formations; how¬ 
ever, clays present in many sandstones are often sensi¬ 
tive to inhibitors and may swell or disperse upon contact 
with the inhibitor. The resulting permeability changes 
vary widely, although most are negligible. In areas where 
formation damage has been known to occur or in which 
sensitive clays are known or suspected to exist, core 
samples from the formation should be tested and an in¬ 
hibitor selected that does not cause damage. 

SULFUR DEPOSITION 

Sulfur deposition problems can arise in the production 
of deep sour natural gas reservoirs if a source of ele¬ 
mental sulfur exists and fluid composition and pressure/ 
temperature changes have appropriate characteristics. 
There is a greater potential for sulfur deposition if: 

1. H 2 S content is high, 

2. condensate (C 5+ ) content is low, 

3. aromatic components are not present in the fluid, 

4. bottom-hole pressure and temperature are high, and 

5. pressure and temperature changes from formation to 

wellhead are high. 

The sulfur-carrying capacity of the produced fluid is 
principally due to hydrogen polysulfide formation and/ 
or physical dissolution of the sulfur in the dense fluid. 
The relative importance of these two mechanisms at very 
high pressures may well determine whether sulfur de¬ 
position will be a serious problem in ultra-deep sour gas 
wells. 

Some control of sulfur deposition is possible by lim¬ 
iting pressure/temperature changes through production - 
rate, and a variety of physical and chemical solvents are 
available for well injection to remove sulfur as it is de¬ 
posited. Physical solvents are adequate for low or mod¬ 
erate sulfur deposition. Solvents that function by chem¬ 
ical incorporation of the sulfur into the molecular structure 
of the solvent have much higher sulfur carrying capacity 
and may be required in cases where sulfur deposition is 
heavy. 

It should be recognized that if elemental sulfur is de¬ 
posited in formations, tubing, gathering lines, or inlet 
separators, such depositions may be minimized by heat¬ 
ing and maintaining high pressures that discourage sulfur 


deposition in production equipment and gathering lines, 
or the sulfur may be removed by continuously or pe¬ 
riodically injecting appropriate solvents into the tubing 
or gathering lines. Solid sulfur that is contained in the 
inlet well stream normally is carried away, and disposed 
of, with liquid oil or condensate products. 

In the event that a high hydrogen sulfide content lean 
gas stream is processed, it may be necessary to squeeze 
the formation or to wash wells periodically with solvent. 
Such squeezing or washing also removes some of the 
deposited sulfur from the gathering lines. 

SAFETY 

High pressure sour gas can be produced safely, but 
because of the serious consequences that can arise if this 
gas is released near a populated area, special attention 
must be given to safety and contingency planning. 

Contingency planning is complex and must be 
thoughtfully detailed for the locale of each sour gas op¬ 
eration. Among other things, the plans should be based 
on population density, local terrain (including roads), 
housing and medical facilities, and local weather pat¬ 
terns. 

Facilities should be provided to shut-in a well auto¬ 
matically in case of leaks. A typical facility for accom¬ 
plishing this is shown schematically in Figure 9-18. 

Some of the safety procedures to be observed when 
working around sour gas facilities are listed below. 

1. In low concentrations, H 2 S has a characteristic odor 
of rotten eggs and a sweet taste. In higher concentra¬ 
tions, the sense of smell is quickly paralyzed. The sense 
of smell, therefore, can never be relied upon to indicate 
the amount of H 2 S present. 

2. Hydrogen sulfide may be present in natural gas 
produced alone or in combination with crude oil. Con¬ 
centrations may be from the faintest odor to a percentage 
that will result in sudden death. Accordingly, whenever 
H 2 S is present, respiratory protection is of extreme im¬ 
portance. 

3. Hydrogen sulfide is heavier than air, having a spe¬ 
cific gravity of 1.19 with respect to air, so heavier con¬ 
centrations will be found at ground or lower levels, such 
as well cellars, open ditches, and natural topographical 
low spots. 

4. Hydrogen sulfide is highly flammable and has an 
explosive range of 4.3% to 45.5% concentration by vol¬ 
ume in air. 

5. When H 2 S is known to be present in natural gas or 
crude oil, all products are handled in systems designed 
to confine and, when necessary, dispose of the gas in a 
safe manner. 

6. When, through accident, leakage or necessary 
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Fig. 9-18. Typical high-pressure sour gas surface facilities. 


opening of a closed system, H 2 S becomes present in the 
atmosphere, prescribed respiratory protection should be 
worn. 

7. Whenever hydrogen sulfide is present or thought 
to be present, the H 2 S content must be determined, or 
an air supplied breathing apparatus must be used. 

8. If eyes become irritated or a halo is noticed around 
an electric light while working in a plant or area that has 
been determined to be “safe” from H 2 S, take the follow¬ 
ing precautions: 

a. Leave the location at once. 

b. Wash eyes thoroughly with water. 

c. Wear air supplied respiratory equipment with 
full face protection, if necessary, to return to 
the location. 

9. Permissible limit of concentrations of H 2 S for con¬ 
tinuous exposure during an 8-hour period is 0.001%, or 
10 parts per million by volume in air. Exposure to higher 
concentrations of H 2 S will have the following effect: 

—0.001 to 0.010% (10 to 100 ppm) for 30 to 60 minutes 

results in eye and respiratory tract irritation. 

—0.010 to 0.020% (100 to 200 ppm) for 2 to 15 minutes 


results in loss of sense of smell; exposure for 8 to 48 
hours may be fatal. 

—0.020 to 0.050% (200 to 500 ppm) for 1 to 4 hours 
will be fatal. 

—0.050 to 0.060 (500 to 600 ppm) for 30 to 60 minutes 
is fatal. 

—0.060 to 0.150% (600 to 1500 ppm) for 2 to 15 min¬ 
utes is fatal. 

10. Since the result of exposure to H 2 S is paralysis of 
the nerves controlling respiration, persons stop breathing 
and lose consciousness quickly. If the victim is promptly 
removed to a clear area and artificial respiration is started 
immediately, the chances of complete recovery are good. 

Any delay in the start of artificial respiration appre¬ 
ciably reduces chances of recovery. Even though chances 
of recovery may seem slim, artificial respiration should 
be continued until normal breathing is resumed or, if a 
physician is not available, it should be continued for a 
minimum of two hours. 

Any person overcome by hydrogen sulfide should be 
treated for shock—that is, kept warm while artificial res¬ 
piration is being applied and kept quiet until he can be 
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checked and released by a physician. 

11. Hydrogen sulfide reacts with iron and steel to form 
iron sulfide. Iron sulfide reacts with air to form iron ox¬ 
ide. The conversion of iron sulfide to iron oxide creates 
heat sufficient to ignite flammable vapors. 

WELL TESTING 

Due to the extreme safety hazards involved in testing 
sour gas wells, care must be taken to not allow any un¬ 


flared gas to escape to the atmosphere, especially in pop¬ 
ulated areas. 

If possible, extensive testing should be delayed until 
the gas can be sent to a pipeline .or gas plant. All gas 
produced during preliminary tests should be flared. 

Testing equipment such as separators, pressure gages, 
and meters should be thoroughly tested before beginning 
a sour gas well test, especially if the equipment has pre¬ 
viously been used in sour gas service. 
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P ETROLEUM as produced from a reservoir is a 
complex mixture of hundreds of different com¬ 
pounds of hydrogen and carbon, all with dif¬ 
ferent densities, vapor pressures, and other 
physical characteristics. A typical well stream is a high- 
velocity, turbulent, constantly expanding mixture of gases 
and hydrocarbon liquids, intimately mixed with water 
vapor, free water, solids, and other contaminants. As it 
flows from the hot, high-pressure petroleum reservoir, 
the well stream undergoes continuous pressure and tem¬ 
perature reduction. Gases evolve from the liquids, water 
vapor condenses, and some of the well stream changes 
in character from liquid to bubbles, mist, and free gas. 
The high-velocity gas is cariying liquid droplets, and the 
liquid is carrying gas bubbles. 

Stated simply, field processing is required to remove 
undesirable components and to separate the well stream 
into salable gas and petroleum liquids, recovering the 
maximum amounts of each at the lowest possible overall 
cost. Field processing of natural gas actually consists of 
four basic processes: 

1. Separation of the gas from free liquids such as crude 
oil, hydrocarbon condensate, water, and entrained 
solids. 

2. Processing the gas to remove condensable and re¬ 
coverable hydrocarbon vapors. 

3. Processing the gas to remove condensable water va¬ 
por, which under certain conditions might cause hy¬ 
drate formation. 

4. Processing the gas to remove other undesirable com¬ 
ponents, such as hydrogen sulfide or carbon dioxide. 

Some of these processes are accomplished in the field, 


but in some cases, the gas goes to a plant facility for 
further processing. The discussion in this section is di¬ 
vided into two categories, field treatment and plant op¬ 
erations. 

FIELD TREATMENT OF NATURAL GAS 

Separation of well-stream gas from free liquids is by 
far the most common of all field-processing operations 
and, at the same time, one of the most critical. A prop¬ 
erly designed separator will provide a clean separation 
of free gases from the free hydrocarbon liquids. A well- 
stream separator must perform the following: 

1. Cause a primary-phase separation of the mostly liq¬ 
uid hydrocarbons from those that are mostly gas; 

2. Refine the primary separation by removing most of 
the entrained liquid mist from the gas; 

3. Further refine the separation by removing the en¬ 
trained gas from the liquid; and 

4. Discharge the separated gas and liquid from the ves¬ 
sel and ensure that no re-entrainment of one into the 
other occurs. 

If these functions are to be accomplished, the basic 
separator design must: 

1. Control and dissipate the energy of the well stream 
as it enters the separator; 

2. Ensure that the gas and liquid velocities are low 
enough so that gravity segregation and vapor-liquid 
equilibrium can occur; 

3. Minimize turbulence in the gas section of the sep¬ 
arator and reduce velocity; 
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4. Control the accumulation of froths and foams in the 
vessel; 

5. Eliminate re-entrainment of the separated gas and 
liquid; 

6. Provide an outlet for gases, with suitable controls 
to maintain preset operating pressure; 

7. Provide outlets for liquids, with suitable liquid-level 
controls; 

8. If necessary, provide cleanout ports at points where 
solids may accumulate; 

9. Provide relief for excessive pressures in case the gas 
or liquid outlets should be plugged; and 

10. Provide equipment (pressure gages, thermometers, 
and liquid-level gage-glass assemblies) to check vi¬ 
sually for proper operation. 

The process equipment and conditions downstream of 
a separator will usually dictate the necessary degree of 
separation and the actual vessel design. Ideally, gases 
and liquids should come to full equilibrium in the sep¬ 
arator, but a compromise must usually be made between 
the degree of separation achieved and cost of the in¬ 
stallation. 

The following factors must be considered in sizing and 
selecting a separator. 

1. Liquid flow rate (oil and water), barrels per day and 
minimum and peak instantaneous. 

2. Gas flow rate, million standard cubic feet (MMscf) 
per day. 

3. Specific gravities of oil, water, and gas. 

4. Required retention time of fluids within the separator; 
retention time is a function of physical properties of 
the fluids. 

5. Temperature and pressure at which the separator will 
operate and design pressure of the vessel. 

6. Whether the separator is to be two phase, such as 
liquid and gas, or three phase—that is, oil, water, 
and gas. 

7. Whether or not there are solid impurities, such as sand 
or paraffin. 

8. Whether or not there are foaming tendencies. 

Types of Separators 

Three basic types of separators are widely used for 
gas-liquid separation: (1) vertical (Fig. 10-1), (2) hori¬ 
zontal (Fig. 10-2), and (3) horizontal double-barrel (Fig. 
10-3). Each has specific advantages, and selection is 
usually based on which one will accomplish the desired 
results at the lowest cost. 

A vertical separator is often used on low to interme¬ 
diate gas-oil ratio well streams and where relatively large 



Fig. 10-1. Typical vertical oil and gas separator with mist 
extractor. Permission to publish by the Society of Petroleum 
Engineers of AIME. Copyright SPE-AIME. 


slugs of liquid are expected. It can be fitted with a false 
cone bottom to handle sand production. A vertical sep¬ 
arator occupies less floor space, an important consider¬ 
ation where this might be expensive as on an offshore 
platform. However, because the natural upward flow of 
gas «in a vertical vessel opposes the falling droplets of 
liquid, a vertical separator for the same capacity may be 
larger and more expensive than a horizontal unit. In op¬ 
eration, an inlet diverter spreads the inlet fluids against 
the vertical separator shell in a thin film and at the same 



Fig. 10-2. High pressure horizontal oil and gas separator. 
Courtesy Black, Sivalls, and Bryson, Inc. 
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Fig. 10-3. Double-lube horizontal oil and gas separator. 
Courtesy the American Petroleum Institute. 


time imparts a centrifugal motion to the fluids. This pro¬ 
vides the desired momentum reduction and allows the 
gas to escape from the thin oil film. The gas rises to the 
top of the vessel, and the liquids fall to the bottom. Some 
small liquid particles will be swept upward with the ris¬ 
ing gas stream, and these particles are separated by a 
centrifugal baffle arrangement below the gas-outlet con¬ 
nection. 

The-horizontal separator may be the most economical. 
It may be less expensive than the vertical separator of 
equal capacity. The horizontal separator has a much 
greater gas-liquid interface area consisting of a large, long, 
baffled gas-separation section. Horizontal separators are 
almost always used for high gas-oil ratio well streams, 
for foaming well streams, or for liquid-from-liquid sep¬ 
arators. A horizontal separator is easier to install, ser¬ 
vice, and transport. Several separators can be stacked 
easily into stage-separation assemblies minimizing space 
requirements. In a horizontal separator, gas flows hori¬ 
zontally and, at the same time, falls toward the liquid 
surface. Some separators have closely spaced horizontal 
baffle plates that extend lengthwise down the vessel upon 
which baffle plates are evenly spaced at a 45° angle to 
the horizontal. The gas flows in the baffle surfaces and 
forms a liquid film that is drained away to the liquid 
section of the separator. The baffles need only be longer 
than the distance of liquid trajectory travel at the design 
gas velocity. 

Some separators use knitted wire-mesh pads, 4 to 8 
in. thick, across the gas section of the separator or across 
the gas-outlet nozzle. Wire mesh can provide good gas- 
liquid separation but may be plugged by paraffin or sol¬ 
ids in the gas stream. Wire-mesh pads should not be used 
unless the well stream is so clean that no danger of plug¬ 
ging exists. 

A double-barrel horizontal separator has all the ad¬ 
vantages of a normal horizontal separator plus a much 
higher liquid capacity. Incoming free liquid is immedi¬ 
ately drained away from the upper section into the lower 


section. The upper section is filled with baffles, and gas 
flow is straight through and at higher velocities. 

A horizontal three-phase separator (Fig. 10-4) is de¬ 
signed to separate oil, water, and gas and has two liquid 
outlets. Three-phase separators are used commonly for 
well testing and in instances where free water readily 
separates from the oil or condensate. They are identical 
to two-phase vessels except for the water compartment, 
an extra level control, and dump valve. 

Filter separators (Fig. 10-5) are designed to remove 
small liquid and/or solid particles from gas streams. These 
units were designed specifically to handle those appli¬ 
cations where, due to the extremely small particle size, 
conventional separation techniques employing gravita¬ 
tional or centrifugal force are ineffective. Contaminants 
of this small size can be removed most effectively by 
passing the gas through a fine, high-quality filtering me¬ 
dium. Several configurations of filter separators are used, 
depending upon the required efficiency and on whether 
liquids or solids, or both, are to be removed. Some filter 
elements have collection efficiencies of 98% of the 1- 
micron particles and 100% of the 5-micron particles when 
operated at rated capacity and recommended filter-change 
intervals. A typical filter separator for removing both 
liquid and solid contaminants is shown in Figure 10-5. 

Separator Controls 

Liquid level within the separator must be maintained 
within reasonable limits to prevent discharging liquid out 
of the gas line or gas out of the liquid line and to assure 
proper functioning and flow through the separator inter¬ 
nals. Pressure within the separator is usually maintained 
within a specific pressure range by a gas back-pressure 
regulating valve. Temperature within most separators is 
usually not controlled although there are exceptions, such 
as low-temperature separation systems. Safety and pro¬ 
tection against overpressure is provided by a pressure- 
relief valve set at the design pressure of the separator. 

Stage Separation 

Stage separation is a process in which gaseous and 
liquid hydrocarbons are separated into vapor and liquid 
phases by two or more equilibrium flashes at consecu¬ 
tively lower pressures. As shown in Figure 10-6, two- 
stage separation involves one separator and a storage tank. 
Three-stage separation requires two separators and a 
storage tank. Four-stage separation would require three 
separators and a storage tank. The tank is always counted 
as the final stage of vapor-liquid separation because the 
final equilibrium flash occurs in the tank. 

The purpose of stage separation is to reduce the pres¬ 
sure on the reservoir liquids gradually, in steps or stages, 
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Fig. 10-4. Three-phase portable separator. Permission to publish by McGraw-Hill Book Company. 
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Fig. 10-5. Filter separator for removing liquid and solid contaminates. From Field Handling of Natural Gas, 3rd ed. 1972 
Copyright, Petroleum Extension Service, The University of Texas at Austin (PETEX). 
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Fig. 10-6. Stage separation. 


so that a more stable stock-tank liquid will result. Pe¬ 
troleum liquids at high pressures usually contain large 
quantities of liquefied propanes, butanes, and pentanes, 
which will vaporize or flash as the pressure is reduced. 
This flashing can cause a substantial reduction in stock- 
tank liquid recovery, depending upon well-stream com¬ 


position, pressure, temperature, and other factors. For 
example, if a volatile condensate at 1500 psig was dis¬ 
charged directly into an atmospheric storage tank, most 
of it would immediately vaporize, leaving very little liq¬ 
uid in the tank. 

The ideal method of separation, to attain maximum 
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liquid recovery, would be that of differential liberation 
of gas by means of a steady decrease in pressure from 
that existing in the reservoir to that existing in the stor¬ 
age tanks. With each tiny decrease in pressure, the gas 
evolved would immediately be removed from the liquid. 
However, carrying out this differential process would re¬ 
quire an infinite number of separation stages, obviously 
an impractical solution. 

Low Temperature Separation 

Low temperature separation, probably the most effi¬ 
cient means yet devised for handling high pressure gas 
and condensate at the wellhead, performs the following 
functions: 

1. Separation of water and hydrocarbon liquid from the 
inlet well stream; 

2. Recovery of more liquids from the gas than can be 
recovered with normal temperature separators; and 

3. Dehydration of gas, usually to pipeline specifica¬ 
tions. 

The first low temperature units were developed and 
placed in operation in 1948 to dehydrate gas at the well¬ 
head in remote locations so that high-pressure gas and 
condensate could be gathered at central locations without 
the problems of hydrate plugging. 

Essentially, the low temperature separation process is 
one of intentional hydrate formation and controlled melt¬ 
ing. The inlet gas is cooled by expansion, due to pres¬ 
sure reduction, causing water and liquid hydrocarbons 
to condense; if hydrates are formed, they are quickly 
melted. Diy gas, condensate, and free water are then 
discharged from the vessel under controlled conditions. 
Since this separation system permits operating condi¬ 
tions well below hydrate-formation temperatures, the re¬ 
covery of hydrocarbon liquids is much higher than that 
possible for conventional separation. Condensation of a 
higher percentage of the water vapor also is accom¬ 
plished, resulting in dehydration of the gas. 

Since low temperature separation is achieved by the 
cooling effect of gas expansion—that is, pressure re¬ 
duction across the choke—how much pressure drop is 
needed to obtain adequate cooling? Generally speaking, 
satisfactory operation and dehydration to pipeline spec¬ 
ifications can be accomplished with a pressure differ¬ 
ential as low as 1000 psi, provided the temperature up¬ 
stream of the choke can be controlled to near the hydrate 
point. 

The actual minimum differential between flowing and 
line pressures depends primarily upon the pressure range 
in which the hydrate temperature falls. Noting the pres¬ 
sure-temperature drop chart (Fig. 10-7), it can be seen 
that a 1500 psi drop from 3000 psi at 120°F will provide 



a final temperature of only 78°F, while a 1500 psi drop 
from 2000 psi at 120°F will give a final temperature of 
49°F. The actual temperature drop will not necessarily 
correspond to that shown on the'chart; composition of 
the gas stream, flow rate, liquid rates, bath temperature, 
and ambient temperature will affect the actual temper¬ 
ature drop. Water dew points will average 10°F to 15°F 
below the indicated temperature due to the adsorptive 
effects of the hydrates on the vapor-phase water. 

Some means must be provided to prevent formation 
of hydrates in the low temperature separator. This is ac¬ 
complished by either piping the hot well stream through 
the separator, as shown in Figure 10-8, or by injecting 



Fig. 10-8. Typical low-temperature separator. Permission to 
publish by the McGraw-Hill Book Company. 
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hydrate inhibitors upstream of the separator. In some 
cases, a line heater is required upstream of the separator 
for the first method (Fig. 10-9). 

A schematic diagram of the second method, using gly¬ 
col injection, is shown in Figure 10-10. 

Condensate Stabilization 

One of the problems in using low temperature sepa¬ 
ration units of both the mechanical and glycol-injection 
types is high stock-tank vapor loss. These losses are the 
result of vaporizing appreciable quantities of liquid pro¬ 
pane and butane with dissolved methane and ethane, which 
are liberated when the pressure on the liquid is reduced 
from the low temperature separator to storage pressure. 
When these light ends vaporize in a stock tank, they carry 
some of the heavier hydrocarbons with them to be burned 
or lost in the atmosphere. Stabilization is a means of 
removing these lighter hydrocarbons from the liquid 
present in the bottom of the low temperature separator 
with a minimum loss of heavier hydrocarbons. Stabili¬ 
zation results in a larger volume of stock-tank liquids 
available for sale. 

The stabilization system consists of a vertical vessel, 
which may be packed with ceramic rings or fitted with 
trays spaced from 12 to 24 in. apart inside the vessel. 
The liquid in the lower section of the tower is heated by 
an indirect heater or steam coils. The cold condensate 
from the bottom of the low-temperature separator flows 
directly to the top of the stabilizer or may flow to a flash 
tank prior to entering the stabilizer. From the flash tank, 
the gas is routed to become fuel or to be disposed of by 
other means, and the liquid is taken to the top of the 



Fig. 10-10. Schematic flow diagram of a glycal injection LTS 
system with low-temperature stabilization. Permission to 
publish by the McGraw Hill Book Company. 


stabilizer. Some of the light hydrocarbons are vaporized 
and pass from the top of this vessel to the gas-sales, fuel, 
or vent line. The liquid hydrocarbons flow through the 
packing or down the trays, absorbing some of the heavi¬ 
er gaseous hydrocarbons, which have been vaporized at 
the bottom of the vessel. At the bottom of the vessel, 
the heat added from the heater or reboiler vaporizes most 
of the lighter hydrocarbons. After being cooled, the sta¬ 
bilized liquid flows to storage and the lighter ends flow 
upward to be reabsorbed or to leave the top of the vessel 
(Fig. 10-11). The amount of additional condensate that 
can be recovered by stabilization is dependent upon the 
pressure and temperature at which the low temperature 
separator is operated and the composition of the gas being 
processed. 



Fig. 10-9. Cutaway view of an indirect heater. From Field Handling of Natural Gas, 3rd ed. 1972, Copyright, Petroleum 
Extension Service, The University of Texas at Austin (PETEX). 
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Additional hydrocarbon liquid recovery that can be 
gained by use of low temperature separation as com¬ 
pared to conventional separation depends on the exact 
composition of the well stream and upon the operating 
temperature of the low temperature separator. In the ab¬ 
sence of an analysis, the increased recovery may be es¬ 


timated by assuming that stock-tank liquid recovery will 
be increased about 0.5 bbl per MMscf for each 10°F de¬ 
crease in separator temperature. For example, if sepa¬ 
ration at 80°F produces 10 bbl/MMscf, then separation 
at 20°F would produce an additional 3 bbl/MMscf. An 
additional increase in recovery of about 10% might be 
expected if the low temperature liquid was then stabi¬ 
lized. For richer gas streams, on the order of 50 bbl/ 
MMscf, the increased liquid recovery would be about 
0.75 bbl/MMscf for each 10°F decrease in separator 
temperature. These figures are merely rules of thumb and 
are only an approximation of the actual increased recov¬ 
ery. Figure 10-12 illustrates the effect of separation tem¬ 
perature on liquid recovery. 

GAS PLANT OPERATIONS 

Gas plants and the treatment of natural gas are very 
important segments of the gas production operation. Un¬ 
treated or unprocessed natural gas contains many hydro¬ 
carbon compounds and a few nonhydrocarbon com¬ 
pounds. Treating natural gas in plant facilities involves 
removing certain of the compounds that are of consid¬ 
erable value by themselves or because they are contam¬ 
inants that render the gas unsuitable for sale purposes. 
The predominate constituent of natural gas is methane 
with smaller amounts of other hydrocarbons. Table 10- 
1 gives examples of a few of the common components 
of natural gas and their phase after processing. 



Fig. 10-12. Separator temperature effect. 
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TABLE 10-1 

Component 


Hydrocarbons 

Chemical Formula 

How Utilized 

Methane 

ch 4 

Fuel, gaseous state 

Ethane 

c 2 h 6 

Mixed with methane as 
gaseous fuel and 
alone as chemical 
feed stock. Exists as 
gas. 

Propane 

c 3 h 8 

Liquid fuel or chemical 
feed stock. Pressure 
storage required. 

Pentanes 

c s h 12 

Constituents of natural 
gasoline. Pressure 
storage not required. 

Hexanes 

Non-Hydrocarbons 

c 6 h 14 

Constituents of natural 
gasoline. Pressure 
storage not required. 

Hydrogen Sulfide 
(acid gas) 

h 2 s 

Poisonous gas 
constituent of natural 
gas. Removed and 
converted to 
elemental sulfur. 

Carbon Dioxide 
(acid gas) 

N 

O 

o 

Removed from natural 
gas if in excess of 
sales specification. 

Nitrogen 

n 2 

Ordinarily not removed. 
Inert gas with no 
heating value in 
natural gas. 

Water 

h 2 o 

Removed to meet sales 
gas water dewpoint 
specification. 


Pentanes and hexanes are shown in the table as con¬ 
stituents of natural gasoline. Natural gasoline also in¬ 
cludes liquids heavier than hexane. Butanes may also be 
present in natural gasoline. Natural gas containing hy¬ 
drogen sulfide in concentrations sufficient to prevent it 
from meeting sales gas specifications is termed “sour” 
gas. 

The gas sold to gas transmission companies usually 
must meet certain requirements with respect to water 
content, hydrocarbon dewpoint, heating value, and hy¬ 
drogen sulfide content. Some sort of processing plant is 
required to treat the gas so that the specifications in the 
sales contract are met. A dehydration plant is provided 
to control the water content; a gas processing plant of 
one type or another is provided to remove certain hy¬ 
drocarbon components to meet hydrocarbon dewpoint 
specifications; and a gas sweetening plant is required to 
remove acid gas (when present). Because of environ¬ 
mental pollution, hydrogen sulfide cannot be flared, and 
is therefore converted to elemental sulfur, a marketable 
product. 

Any given plant installation can have overlapping pur¬ 


poses. Oil production may be made possible or be in¬ 
creased; the associated gas can be conditioned for sale 
or other use, such as injection; the removal of liquid 
products can be accomplished; and the environment can 
be protected by converting hydrogen sulfide removed from 
the gas into elemental sulfur, all within the same plant. 

The removal of the heavier hydrocarbon components 
as liquid products is accomplished in gas processing fa¬ 
cilities by the use of simple physical principles. Gas and 
liquid or two liquids of different densities are separated 
by passing them through a vessel large enough for them 
to decelerate and have time to separate. Hydrocarbons 
can be condensed and separated as liquids by increasing 
the pressure and reducing the temperature. They can also 
be separated by absorbing them in oil, cryogenically sep¬ 
arating them, or absorbing them on a desiccant. Water 
can be removed by absorbing it on a desiccant, absorb¬ 
ing it in glycol, or by chilling the gas. Hydrogen sulfide 
and carbon dioxide can be removed by chemically re¬ 
acting them with a chemical solution, adsorbing them on 
a desiccant, or absorbing them in a physical solvent. 

Gas processing is simply various combinations of these 
basic processes. With the necessary piping and equip¬ 
ment to provide heat, cooling, heat exchange, and to 
contact and separate the streams as they are processed, 
these processes become the gas plant. A typical com¬ 
bination of processes to form a gas plant is shown in 
Figure 10-13. The following discussion treats in more 
detail the methods for processing natural gas. 

Liquid Hydrocarbon Recovery 

The following discussion relates only to the broad sub¬ 
ject of the use of gas processing plants for recovery of 
the ethane and heavier hydrocarbons from a gas stream. 
Such a plant may process the gas associated with oil pro¬ 
duction, in which case it is known as a casinghead plant. 
Usually the casinghead gas contains a larger amount of 
recoverable liquid hydrocarbons than nonassociated gas. 
Gas from gas reservoirs may also serve as feed to a gas 
processing plant. Any one of several methods of re¬ 
covering liquid products from gas may be used to pro¬ 
cess gas regardless of its source. Products extracted from 
the gas in liquid recovery processes may include ethane, 
propane, isobutane and normal butane, and natural gas¬ 
oline. These products may be fractionated at the plant or 
leave the plant as a single liquid mixture to be separated 
elsewhere. 

Compression Processing. One type of casinghead gas 
processing plant is shown schematically in Figure 10-14. 
The gas may arrive at the plant inlet at very low pres¬ 
sure, 5 psig or even less being common. The gas enters 
the inlet scrubber where any liquids are removed. The 
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Natural gasoline 


Fig. 10-13. Typical processes combined to form a gas plant. 
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end use of such gas usually requires it to be at a final 
pressure of 500-900 psig, and accordingly, it will or¬ 
dinarily be compressed through three stages of compres¬ 
sion. Gas compressor equipment is discussed in detail in 
Chapter 5. The compressed gas is cooled between com¬ 
pressor stages to conserve horsepower and to keep the 
compressor discharge temperatures within reasonable 
limits. Either forced air coolers or heat exchangers using 
water as the cooling medium may be used. Liquids may 
be condensed between stages depending upon the rich¬ 
ness of the gas, its temperature, and pressure. 

In a plant such as shown in Figure 10-14, water vapor 
in the gas condenses as the pressure is increased and the 
gas cooled. If liquid is formed in any of the coolers, 
either water or hydrocarbon, then the gas leaving is at 
its dew point with respect to either water or hydrocar¬ 
bon, or both. Gas hydrates may cause trouble under these 
conditions even though dew points are far above freez¬ 
ing. The liquid product from a compression gas pro¬ 
cessing plant will have a very high vapor pressure and 
will therefore be difficult and expensive to store without 
stabilizing the liquid product or taking substantial vapor 
losses. 

Absorption Processing. If economics warrant increas¬ 
ing the recovery of the marketable products, or if gas 
sales dew point specifications require removal of more 
of the heavier hydrocarbons, the more complex and ex¬ 
pensive absorption process is used in the gas processing 
plant. Absorption involves contacting the compressed raw 
gas with a liquid hydrocarbon called lean oil or absorp¬ 
tion oil in an absorber where components in the gas dis¬ 
solve in the lean oil. The heavier components dissolve 
more easily, and the oil will hold more of them than the 
lighter components, but some of the lighter components 
are absorbed also. The bulk of the gas, called residue 
gas, leaves the top of the absorber while the absorbed 
components leave with the rich oil from the bottom of 
the absorber. 

The absorption oil process can be carried out at am¬ 
bient temperatures or process temperatures may be low¬ 
ered by refrigeration. Although ambient temperature plants 
are now generally considered obsolete, the design of these 
older casinghead processing plants usually does not lend 
itself to economic modification to the modem, more ef¬ 
ficient types. However, this operation can be optimized 
by adjusting process variables. 

A flowsheet of a refrigerated light oil absorption gas 
process is shown in Figure 10-15. The feed gas enters 
the gas-gas exchanger that serves to recover refrigeration 
from the plant residue gas stream. The gas then passes 
through the gas chiller, which is often cooled by vapor¬ 
izing liquid propane from a mechanical refrigeration sys¬ 
tem. The cooled gas from the chiller then passes to the 


absorber. In this type of plant, the lean oil is not pumped 
directly to the absorber proper, but to a presaturator chiller 
where the gas from the top of the absorber is mixed with 
the stripped lean oil. The effluent from the presaturator 
chiller enters a separator tank from which the separated 
gas flows to the gas-gas exchanger. The liquid from the 
presaturator separator is then pumped to the top tray of 
the absorber. The lean oil is thus saturated with methane 
and ethane at the chiller temperature before entering the 
absorber. This minimizes the temperature rise from dis¬ 
solving gas in the absorber and permits higher absorption 
of propane. 

The rich oil from the bottom of the absorber flows to 
the rich oil flash tank where some of the undesirable 
materials picked up in the absorber, particularly meth¬ 
ane, are flashed off at a lower pressure. Because of the 
adiabatic expansion, fluids in the rich oil flash tank will 
usually be considerably colder than the absorber bot¬ 
toms. The vapors from the rich oil flash tank are recy¬ 
cled back to the plant inlet after compression and cool¬ 
ing. The cold liquid from the flash enters the lean oil/ 
rich oil exchanger, which conserves refrigeration by fur¬ 
ther cooling the lean oil from the air-cooled lean oil cooler. 
Some flashing of the rich oil occurs as the temperature 
is increased in the exchanger. The mixture is fed to the 
center section of the rich oil de-ethanizer. 

The rich oil de-ethanizer column usually has a larger 
diameter lower (stripping) section and a smaller diameter 
top absorption section, the two diameters reflecting the 
column loadings. Heat enters the column through the re¬ 
boiler and the side heater. The top (reabsorber) section 
serves as an absorber where desirable components are 
dissolved in the lean oil and are washed downward. The 
reabsorber section is supplied with cold lean oil from the 
lean oil-rich oil exchanger. The lean oil flow and the 
bottom temperature determine the amount of propane re¬ 
tained and limit the ethane in the propane as required to 
meet propane specifications. This same type of column 
is called a rich oil demethanizer if ethane is being re¬ 
covered. The overhead product from such columns is 
gaseous and usually serves as a source of plant fuel gas 
with any excess going to the recycle recompressor. 

The hot rich oil leaves the bottom of the de-ethanizer 
and moves to the lean oil still where absorbed products 
are separated from the lean oil. Again, as in the case of 
the rich oil de-ethanizer, a two-diameter column is used 
because of the difference in loads between the top and 
bottom of the column. To supply the necessary stripping 
vapors in the still, the major part of the still bottoms is 
pumped to the furnace reboiler. The net lean oil bottom 
required by the absorption process is withdrawn and re¬ 
turns through the heat exchangers connected to the rich 
oil de-ethanizer, from which- it flows to the lean oil cooler. 
The products stripped from the lean oil are taken over- 
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head from the still and condensed. Reflux is pumped back 
to the column. The liquid products from this type plant 
are quite often sold as a mixed stream or can be frac¬ 
tionated in a separate plant. 

Cryogenic Processing. In the previous discussion, it 
has been shown that relatively high ethane recovery can 
be achieved by the combination of low temperature and 
appropriate lean oil circulation in an absorption plant. 
Under certain circumstances, it has become economic to 
process gas for high ethane recovery using only ex¬ 
tremely low temperatures at moderate pressure. Such 
plants are in the cryogenic category and have become 
practical and economic in the natural gas processing in¬ 
dustry with the development of the turbine type expan¬ 
der-compressor. This type of process is most appropriate 
where high pressure gas is available and the end use of 
the gas is at a low pressure and relatively close to the 
processing point. 

A flowsheet of the process is shown in Figure 10-16. 
The dehydrated plant feed enters the gas-gas exchanger 
where, by exchange with the plant residue, the feed tem¬ 
perature is lowered to 80°F. Even with a relatively dry 
gas, some liquid hydrocarbons will condense at these 
conditions. The liquid is separated and fed to the de¬ 
methanizer. The vapor proceeds to the turbine exhaust 


temperature at about — 150°F. The exhaust is a liquid- 
vapor mixture at these conditions and enters as feed at 
the top of the unrefluxed demethanizer. The turbine ex¬ 
pander, a very high-speed device rotating at speeds up 
to 25,000 RPM, is directly connected to the centrifugal 
compressor. Plants such as this normally recover 30- 
60% of the ethane entering in the plant feed stream. 

Adsorption Processing. Hydrocarbon recovery by ad¬ 
sorption is another method that becomes economic under 
certain conditions. This process depends upon the ability 
of certain solid materials to adsorb gases or liquids. Ma¬ 
terials that have the necessary properties for adsorption 
due to their large surface area of minute pores are ac¬ 
tivated carbon, bauxite, activated alumina, silica gel, and 
synthetic zeolites called molecular sieves. Hydrocarbon 
recovery units using these materials also remove water 
vapor from the gas stream. 

Solid bed adsorption is a cyclic batch type operation 
that operates continuously by the use of two (or more) 
adsorption towers as shown in Figure 10-17. While one 
tower is on a drying cycle, the other tower is being re¬ 
generated by heating the desiccant with hot gas that va¬ 
porizes the adsorbed hydrocarbons and water. The. hot 
regeneration gas containing the hydrocarbons and water 
vapor is cooled, condensing out most of the water and 
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Fig. 10-16. Cryogenic gas plant. 
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hydrocarbons that are drained from the system, and the 
regeneration gas returns to the wet, main gas stream. 

In a large system, the towers may contain several tons 
of desiccant. Switching of the gas flow through the beds 
and control of the cycles is usually automatic. The hy¬ 
drocarbon recovery units are also called fast cycle ad¬ 
sorption units because the cycles are quite short, 20 to 
40 minutes. The cycle length is related to the hydrocar¬ 
bons to be adsorbed and to the desiccant properties. 
Product recoveries are quite low, usually 70 to 90% of 
the pentanes and heavier. However, this same principle 
is used in a process marketed by one company in which 
an appreciable amount of ethane recovery is achieved. 
Units using this company’s process are reported to be 
comparable to an adsorption gas processing plant in re¬ 
spect to recovery efficiencies and investment. However, 
most hydrocarbon recovery units are applicable only to 
rather dry gases, and are often used where a minimum 
investment for relatively small gas volumes and short 
life are involved. 

Gas Dehydration 

There are three common methods by which water va¬ 
por is removed from natural gas. These involve the use 


of either a solid desiccant, a liquid desiccant, or refrig¬ 
eration. Solid desiccant dehydration, as in adsorption 
hydrocarbon recovery, depends upon the adsorption of 
water on bauxite, activated alumina, silica gel, or mo¬ 
lecular sieves. For dehydration, the cycles may be up to 
24 hours, and the water being more strongly adsorbed 
displaces most of the hydrocarbons that were adsorbed. 
Some hydrocarbon liquid is recovered with the con¬ 
densed water. Solid desiccant dehydration can produce 
essentially totally dry gas and is required for the feed 
gas for the cryogenic type gas processing plant. 

Liquid desiccant dehydration of gas uses a continuous 
contacting process with a very concentrated solution of 
triethylene glycol usually serving as the desiccant. A 
typical flow scheme of such a plant is shown in Figure 
10-18. While liquid desiccant dehydration does not pro¬ 
duce a totally dry gas, it can be used for almost all gas 
dehydration except that required for cryogenic plants. As 
shown by the flow diagram, gas enters the absorber, which 
is a trayed tower, and passes upward countercurrent to 
the glycol flowing downward. The water is absorbed by 
the glycol and leaves with it from the bottom of the ab¬ 
sorber. The water-rich glycol flows to the regenerator 
where the water is stripped out by heat. 

The water leaves the system as steam from the top of 



Fig. 10-18. Liquid desiccant dehydration unit. 
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the column. In some units, stripping gas is introduced 
into the column to effect a more complete removal of 
water. The amount of water removed and the dew point 
depression achieved are governed by the concentration 
of regenerated glycol, the glycol flow rate, the number 
of contact trays in the absorber column, and the tem¬ 
perature of the incoming gas. Dew point depressions of 
100°F are common and, with careful design, depressions 
of 150°F can be achieved. Liquid desiccant dehydrators 
are used extensively with the low temperature absorption 
type gas processing plants and for field locations since 
they normally require little attention. 

Dehydration by chilling the gas is accomplished in many 
plants in which hydrocarbon recovery is achieved by either 
condensation or low temperature absorption. Removal of 
water vapor by this method requires that the formation 
of hydrates and ice be prevented during the condensation 
and removal of the water from the system. This is achieved 
by injecting a solution of ethylene glycol into the gas 
stream being chilled. The resultant mixture of cold gas, 
water-glycol solution, and condensed hydrocarbons, if 
any, then pass to a tank where the glycol solution that 
includes the condensed water settles out in the lower layer 
and is drained from the tank. The water-rich glycol so¬ 
lution is regenerated in equipment similar to that used in 
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a glycol dehydration unit. However, in this unit, regen¬ 
eration of the glycol is usually limited to about an 85% 
solution and the flow is adjusted so that the water ab¬ 
sorbed dilutes it to about a 75% solution. 

Gas Sweetening 

Many natural gases available for processing or for sale 
are termed “sour” because they contain hydrogen sul¬ 
fide, which is an extremely poisonous gas. Gas sales 
contracts usually limit the amount of this compound to 
about 0.25 grains per hundred cubic feet (about four parts 
per million). If hydrogen sulfide is present in large 
amounts, it is removed by a sweetening unit of the type 
shown schematically in Figure 10-19. The chemicals used 
to remove hydrogen sulfide in this unit also remove car¬ 
bon dioxide. Both gases are identified by the general term 
of acid gas. 

One of the most commonly used materials for the re¬ 
moval of the acid gases is a water solution of monoetha- 
nolamine (MEA). Other common chemicals used to re¬ 
move acid gases are diethanolamine (DEA) and Sulfinol, 
which is a mixture of sulfolane, di-isopropanola- 
mine, and water. The first two chemicals remove acid 
gases by chemical reaction, while Sulfinol works on the 


Sweet gas 



Contactor 


Regenerator 


reboiler 


Fig. 10-19. Typical flow diagram of sweetening unit. 
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basis of chemical reaction plus physical absorption. There 
are other sweetening processes used commercially, and 
the flow schemes are all much the same; however, the 
three mentioned are those most widely used for the re¬ 
moval of acid gas. 

Referring to Figure 10-19, the sour natural gas enters 
the bottom of the contactor and moves upward counter¬ 
current to the flow of ME A solution. Gas meeting the 
required hydrogen sulfide specification leaves the top of 
the contactor. The rich MEA solution flows to the re¬ 
generator where, by means of heat, the acid gases are 
stripped from the MEA solution. The lean MEA solution 
is cooled by heat exchange and pumped back to the con¬ 
tactor. The acid gas and water vapor from the top of the 
regenerator pass through the acid gas cooler where most 
of the water vapor is condensed out and is pumped back 
to the regenerator as reflux. The contactor may operate 
at pressures from 50 psig to 1000 psig or more, while 
the regenerator operates at just slightly above atmo¬ 
spheric pressure. 


Some gases will contain only trace quantities of hy¬ 
drogen sulfide, but the concentration may exceed by sev¬ 
eral times that specified under the sales gas contract. In 
such cases, either a material called iron sponge or mo¬ 
lecular sieves are used to remove hydrogen sulfide. Iron 
sponge consists of iron oxide deposited on wood chips 
or shavings. The iron oxide is converted to iron sulfide 
in sweetening the gas and has a relatively short life. The 
molecular sieves are regenerated with heat just as they 
are in other adsorption type processes. 
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Fig. A-11 
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Gas Production Operations 
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Appendix C 


MOLLIER DIAGRAMS 
FOR NATURAL GAS 
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Appendix D 


COMPUTER SUBROUTINES 




Nomenclature 


ACCGR 

Acceleration pressure gradient, psi/ft 

ANG 

Angle of flow from horizontal, deg 

DIA 

Inside pipe diameter, ft 

DENG 

Gas density, lb^/ft 3 

DENL 

Liquid density, lb m /ft 3 

DPDL 

Total pressure gradient, psi/ft (negative), = 
-(ELGR + PRGR + ACCGR) 

ED 

Relative pipe roughness, — 

ELGR 

Elevation pressure gradient, psi/ft 

FRGR 

Friction pressure gradient, psi/ft 

FW 

In-situ volume fraction water in liquid, - 

GLR 

Producing gas/liquid ratio, scf/STBL 

GVIS 

Gas viscosity, cp 

HL 

Liquid holdup fraction, - 

HLNS 

No-slip liquid holdup fraction, — 

IHL 

Beggs and Brill inclined flow holdup 
correction factor option: 0 = no correction; 

0 = use Palmer correction factors 

IREG 

Flow regime indicator: 1 = Liquid; 2 = 

Gas; 3 = Bubble, Distributed, or Two- 
Phase; 4 = Slug or Intermittent; 5 = Mist 
or Segregated; 6 = Transition 

KHL 

Hagedom and Brown liquid holdup 
selection parameter: 0 = use H & B 
holdup; # 0 = use no slip holdup if greater 
than H & B holdup 

KREG 

Hagedom and Brown flow pattern 
modification selection parameter: 0 = no 
modification; # 0 = Griffith and Wallis 
Correlation for bubble flow calculations 


P 

Pressure, psia 

SURL 

Gas-liquid surface tension, dynes/cm 

VISL 

Liquid viscosity, cp 

VM 

Superficial mixture velocity, ft/sec 

XND 

Dimensionless diameter number, — 

XNGV 

Dimensionless gas velocity number, — 

XNL 

Dimensionless liquid viscosity number. 

XNLV 

Dimensionless liquid velocity number. 

ED 

Pipe relative roughness 

F 

Dependent variable array 

FF 

Darcy-Weisbach friction factor 

GVIS 

Gas viscosity, cp 

H 

Horizontal array 

HARG 

Value of horizontal variable 

IDEG, IV, IH 

Degree of interpolation (Use 1 or 2) 

NH 

Number of H entries 

NPTS 

Number of X and Y entries 

NV 

Number of V entries 

P 

Pressure, psia 

PR 

Reduced pressure 

REY 

Reynolds number 

SGFG 

Gas specific gravity (air = 1) 

T 

Temperature, °F 

TR 

Reduced temperature 

V 

Vertical array 

X 

X array 

XARG 

X value 

Y 

Y array 

Z 

Gas compressibility factor 
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c 

c 

c 

c 

c 

c 

c 

c 


c 

c 


c 

c 


c 

c 

c 


c 

c 


SUBROUTINE BEGBR (ANG, DIA, ED, P, VM, HLNS,DENG,DENL,GVIS,VISL, 

1 XNLV,HL,FRGR,ELGR,ACCGR,DPDL, IREG, IHL,IDH) 

SUBROUTINE TO CALCULATE PRESSURE GRADIENT IN -PSI/FT USING A 
MODIFIED BEGGS AND BRILL CORRELATION. 

THE HORIZONTAL FLOW REGIMES CORRESPONDING TO IREG ARE: 

IREG=1 LIQUID 
IREG=2 GAS 
IREG=3 DISTRIBUTED 
IREG=4 INTERMITTENT 
IREG=5 SEGREGATED 
IREG=6 TRANSITION 

CONVERT INCLINATION ANGLE TO RADIANS. 

A=ANG*3.1416/ISO. 

CALCULATE SUPERFICIAL VELOCITIES AND MIXTURE FROUDE NUMBER. 

VSL=VM*HLNS 

VSG=VM— SL 

XNFR=VM**2/(32.2*DIA) 

CHECK FOR SINGLE PHASE FLOW. 

IREG=5 

IF (HLNS.GT..99999) IREG=1 
IF (HLNS. LT. .00001) IF:EG=2 
IF (IREG.GT.2) GO TO 1 
HL=HLNS 
60 TO 12 

DETERMINE FLOW REGIME USING REVISED FLOW PATTERN MAP. 

1 ITRAN=0 

XL1=316*HLNS*#.302 
XL2=.0009252/HLNS**2.46842 
aL3=.1/HLNS#*1.45155 
XL4=.5/HLNS**6.738 
XDD=XL1 

IF (HLNS.LT..Ol) GO TO 2 
IF (HLNS.GT..4) XDD=XL4 

IF (XNFR.GE.XL2.AND.XNFR.LT.XL3) ITRAN=1 
IF (XNFR.GE. XL.3. AND. XNFR. LT. XDD) IREG=4 
IF (XNFR.GE.XDD) IREG=3 
GO TO 3 

2 IF (XNFR.GE.XL1) IREG=3 

DETERMINE HORIZONTAL FLOW LIQUID HOLDUP AND C-FACTOR COEFFICIENTS 
FOR UPHILL FLOW. 

3 1=IREG-2 

GO TO (4,5,6),I 

DISTRIBUTED FLOW. 

4 HL0=1.065*HLNS**.5824/XNFR**.0609 
D=1. 

E=0. 

F=0. 

G=0. 

GO TO 7 


C 
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D=2.96 
E=.305 
F=—.4473 
G=-0978 
GO TO 7 

SEGREGATED FLOW. 

6 HLO=.9S*HLNS**.4846/XNFR#*.0868 
D=.01 1 
E=—3.768 
F=3.539 
G=—1.614 


RESTRICT MINIMUM VALUE OF HLO. 

7 IF (HLO.LT.HLNS) HLO=HLNS 

CHECK FOR HORIZONTAL FLOW. 

IF (A.NE.O.) GO TO 8 

HL=HLO 

GO TO 10 

FLOW IS INCLINED. CALCULATE C-FACTOR. 

8 IF (A.GT.O.) GO TO 9 
DOWNHILL C-FACTOR COEFFICIENTS. 

D=4.7 

E=—.3692 
F=.1244 
G=—.5056 

CALCULATE THE C-FACTOR. 

9 C=(l.—HLNS)*ALOG(D*HLNS**E*XNLV**F*XNFR**G) 

IF IC.LT.O.) C=0. 

CALCULATE THE ANGLE CORRECTION FACTOR AND THE CORRECTED LIQUID 
HOLDUP FRACTION. 

XX=SIN(1.8*A) 

FAC=1. -t-C* (XX-. 333*XX**3) 

CHECK TO BE SURE FAC IS NOT NEGATIVE. 

IF (FAC.LT.O.) FAC=0. 

HL=HL0*FAC 
IF (HL.GT.l) HL=1. 

APPLY PALMER HOLDUP CORRECTION FACTORS IF DESIRED. 

IF (IHL.EQ.O) GO TO 10 
IF (ANG.LT.O.) HL=HL*.541 
IF (ANG.GT.O.) HL=HL*.918 

CHECK FOR TRANSITION FLOW. 

10 IF (ITRAN.LT.1) GO TO 12 
IF (IREG.LT.5) GO TO 11 
HLS=HL 

IREG=4 
GO TO 3 

11 HLI=HL 

AA=(XL3—XNFR)/(XL3-XL2) 

B=1.-AA 

HL=HLS*AA+HLI*B 

CALCULATE MIXTURE FLUID PROPERTIES. 

12. DENNS=DENL*HLNS+DENG* <1.-HLNS) 

DENS=DENL*HL+DENG*(1.-HL) 

VISNS=VISL*HLNS+GVIS*(1.-HLNS) 

CALCULATE MOODY DIAGRAM FRICTION FACTOR. 
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CALCULATE MOODY DIAGRAM FRICTION FACTOR. 

REYN=1488.*DENNS*VM*DIA/VISNS 

FF=1. / (1. 14-2. *AL0G10<ED-t-21.25/REYN**. 9) ) **2 
IF (IREG.LE.2) GO TO 13 

CALCULATE TWO PHASE FRICTION FACTOR. 

Y=HLNS/<HL#*2> 

X=ALOG(Y> 

S=X/(-.0523+3.182*X-.8725*X#*2+.01853*X**4> 

IF (Y.GT.1..AND.Y.LT.1.2) S=ALOG(2.2*Y-1.2) 

FF=FF*EXF'(S) 

CALCULATE FRICTION. ELEVATION, ACCELERATION AND TOTAL PRESSURE 
GRADIENTS. 

13 FRGR=FF*DENNS*VM**2/<2.*32.2*DIA*144. ) 

ELGR=D£NS*SIN(A)/I44. 

IF <IDH.EQ.0)GO TO 16 
IF(A.GT.0-)GO TO 16 
ELGR=DENG *SIN(A)/144. 

16 CONTINUE 

EKK=DENS*VM*VSG/(32.2*P*144.) 

IF (EKK.GT..95) GO TO 14 
DPDL=— < FRSR+ELGR)/(1.-EKK) 

ACCGR=~EKK*DPDL 

RETURN 

14 WRITE (108,15) 

15 FORMAT (IX,-'APPROACHING CRITICAL FLOW. STOP CALCULATIONS') 

STOP 

END 
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SUBROUTINE HAGBR (ANG,DIA,ED,P,VM,HLNS,DENG,DENL,GVIS.VISL, 

1 XNL, XNLV, XNGV, XND, HL, FRGR, ELGR, ACCGR, DPDL, IREG, K'REG, KHL) 

SUBROUTINE TO CALCULATE LIQUID HOLDUP AND PRESSURE GRADIENT 
USING THE HAGEDORN AND BROWN CORRELATION. THE ACCELERATION 
PRESSURE GRADIENT IS CALCULATED WITH THE DUNS AND ROS EQUATION. 

THE FLOW REGIMES CORRESPONDING TO IREG ARE: 

IREG=1 LIQUID 
IRE6=2 GAS 
IREG=3 BUBBLE 
IREG=4 SLUG 

DIMENSION XHL(12) , YHL(12) , XCNL(10),YCNL<10),XPSI(12),YPSI(12) 
DIMENSION XHLL(12),XCNLL(10),YCNLL(10) 

ENTER DATA ARRAYS FOR LIQUID HOLDUP CORRELATION. 

DATA XHL/ 

1-2,.5,1.,2.,5. ,10., 20.,50.,100. ,200. ,300. , lOOO./ 

DATA YHL/ 

1.04,.09,.15..18,.25,.34,.44,.65,.82,.92..96,1./ 

DATA XCNL/ 

1.002, . 005, . 01, . 02. . 03,.06,.1,.15,.2,.4/ 

DATA YCNL/ 

1.0019,.0022,.0024, .0028,.0033,.0047,.0064,.008, .009 0115/ 

DATA XPSI/ 

I. 01,.02,.025,.03,.035,.04,.045,.05,.06,.07,.08,.09/ 

DATA YPSI/ 

II. , 1. 1, 1.23,1.4, 1.53, 1.6,1.65,1.68,1.74, 1.78, 1.8,1.83/ 

CONVERT INCLINATION ANGLE TO RADIANS. 

A=ANG*3.1416/180. 

CALCULATE SUPERFICIAL VELOCITIES. 

VSL=VM*HLNS 
VSG=VM—VSL 

CHECK FOR SINGLE PHASE GAS OR LIQUID FLOW. 

IF (HLNS.LT.l.) GO TO 1 
HL=1. 

DENNS=DENL 
IREG=1 
GO TO 6 

1 IF (HLNS.GT.O.) GO TO 2 
HL=0. 

DENNS=DENG 
IREG=2 
GO TO 6 

CHECK FOR BUBBLE FLOW. 

2 XLB=1.071-.22S1*VM**2/DIA 
IF (XLB. |_T. .13) XLB=. 13 
HGNS=1.—HLNS 

IF (HGNS.GT.XLB) GO TO 3 
IREG=3 

IF (KREG.EQ.O) GO TO 3 
VS=. 8 

HL=1 . -. 5* ( 1. +VM/VS-SQRT ( (1. t-VM/VS) *#2. -4. *VSG/VS) ) 

IF (HL.LT.HLNS) HL=HLNS 
DENS=DENL*HL+DENG* (1 . -Hi? 
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HL=1.5* <1.+VM/VS—SQRT<(l.+VM/VS)**2.-4. *VSG/VS>) 

IF (HL.LT.HLNS) HL=HLNS 
DENS=DENL*HL+DENG* (1. -Hi? 

REYNB=1488.*DENL*(VSL/HL)*DIA/VISL 

FF=1-/(1.14—2.*AL0G10(ED+21.25/REYNB* *.9))**2 

CALCULATE ELEVATION AND FRICTION GRADIENTS AND ACCELERATION TERM 
FOR BUBBLE FLOW. 

ELGR-DENS*SIN(A)/144. 

FRGR=FF*DENL* (VSL./HL) **2/ (2. *32. 2*DIA*144. ) 

EKK=0. 

GO TO 7 

PREPARE HOLDUF CORRELATION ARRAYS FOR INTERPOLATION. 

3 do 4 k:=i,io 

XCNLL <K)=ALOG < XCNL (K)) 

4 YCNLL(K)=ALOG(YCNL(K)) 

DO 5 K=1,12 

5 XHLL(K)=ALOG <1.E-05*XHL(K)) 

IREG=4 

CALCULATE LIQUID HOLDUP. 

XX=ALOG <XNL) 

CNL=EXP(FLAGR(XCNLL,YCNLL,XX,2,10)) 

X X=ALQG(XNLV*CNL/(XNGV* *.575* XND)*(P/14.7)* *. 1) 

HL=FLAGR < XHLL,YHL,XX,2,12) 

X X = XNGV*XNL* *0.38/XND**2.14 
F‘SI=FLAGR < XF'SI, YF'SI,XX,2, 12) 

- IF (PSI.LT.1.) PSI=1. 

HL=HL*PSI 

IF (HL.LT.O.) HL=0. 

IF (HL.GT.l.) HL=1. 

IF (HL.GT.HLNS) GO TO 6 
IF (KHL.EQ.O) HL=HLNS 

CALCULATE NO-SLIP AND SLIP MIXTURE DENSITIES. 

6 DENNS=DENL*HLNS+DENG*(1.—HLNS) 

DENS=DENL*HL+DENG* <1.-HL) 

CALCULATE FRICTION FACTOR. 

VISS=VISL**HL*GVIS**(1.-HL) 

REYN=1488.*DENNS*VM*DIA/VISS 

FF=l./(l.14-2.*AL0G10(ED+21.25/REYN**. 9) )**2 

CALCULATE ELEVATION, FRICTION, ACCELERATION, AND TOTAL PRESSURE 
GRADIENTS. 

ELGR=DENS*SIN(A)/144. 

FRGR=FF*DENNS**2*VM**2/(2.*32.2*DIA*DENS*144.) 

VSG=VM*(1.—HLNS) 

EKK=DENS*VM*VSG/(32.2*P*144.) 

IF (EKK.GT..95) GO TO 8 

7 DPDL=-(ELGR+FRGR)/(1.—EKK) 

ACCGR=-DF'DL*EKK 

RETURN 

8 WRITE (10,9) 

9 FORMAT (IX,’APPROACHING CRITICAL FLOW. STOP CALCULATIONS’) 

STOP 

END 
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SUBROUTINE ZFACHY (T,P,SGFG,Z) 

C 

C CALCULATE GAS COMPRESSIBILITY FACTOR USING THE HALL AND 

C YARBOROUGH CORRELATION FOR CURVE FITTING THE STANDING— 

C KATZ REDUCED PRESSURE-REDUCED TEMPERATURE Z-FACTOR 

C CHART. (OIL AND GAS JOURNAL, JUNE 18, 1973, PG. 82, AND FEBRUARY 

C 18, 1974, PG. 86) 

C 

C CALCULATE CRITICAL AND REDUCED TEMPERATURE AND PRESSURE. 

TC=169.0+314.0 * SGFG 
PC=708.75-57.5*SGFG 
TR=(T+460.O)/TC 
PR=P/PC 

IF REDUCED TEMPERATURE IS LESS THAN 1.01, CALCULATE A Z-FACTOR 
FOR A REDUCED TEMPERATURE VALUE OF 1.0. 

IF (TR.GT.1.01) GO TO 1 
RT =1.0 
GO TO 2 

1 RT=1.O/TR 

CALCULATE TEMPERATURE DEPENDENT TERMS. 

2 A=0.06125*RT*EXP(-1.2*(1.-RT>**2) 

B=RT#(14.76-9.76*RT+4.58*RT*RT) 

' C=RT*(90.7-242.2*RT+42.4*RT*RT) 

D=2.18+2.82#RT 

CALCULATE REDUCED DENSITY, Y, USING THE NEWTON-RAPHSON METHOD. 
Y=.001 
DO 4 J=1,25 
IF (Y.GT.l.) Y=. 6 

F=-A*PR+(Y+Y*Y+Y**3-Y**4) / < 1. -Y) *#3-B*Y*Y+C#Y**D 
IF (ABS(F).LE.l.E-4) GO TO 5 

IF CONVERGENCE IS NOT OBTAINED IN 25 ITERATIONS, SET Z=1.0 AND 
RETURN. 

IF (J.LT.25) GO TO 3 
Z=1.0 
RETURN 
C 

3 DFDY=(1.+4.*Y+4.*Y*Y-4.*Y**3+Y**4)/<1.-Y)**4 
1-2.*B*Y+D*C*Y**(D—1.) 

Y=Y—F/DFDY 

4 CONTINUE 
C 

C CALCULATE Z-FACTOR. 

5 Z=A*PR/Y 
C 

RETURN 

END 
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SUBROUTINE GASVIS <T, SGFG, F', GVIS) 

C 

C CALCULATE VISCOSITY OF HYDROCARBON GASES USING THE LEE ET AL 

C CORRELATION (TRANSACTIONS AIME, 1966, PG. 997). 

C 

TABS=T+460. 

W=SGFG*29. 

AK=(9.4+.02*W)*(TABS**1.5)/(209.+19.*W+TABS> 

X=3.5+(986./TABS)+.01*W 
Y=2.4-.2*X 
C 

C ^ CALCULATE GAS DENSITY, GM/CC. 

. CALL 2FACHY (T,P,SGFG,Z) 

RHOG=P*W/(10.72*Z*TABS*62.4) 

C 

C CALCULATE GAS VISCOSITY,CP. 

GVIS=AK*EXP(X*RHOG**Y)/lOOOO. 

C 

RETURN 

END 
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c. 

c 

c 

c 

c 

c 

c 


c 

c 

c 

o 

c 


FUNCTION FLAGR2 <V,H,F,NV,NH, IV, IH,VARG,HARG) 

FLAGR2 IS A FUNCTION SUBPROGRAM FOR PERFORMING DOUBLE INTER- 
- FOLATION. IT CALLS FLAGR (LISTED ON A FOLLOWING PAGE) FOR EACH 
INTERPOLATION. 

V IS THE ROW (VERTICAL) ARRAY. 

H IS THE COLUMN (HORIZONTAL) ARRAY. 

F IS THE FUNCTION VALUE MATRIX. 

NV AND NH ARE DIMENSIONS OF THE VERTICAL AND HORIZONTAL ARRAYS. 
IV AND IH ARE DEGREES OF INTERPOLATION IN THE V AND H ARRAYS. 
VARG AND HARG ARE ARGUMENTS FOR WHICH INTERPOLATED FUNCTION 
VALUES ARE DESIRED. 

DIMENSION V(2), H(2),F(2),X(50),Y(50) 

DO 20 0=1,NH 
DO 10 1=1,NV t 

K=I+(J-1)*NV 
10 X(I)=F(K) 

20 Y(J)=FLAGR(V,X,VARG,IV,NV) 

FLAGR2=FLAGR(H,Y,HARG,IH,NH) 

RETURN 

END 

FUNCTION FLAGR (X,Y,XARG,IDEG,NPTS) 

INTERPOLATION ROUTINE SIMILAR TO FLAGR IN APPLIED NUMERICAL 
METHODS BY CARNAHAN, LUTHER. AND WILKES, JOHN WILEY AND SONS, 

PG. 31. 

FLAGR USES THE LAGRANGE FORMULA TO EVALUATE THE INTERPOLATING 
POLYNOMIAL OF DEGREE IDEG FOR ARGUMENT XARG USING THE DATA 

VALUES X (MIN).X(MAX) AND Y (MIN).Y (MAX) WHERE MIN = 

MAX-IDEG. THE X(I) VALUES ARE NOT NECESSARILY EVENLY SPACED 
AND CAN BE IN EITHER INCREASING OR DECREASING ORDER. 

X IS THE ARRAY OF INDEPENDENT VARIABLE DATA POINTS. 

Y IS THE ARRAY OF DEPENDENT VARIABLE DATA POINTS. 

XARG IS THE ARGUMENT FOR WHICH AN INTERPOLATED VALUE IS DESIRED. 
IDEG IS THE DEGREE OF INTERPOLATING POLYNOMIAL (1 IS LINEAR, 

2 IS QUADRATIC, ETC). 

NPTS IS THE NUMBER OF DATA POINTS IN X ANDY. 

DIMENSION X(1),Y(1) 

N=I ABS (NF'TS) 

N1=IDEG+1 
L= 1 

IF (X (2) . GT. X (1) ) GO TO 1 
L=2 

CHECK TO BE SURE THAT XARG IS WITHIN RANGE OF X(I) VALUES 
FOR INTERPOLATION PURPOSES. IF IT IS NOT, SET FLAGR EQUAL 
TO THE APPROPRIATE TERMINAL VALUE (Y(l) OR Y(N)) AND RETURN. 
NOTE THAT THIS PRECLUDES EXTRAPOLATION OF DATA. 
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GO 

TO (2,3),L 



IF 

(XARG.LE.X(1)) 

GO 

TO 

•IF 

(XARG.GE.X(N)) 

GO 

TO 

GO 

TO 6 



IF 

(XARG.GE.X(1)) 

GO 

TO 

IF 

(XARG.LE.X(N)) 

GO 

TO 

GO 

TO 6 




4 FLAGR=Y(1) 

RETURN 

5 FLAGR=Y"(N> 

RETURN 

DETERMINE VALUE OF MAX. 

6 GO TO (10,20),L 

DATA ARE IN ORDER OF INCREASING VALUES OF X. 

10 DO 11 MAX=N1,N 

IF (XARG.LT.X(MAX)) GO TO 12 

11 CONTINUE 

DATA ARE IN ORDER OF DECREASING VALUES OF X. 

20 DO 21 MAX=N1,N 

IF (XARG.GT.X(MAX)) GO TO 12 

21 CONTINUE 

COMPUTE VALUE OF FACTOR. 

12 MIN=MAX-IDEG 
FACTOR=1. 

DO 7 I=MIN,MAX 
IF (XARG.NE.X(I)) GO TO 7 
•FLAGR=Y (I) 

RETURN 

7 FACTOR=FACTOR*(XARG-X <I)) 

EVALUATE INTERPOLATING POLYNOMIAL. 

YEST=0. 

DO 9 I=MIN.MAX 

TERM=Y(I)^FACTOR/(XARG-X(I) ) 

DO 8 J=MIN,MAX 

IF (I.NE.J) TERM=TERM/(X(I)-X(J)) 

8 CONTINUE 

9 YEST=YEST+TERM 
FLAGR=YEST 

RETURN 

END 
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This appendix contains listings of the following programs: 

BHOLE —for conversion of wellhead pressures to bottom hole 
pressures; 

P-PSI —for conversion of pressures to pseudo-pressures; 

and the following subroutines: 

FFCFLO—for use with BHOLE to calculate friction factors; 

VISCY —for use with BHOLE and P-PSI to calculate natural gas 
j viscosities; 

5 XLGR4 —for use with VISCY to interpolate viscosity tables; 

ZANDC —for use with BHOLE and P-PSI to calculate natural gas 
compressibility factors. This subroutine also calculates 
natural gas compressibilities. 

The program and subroutines listings are self-explanatory. 

, Examples D-l to D-8 given in this appendix illustrate the various options 

j of the program BHOLE. 


Description of Input Data for Program BHOLE 


Card no. 



KODEA 

= 



1 

2 

3 

4 

Description 

Format 

1 

1 

1 

1 

Title 

17A4, A2 

2 

2 

2 

2 

KODEA, KODEB 

215 

3 

— 

— 

— 

Specific gravity of the gas 

FI 0.4 


3 



Specific gravity of the gas, mole 
fractions of hydrogen sulphide, 
carbon-dioxide and nitrogen 

4F10.4 

— 

— 

3 

3 

Complete gas composition ■ 

12F6.4 




4 

Pseudo-critical temperature, pseudo- 
critical pressure and molecular 
weight CT 

3F10.2 

4 

4 

4 

5 

Tubing diameter, well depth, tubing 
length and absolute roughness of 
tubing 

4F10.4 

5 

5 

5 

6 

Flow rate, wellhead temperature, 
bottom hole temperature, wellhead 
pressure, estimated bottom hole 
pressure 

5F10.4 


Description of Input Data for Program P-PSI 


Card no. 

Description 

Format 

1 

Title 

17A4, A2 

2 

Maximum pressure, pressure increment, 
gas temperature and specific gravity 

4F10.4 

3 

Pseudo-critical temperature, pseudo- 
critical pressure, mole per cent of H 2 S, 
C0 2 and N 2 

5F10.4 
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PROGRAM N + M£ - BHULE, BOTTOM HQcE P*fcSSURtS IN GAS WELLS 

PURPOSE - THIS PROGRAM CONVERTS STATIC AND FLOWING 

WELLHEAD PRESSURES TO CORRESPONDING BOTTOM 
HOLE PRESSURES 

METHOD - BOTTOM HOLE PRESSURES ARE CALCULATED BY THE 

METHOD OF CULLENDER £ SMITH (1<J56), AS 
MODIFIED BY kill Ii9t,7A|. THE HQDIF1CAT1UN 
INVOLVES USAGE OF A ONt-STEP. THIRD-CROE S 
NUMERICAL INTEGRATION SCHEME INSTEAD OF 
SIMPSON’S RULE 


FORTRAN IV 


SUBROUTINE5 USED 

- FFCFLO 

- viscr 

- XLGR4 

- 2 AN DC 

DATA INPUT# OUTPUT AND VARIABLES 
ABSRNS 
Mil 

CNCH2S 
CNCC02 
CNCN2 
CUT 


KOOEB 

LTH 

rut 
MWT 1 
NCOMP 

FRSCI 

PRSPC 

PRST 

PRS w 
FRSUE 

RTEG 
STEMC I 
SPRSC I 
5 HWII 
SPG % 


TEMT 

TEMW 


ABSOLUTE ROUGNESS OF THE FI PE. AS$U**£0 ECUAL TO 
G.vCCbC IF READ ZERO. 

PARAMETERS IN THE uNE-STEP, THIRD-ORDER NUMERICAL 

INTEGRATION SCHEME OF AZIZU967AI 

HGL PERCENT H2S IN NATURAL GAS 

MCI PERCENT C02 IN NATURAL GA5 

HGL PERCENT N2 IN NATURAL GAS 

TUBING INSIDE DIAMETER# INCHES. FOk PRODUCTION 
THRQGH CASING REPLACE WITH EFFECTIVE DIAMETER 
HELL DEPTH, FEET 

MOL FRACTION OF COMPONENT (11. READ IN FCtiCWlNG 
ORDER - H2S, C02» N2, Cl# C2# C3» IC+. NC + . ICS. 
NC5# C6» C74 

1 - SWEET GAS. READ SPECIFIC GRAVITY. SPG 

2 - SOUR GAS. READ SPG .-NO MOLE PcWCtNT HYDROGEN 

SULPHIDE. CNCH2S. CaRBON DIOXIDE, CNCCD2. AND 
NITROGEN. CNCN2 

3 - SWEET OR SOUR CaS. READ COMPLETE COMPOSITION. 

MOLE FRACTION H2S. C02. N2, Cl. C2. C3. It+. 
NC4. ICS. NC5. Cfc. C?4. ASSUME PROPERTIES CF 

C7* EOUAL tu cb properties 

4 - SAME AS KOOtA-3, ALSO READ CRITICAL PRESSURE. 

PR5CU1Z), CRITICAL TEMPERaTUmE. TEMCIU2I. 

AND MOLECULAR wtl GMT. MWT 1(121 OF C7# FRACTION 

1 - STATIC PRESSURE CALCULATION 

2 - FLOWING PRESSURE CALCULATION 

LENGTH OF FLOW STRING, FEET. FOR VERTICAL WELLS 
READ ZERO. NEGATIVE FOR INJECTION WELLS. 

MOLECULAR WEIGH? JF THE NATURAL GAS 
MOLECULAR WEIGHT OF COMPONENT I. 

NUMBER OF COMPONENTS IN NATURAL GAS .USUALL Y THE 
TWELVE LISTED ABOVE. READ FOR KOOEA-3 £ KOOcA#* 
CRITICAL PRESSURE OF CJMPONfcNT I. 

PSEUDO-CRITICAL PRESSURE OF THE NATURAL GAS. PSIA 
STATIC OR FLOWING WELLHEAO (TUP HOLE1 PRESSURE. 
P51A. READ MEASUREO VALUE. 

STATIC DR FLOWING BOTTOM HOLE PRESSURE, 

PSIA. CALCULATED AT THIS PROGRAM. 

STATIC OR FLOWING BOTTOM HQLt PRESSURE. 

PSIA. READ ESTIMATED VALUE. IF CANNOT ESTIMATE# 
READ ZERO. 

GAS FLCW RATE AT STANDARD CONDITIONS (14.65 PSU# 

bC DEGREES Ft. MM5CFD. kEaO ZERO FOR STATIC CASE. 

WHEN MODEA "A » THE uRIGINAL VALLE OF TtMC1(121 IS 

STGfttO BEFORE THE NEW VALUE IS REAC 

WHEN KOOEA.+# THE ORIGINAL VALLE Of PRSCM12) IS 

STGREO BEFORE THE NEW VALUE IS READ 

WHEN KOOEA-A, THE ORIGINAL VALLE OF HwTl(12 I IS 

STORED BEFORE THE NEW VALUE IS READ 

SPECIFIC GRAVITY Of THE NATURAL C*S# EITHER REAO 

045 composition 

CRITICAL TEMPEKATURe CF COMPONENT 1. 
PSEUDO-CRITICAL TEMPERATURE Of THE NATURAL GAS. 
OECREES K 

hole ‘ uwE8 ‘ ,uae ' 

STATIC OR FLOWING BOTTOM HC.Lt TEMPERATURE. 

DEGREES f. READ MEASURED VALUE. 

!M^ G ?^9 S .A N , THE cullendek and smith method, see 

ALSO AZIZ(l9o7AI 

NA1 URAL GAS COMPRESSIBILITY FACTOR CALCULATED BY 
SUBROUTINE ZANCC 


REAL HwTI, MWT. LTH 


, PkSC 11121 
PRSPC 


MWTK12). A<11. 
TEMPC. SPG. OUT, RTEG# 


DATA IR/1/# 1W/3/, NCOMP/12/ 

DATA TEMCI / 

A672.37, 5+7.57, 227.2?, 3+3.J 
B73*.<>$, 765.32# 82B.77, 845.3 

DATA PRSCI / 

A13G6.0. 1071.C. 493.vL. -367.8j» 7«7. 
B529.10# 550.?C. 49C.4C. 406.6.;. 436. 

DATA MWTI / 

A34.C76. 44.01C, 26.013. 16.U42# 3C.o 
B58.124# 58.124» 72.151. 72.*51. «b. * 

OATA A /1.125, C.375. b.375. ^.125/ 


REAO AND WRITE FORMAT STATEMENTS 


4 .UO 
101 
1 m2 
103 


FORMAT 

FORMAT 

FORMAT 

FORMAT 

FORMAT 

FORMAT 

FORMAT 


15X» 'PIPE* #1CX. 
PRESSURE# PSIA'/iH , 
‘ ‘ BSOLUTE* #5X# 


206 

207 

208 

209 

210 
211 
212 

213 

214 

215 

300 

301 


FORMAT 

FORMAT 

FORMAT 

FORMAT 

A 

FORMAT 

FORMAT 

FORMAT 

FORMAT 

FORMAT 

FORMAT 

FORMAT 

FORMAT 

A 

FORMAT 


I17A4, A2I 
( 12F6.4I 
<8151 
(8F10.4 I 
I3F10.2 ) 

(1H . 17A4# A2#/t 

(1H0# 'INPUT DATA:'//1M »5X# 'WELL* 

.§i S . Fl -O w * * 3X» 'TEMPERATURE' #4X, 

•DEPTH' ,4 X, 'LENGTH* . 3X# 'INSIDE . ._ . 

•RATE* »6X, 'DEGREES F' #I2X# 'BOTTOM'/ JH ,5X. 'FEET 
EX, 'DIAMETER* ,2X, 'ROUGHNESS* «3X» 'MMSCFO* •3X, 

,3X, 'WELL' ,4X, 'HOLE'/ 1H ,23X, 
•INCHES' ,19X, 'HEAD* ,4X, 'HOLE* ,4X.*H£AD USSUMECt'/t 
( 1H , fb.O, 3X, Fb.O, iX» f5.3, 5X, F5.4, 5X* F6.3, 3X, 
U.C, 4X, F4.C» IX. Zi 3X. F5.V.J //) 

(1H . 'GAS CGMPDSIT ION# MOLE FRACTION*// 1H ,IX. *H2S* , 
4X# *C02' # 5X» *N2'» 

( 1H , F 5.4, 2(2X» F 5.4)/ 1 

< 1H ,2X, *C1* ,5X, *C2' .5X, *C3* ,4X, *IC4' ,4X, *NC4 * , 
4X. * l C5' ,4X, * NC 5 * ,5X, * C6' ,-.X. 'C7-*'l 
F 5.4, B(2X, F 5.4)/ 1 
'PROPERTIES OF C?#*> 

•PSEUCO-CRITICAL PRESSURE. PSIA* ,16X. •«• , F7.2I 
* PSEUOO-C RITI CAL TEMPERATURE# DEGREES hANKINc ■» , 


( 1H # 
C 1H # 
( 1H0# 
I lHw 
F 7. 2) 
( 1H0, 
( IHu. 
( 1H0, 
( IMG# 
( 1H , 
( IHu, 
I 1H0 
( 1 M 0 


•MOLECULAR WEIGHT* ,3„X. 

■GAS GRAVITY* ,35X, * . F 

•CALCULATED GAS PROPERTIES:•1 
79I1H*)J 

•GAS GRAVITY -• , F7.4) 

•GAS GRAVITY «• # F7.41 
•NO CONVERGENCE'! 

- * STATIC BUTTON HOLE PRESSURE - 

-NUMBER OF ITERATIONS 12) 

(1H0. 'FLOWING BOTTOM HOLE PRESSURE 
•NUMBER OF ITERATIONS ■*. 12! 


F6.l» 19X, 


412 

E 

C 


414 

+ 15 


* REAO TITLE# KODEA, KOOEB AND THE APPROPRIATE INPUT, 

• REQUIRED BY THE VALUE OF KQDEA# TO CALCULATE THE PSEUDG- 

• CRITICAL TEMPERATURE, PSEUDO-CRITICAL PRESSURE AND THE 

* MOLECULAR WEIGHT OF THE NATURAL GAS 


REAO IIft»10G»£ND*415) TITLE 
WRITE tU, 3G3) 

WRITE <!W# 2001 TITLE 

REAC (IR, iC2) KODEA, KQDEB 

WRITE 1IW, 201» 

If (KODE A .G£. 31 GO TO 401 
REAC « If,\ 1031 SPG,- (FRC 1(1 
CNCH2S - FRc1(1) ♦ ICO. 

CNCCQ2 - FRC1(21 * 100. 

CNCN2 - FRCII3) * ICO. 

GO TO 4j>2 


- Hr, icii . _ . 

l5 e «?°I‘ii!,Ji.5]. GO ,0,0E 

IMIS': Mlfliif 

REAO (1R, 104) TEMC1I121 
CNCH2S - FRCIII) • ICO. 
CNCC02 - FRC K 21 * 100. 

CNCN2 - FRCI*3) * ICO. 

GO TO 40 + 


(FRCItl), I - 1, NCOMP) 


PRSCI(12), MWT1(12) 


rWT * SPG • 28.964 

TEMPC - 170.491 ♦ 307.34+ • SPG 

PRSFC - 709.604 - 56.718 • SPG 

GO TO 401 

MWT * 0.0 

TEMPC • 0.0 

PRSFC - 0.0 

00 405 I - 1, NCOMP 

MWT « MWT 4 MWTKI) 4 FRCU1I 

TEMPC - TEMPC ♦ TEMCI (I ) • FRC Ml) 

PRSPC - PRSPC PRSCI (II • FRC Ml) 

SPG • MWT / 26.964 


408 

409 


• READ REMAINING INPUT DATA. WRITE CALCULATED GAS PROPERTIES • 

READ ( IR, 1C 3) OUT, OPH. LTH, ABSRNS 
READ HR, 1C 31 RTEG, TEMT, TEMW, PRST, P8SWE 
IF (PRSWE .EQ. 0.1 PRSWE - PRST 4 200. 

PRSW - PRSW? 

IF ILTH .EQ. C.) LTH - OPH 

WRITE (IW, 2021 DPH, (.TH# OUT, ABSRNS, RJEG# T EMI, TEMW, 

A P PST# PRSWE 

IF (KODEA .GT. 1) GO TO +07 
WRITE (IW* 21+) SPG 
GO TO 41C 
WRITE IIW, 2G3) 

WRITE ( IW, 2C + ) FRC M 11 , FRCII2), FRC M3) 

IF (KODEA .GT. 2) GO TO 406 
WRITE IIW. 215) SPG 
GO TO +1C 
WRITE IIW, 2C5) 

WRITE ( IW, 2C6) (FRC Ml), 1 - 4, NCOMP) 

If IKOOEA .EQ. 4) CO TO +09 
GO TO +1C 

- **- 2u7) 

206) PRSC 1(12) 

209) TEMC 1112) 

210) MWTI(12) 

- SPRSC 1 

- STEMC1 

) • 5MWTI 

21“ 


WRITE I IW, 
WRITE ( IW, 
WRITE I IW, 
WRITE IW, 
PRSCI ( i) 
TEMCI I ;» 
MWT I ( 
WRITE 
WRITE 
WRITE 
writ" 


< iw 


«»s 


•IIjf' 


IW, 211) SPG 


• START CF BCTTCM HOLE PRESSURE CALCULATION 


ft Ec d £ m io.o. 

CALL ZANCC (TEMT, TEMPC, PRST, PRSPC# CNCH2S. 

A CNCC02, ZED# Cmpg, 1ERR) 

PTZ - (TEMT 4 +60.) * ZEO / PRST 

1TEF - 0 

IF (KQOEE .EO. 2) CALL FFCFLO (TEMT# PRST# PTZ) 
YY • All) 4 PTZ 

PRS - PRST 

TEM - TEMT 


ITER 
PRS1NC 
TEMINC 


ITER 4 I 
(PRSW - PRST) 
(TEMW - TEMT) 


• INTEGRATION LOOP 


DO 412 1 - 2, 4 

PRS « PRS ♦ PRSINC 

TEM . TEM 4 TEMINC 

CALL ZANCC (TEM, TEMPC. PRS# PRSPC. 

* _„ CNCC02. ZEO. CMPG, IERR) 

PTZ - (TEM ♦ +60.) • ZED / PRS 
IF IKQDEfi .EC. 21 CALL FFCFLO (TEM, 

V • Y # All) * PTZ 


♦ NCWT0N-RAPH50N ITERATION 


(PRSW - PRST) 

♦ FUN / PTZ 
(PRSW - PRSN) / 


FUN 
PRSN 

ERROR . 

PRSW - PRSN 
IF (ERROR .LT. C.0C2) GO TO -.13 
IF (ITER .GT. 20) CO TO +14 
PRS - PRST 
TEM - 


TEMT 

YY 


GO TO +11 
IF (KOCEE .60. 

IF (KODEE .EQ. 

CO TO +CC 
WRITE (IW, 300) 

IF (KODEE .EQ. 11 WRITE (IW 

IF (KOOEi ..EC. 2) WRITE (IW 

GO TO +0C 

STOF 

END 
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PROG#*? NAME 
PURPOSE 


• .LANGUAGE 


P-PSI, PSEUDO PRESSURE CALCULATIONS 


PSEUDO-PRESSURES# AS CEFINEC BY AL-HU5SAINY 
(19651# ARE CALCULATED ST THE NUMERICAL 
INTEGRATION METHOD ILLUSTRATED fit EXAMP4E 


- FORTRAN |V 


* SUBROUTINES USEO 

* - VISCY 

* - XLGR* 

* - ZANCC 

* 

* DATA INPUT, OUTPUT AND VARIABLES 


CNCH2S ■ 
CNCC02 
CNCN2 
PRSDEl • 
PRSMAX 


SPG 

TEN 

tImpc 


MOL PERCENT C02 IN THE NATURAL GA5 
MOL PERCENT. N2 IN THE NATURAL GAS 
PRESSURE INCREMENT FOR NUMERICAL INTEGRATION 
UPPER LIMIT OF PRESSURE, PSIA, UPTO WHICH THE 
PSEUDO-PRESSURE CONVERSION IS REQUIRED 
PSEUDO-CRITICAL PRESSURE OF THE NATURAL CAS, PSIA 
DENOTES PSEUDO-PRESSURE, (PSIA)♦*!/CENTlPOISE 
SPECIFIC GRAVITY OF THE NATURAL GAS 
RESERVOIR TEMPERATURE, DEGREES F 
PSEUDO-CRITICAL TEMPERATURE OF THE NATURAL GAS, 
DEGREES F 

CW ' P0,SE - C ‘ ECU “” C ” 

tHE U ?UBROU?IM ,, ElNOC ll! "' ,TT f ' CT ° R ' « Y 


DATA IR/ IT, IW/3/ 
DIMENSION TITlEliei 


• READ AND WRITE FORMAT STATEMENTS 


FQRTAT < 
FORMAT ' 
FORMAT 


17A4. A2,/I 

•RESERVOIR TEMPERATURE, DEGREES 
•GAS GRAVITY 

* PJEUOO-CRITICAl TEMP., OEGREES 


•MCLE PERCENT - HYOROGEN SULPHIDE 
JH , 4 MOLE PERCENT - CARBON 0I0X10E 
•HOLE PERCENT - NITROGEN 
• PRESSURE * • 16X, * PSEUDO-PR E SSURE*/1H 
I IPS1AI» .[ex, *IPSIA **2/CPI•//) 

240 FORMAT I1H , F7.1 ,1BX, E13.7) 


:M8: 

,FU. 

,F1C. 

,F1C. 

IX, 


* READ INPUT DATA 


READ 

WRITE 

WRITE 

RE AC 

READ 

WRITE 

WRITE 


UR, ICO, ENO-4001 TITLE 
I IW, 200) 

I IW, 210) TITLE 

< IR. lloi PRSMAX. PRSDEL, TEM, SPG 
UR, 1101 TEMPC, PRSPC, CNCHZS, CNCC02, CNCN2 
. ... -- SPG. TEHpc# PRSPC , CNCH2S, CNCC02, 


♦ PSEUDO-PRESSURE CALCULATION BT NUMERICAL INTEGRATION 


PRS - 0.0 
PRSSI - O.C 
PRSSI2 - 0.0 
CO TO 320 

PRS - PRS 4 PRSDEL 
TEMPRO - ITEM ♦ 460.) / TEMPC 
PRSPRD - PRS / PRSPC 

CALL ZANCC ITEM, TEMPC. PRS, PRSPC, CNCH2S, 

*CALL VISCY (TEMPRO* PrSpRD^SPG^TEH, CNCHZS, 

A PRSSI2 . 2 ?FHS 5 M SM$c 1 , J s ffi» ms# ,ERR ‘ 

PRSSI - IPRSSIl ♦ PRSSI2) / 2. * PRSOEL ♦ PRSSI 

WRITE UW, 24t) PRS, PRSSI 

PRSSIl - PRSSI2 

IF IPRS .LT. PRSMAX) CO TO 310 

stop 


END 


PROGRAM NAME - NATURAL GAS VISCOSITY DETERMINATION 

PURPOSE - THIS SUBROUTINE WILL DETERMINE THE VISCOSITY 

FOR NATURAL GAS INCORPORATING A CORRECTION 
FOR THE PRESENCE OF HYDROGEN SULPHIDE, 

CARBON DIOXIDE AND NITROGEN. 

LANGUACE - FORTRAN IV 

CALLING SEQUENCE 

- CALL VISCY ITEMPRD, PRSPRD, SPG, TEM, 

CNCH2S. CNCC02» CNCN2, V1SGR. 
VISG, IERR ) 

PARAMETERS 

1. INPUT PARAMETERS 

TEMPRO - PSEUDO REDUCED TEMPERATURE AT WHICH THE NATURAL 
„ GAS EXISTS 

FRSPRC - PSEUDO REDUCED PRESSURE AT WHICH THE NATURAL 
GAS EXISTS 

SPG - SPECIFIC GRAVITY OF THE NATURAL GAS 
JEM - TEMPERATURE OF THE NATURAL GAS IOECREES F.I 
CNCH2S - MOL PERCENT HYDROGEN SULPHIDE IN NATURAL GAS 
CNCCO* - MDL PERCENT CARBON DIOXIDE IN NATURAL GAS 
CNCN2 - MOL PERCENT N!TROGEN IN NATURAL GAS 

2. OUTPUT PARAMETERS 
VISGR - VISCOSITY RATIO 

VISG - VISCOSITY OF THE NATURAL GAS, CENTIPOISE 
IERR - ERROR FLAG INDICATING BOUNOS ERROR 


C0RCO2 

C0RH2S 

C0RN2 

ICALL 


IHIPRS 

LOTEM 

LOPRS 

TEHT81 


VISGA 
VI SGU 
VISI 
VISA 
VIST8L 
VI STB 1 


CORRECTION FOR C02 
CORRECTION FOR H2S 
CORRECTION FOR N2 

INDICATES THE POSITION IN THE PROGRAM FROM WHICH 
THE CALL TO XLGR4 WAS MADE 

HIGHEST INDEX TO BE CHECKED IN THE TABLE OF 
TEMPERATURE INOEXES, TEMTBL 
HIGHEST INDEX TO 86 CHECKED IN THE TABLE OF 
PRESSURE INDEXES, PRS TB L 

LOWEST INOEX TO BE CHECKED IN THE TABLE OF 
TEMPERATURE INOEXES, TEMTBL 
LOWEST INDEX TO BE CHECKED IN THE TABLE OF 
PRESSURE INDEXES, PRSTBL 

TABLE OF INDEXES TO THE APPROPRIATE TEMPERATURE 
COLUMN IN THE VISCOSITY TABLE, VISTBL. 

TABLE OF INOEXES TO THE APPROPRIATE PRESSURE ROW 
IN THE VISCOSITY TABLE, VISTBL 

V I 4 I r AT 1 A ™ PRESSURE I CORR6CTEO-H2S, C02, N2 I 

VISCOSITY AT L ATM PRESSURE ( LNCORRECTEO) 
INTERPOLATED VISCOSITY RATIO 
INTERPOLATED VISCOSITY RATIO 
TABLE CF VISCOSITY RATIOS 
EQUIVALENT TO APPROXIMATE 
VISTBL. 

SET UP BECAUSE VISTBL CGULO NOT 8E INITIALIZED 
WITH 1 DATA STATEMENT 

EQUIVALENT TO APPROXIMATELY THE LATTER HALF OF 
VISTBL. 


PPROXIMATELY THE FIRST HALF CF 


*********** 


2S» CHCC02, 

VJ SI81(22.7), 


i 


EQUIVALENCE IVISTBIU,!), VISTBL! I. 


in, (VIST62U.1I, VISTBLd.6)1 
I. 60 .I.75,2.00,2.25, 2 .SC,3.Ov / 


DATA PRSTBL 7 
A 0.1 • 0.2 , C.3 , 
b I.* . i.6 , i.a , 


2.0 . 


DATA V 
Al.OOO, 
62.265, 

H:S88: 

El.000, 
F1.42C, 

tl.CGC, 
J 1.215, 
Kl.OuQ, 
LI.165, 
Ml.000. 
Nl. ISC* 


DATA VISTB2 
Al.OCO,1* COS, 
§i. 120,1.150, 
Cl.000, 1. CD4, 

SfcUsfctfe 

J1.C40,1.C50, 
K1.000.1.000, 
11.025,1.030- 


STB1 / 

.C12,1.025*1, 
• 665.3.29C, 3. 
.Cll,1.023,1. 
.£70,2.465,2. 
.CIO,1.021,1. 
.590,1.650,2. 

:8l;fcHSi: 

.008,1.017,1. 
.285,1.360, 1. 

mhtik i: 

.006,1.013,1. 
185,1.220,1. 


050,1. 
650,4. 

Tel: I: 

036.1. 

160,3. 

mi: 

027.1. 

46C.2. 

m:l: 

C21, 1. 
260,1. 


075.1.100, 
760,5.500, 
065,1.086, 
850,4.655, 
U55.1.073, 
225,3.975, 
045,1.U60, 
600,3.350, 
040,1.054, 
020,2.560, 
635, 1.048, 
690,2.110, 
030,1.042, 
500,1.765, 


■1.145, 

6.46C, 

iiiS: 

1.C95, 
5.030, 
1.076, 
4.360, 
1.063, 
3.SCO, 
l.t/56, 
5.790, 
1.049, 
2.325, 


1.195.1 
7. 15C.7 

1.150.1 
6.500,7 

1.120.1 
5.820,6 
l.u65,1 
5.125,5 
1.075, 1 
4.185.4 

1 : 88 ;! 
1.059, 1 
2.820,3 


265,1.415- 
.680,8.650, 
195,1.255, 
060,8.ICO, 
145,1.175, 
365,7.410, 

ICC,I.I2C, 
755.5.79C, 
089,1.ICC, 
86t,»4.790< 
076,1.ICC, 
23C.4.Q60. 


1 . 011,1 
.180,1 
If 009, 1 
1*145, 1 
. 007, I 
.095. 1 

I.cos, i 

.Cfcu, 1 
l.uOl, 1 
1.C35.1 


.C18, 1. C25, 
215,1.385, 
015,1.021. 
165.1,280, 
012.1.017, 

Ufcfcili: 

085,1. 145, 
006,1,009, 
065,1. 105. 
C03, 1.005, 
040,1.060, 


1.036, 

1.595, 

1.030, 

1.435, 

1.024, 

i-m 

lit J: 

1.155, 

1.007, 

1.085, 


,1.051,1.067,1.070 
,2.425,2.770,3.490 

l, 

-,1.035,1,045,1.055, 

665,2.085, 
023.1.025, 
465, 1 • BBC, 
Cl 3,1.015 
265,1.495, 


ill' 


.245 

.0C9 

.140. 


1.019. 

■ 1.36C, 

■ 1.011. l.( 
1.205,1.; 


1.760, 

9.37C, 
1.435, 
8.880, 
1.280, 
8. 180, 
1.195, 

7.500, 
1.155. 

6.500, 


1.095, 
4.025, 
1.09C, 
3.500, 
1.06C, 
2.925, 
1.045, 
2•460, 
1.030, 
2.150. 
1.C2C, 
1.750/ 


• IMT1ALIZE-UPPER AND LOWER BCUNOS FOR THE TABLES CF 

• PSEUOO REDUCED TEMPERATURE AND PRESSURE INDEXES, 

• -ERROR FLAG, IERR, TO 0 


LOPRS • 2 

IHIPRS * 21 

^hIIem • if 

IERR * 0 


: g? 6 ?S 6 c ESfCoC7SG t S5!g2 g | , ?iSli.8S 1 5?S PARAM£T6RS ^^if.ed 


1. TEMPflC - 1.u5 

2. PRSPRD * 0.01 

3. SPC - 0.55 

4. TEH - 4C.6Q 


TO 3.00 
TO 20.00 
TO 1.50 
TO 400.00 


* IF ANY VALUE IS OUTSIOE THE RANGE. 


if JI£?£ R0 * LT - 1«G5 .OR. TEHPRD .GT. 3.C0) GO TO 340 
Jf < PR S pR 0 •}-T* 8*91 ’SS* ?S5 PR0 4 SI* 2C.DC) GO TO 340 
if !§fS .LT. 0.55 .OR. SPG .GT. 1.5v) GO TO 3*C 
IF ITEM .LT. 40.0 .OR. TEM .GT. 400.0) GO TO 340 


• LOCATE TEMPRC IN THE TEMPERATURE INOEX 


DO 100 J - LOT EM, IHITEM 

CONTINUE 81 * 41 * CE * TEM,,R0, 00 10 120 
J - IHITEM 4 l 


C J CHEjjK 


^ SP p R R§pggf^. S W H L £ 0 P W§i? S ygEEJ N ^L X UE. PERFORM THE 


CALCULATE THE 
IF PRSPRD. G£. THI 
LAGRANGE INTERPI 
PRSTBLUHIPRS 


AH. «* T JO,”viSGR.~ 

T " £ 


S|J. THE VISCOSITY RATIO TO THE INTERPOLATED VALUES. * 

^VIk^flTlSS. v,SC0S1TY " AT1 ° US,N0 


STRAIGHT LINE 


120 IF (PRSTBLILCPRS - II .IT. PKSPRO) GO TO 160 


140 

160 

180 

200 

220 

24C 

260 


ICALL - 1 
GO TO 32C 
VI SCR - 1.00 
CO 70 30C 
IF IPRSTBLUHIPR5 
I - IHIPRS 4 

ICALL - 2 
CO 70 32C 
VISOR - VISI 
GO TO 30C 

?P flRsIa 

CONTINUE 

I - IHIPRS 

ICALL - 3 
GO TO 32 C 
VISJ - VISI 


(PRSPRD ♦ (VIS! - 1.0)1 

1) .GT. PRSPRD) GO TO 20u 


“•‘(visj-visi) 8 ) (I ‘‘ umpRSm<n - p * STBL <i- 1 *» J 


* CALCULATE PARTIAL VISCOSITT. VISCGU. MODIFY THE 

I £tJ" < Sn$ 0 ? li £5 T iS' i 5 "EPEND6NT UPON THE PERC ENTflOc 

5 »tT.?H 0 PReI1u«1? 2 VISgI. TD 0BT “ N TH£ PART,A ‘- V1SC0S1 " 

* CALCULATE THE OVERALL VISCOSITY, VISG 

VISCU - <0.1265856-011 - (p.611823E-02»*SPG • <0.164574E-02>*SP 
& * SP 9 ♦ «G.164574E-G4)*TEM - <0.719221E-C6)*SPG-TEH 

B....„ - (G.609046E-06I*SPG*SPG*TEM 

CQRH2S - (O.OOOU3*CNCH2S*SPG - O.OOCC30*CNCH2S ♦ O.UOaCOll 

! ( I,5/(i.04SPG) ) ♦ o.cojooi 

CQRC02 - (U.CGC134ACNCC02* SPG - U.OC0GC4*CNCCO2 ♦ 0 . CC0c04*S^G) 

* * ( I,0/<l.O+SPGI ) - 0.000003 

(0.CCC170*CNCN2 •SPG ♦ C.030021*CNCN2 ♦ O.COOCIC+SPGI 

• ( 1.0/( 1. v)4SPG) ) — 0.000006 
V1SGU ♦ C0RH2S ♦ C0RC02 ♦ CQRN2 
VISGR • VISGA 


C0RN2 


VISGA 

vise 

GO TO 36 C 


****** 44 •••«**•*••* 

CALL TC LAGRANGE INTERPOLATION ROUTINE 


CALL XLGR4 (TEMPRO. TEMTBL(J-2)» TEMTBL(J-l), TEMTBL(J), 
A TEMTBL(4+1I, VISI, VISTBLd, J-2), VIST8LU.J 

VISTBLd. Jl, VISTBLd, -Ull) 

GO TO (140, 160. 260, 280), ICALL 


**♦••*** «»♦#•♦■»#»*****♦ 
♦ 

* DATA EFROR PROCEDURE 

* 

•♦***♦**«*♦**•4*4****** 

IERR - 1 
VISGR - O.OC 

vise - O.C 


RETURN PROCEDURE 






************* 

























Gas Production Operations 


- lacranGE interpolation 

- THIS SUBROUTINE IS USEC BY SUBROUTINE VISCY 
TC PROVIDE INTERPOLATED VISCOSITY RATIO 
VALUES CORRESPONDING TO GIVEN VALUES OF 
PSEUDO-CRITICAL TEMPERATURE ANO PSEUDO- 
CRITICAL PRESSURE 

- THIS SUBROUTINE EVALUATES THE GENERAL 
LAGRANGE EQUATION C K.L.NEILSON# METHODS IN ' 
NUMERICAL ANALYSIS# THE MACMILLAN COMPANY, 

(I <3561 FOR A Y VALUE CORRESPONDING TC A 
GIVEN X VALUE LYING WITHIN THE RANGE OF 
FOUR GIVEN POINTS: IX1»YII# (X2#Y2I# 

(X3.Y3) ANO (X4»YAI 


■ CALLING SEQUENCE 

- CALL XLGRA tX# Xl# X2# X3# X4# 
T# Yl# Y2» Y3# Y4I 


SUBROUTINE XLGRA IX# XI# X2# X3# X4. Y# Yl# Y2# Y3# YAI 


S3 i A2 * BA / A3 • Yl 
S3 J AA • BA / A5 • Y2 
B2 / AA * 6a / A6 * Y3 
B2 / A5 • 63 / A6 * YA 


* RETURN PROCEDURE 


ANO COMPRESSIBILITY DETERMINATION 

- THIS SUBROUTINE DETERMINES COMPRESSIBILITY 
FACTORS ANO COMPRESSIBILITIES OF A NATURAL 
GAS- CORRECTION FACTORS FOR THE PRESENCE OF 
HYDROGEN SULPHIDE AND CARBON DIOXIDE ARE 
INCORPORATED. 

- COMPRESSIBILITY FACTORS ARE CALCULATED FROM 
AN 8-PARAMETER B WR LCUATION OF STATE# 
DEVELOP EO BY ORANCMJK,PURVIS C ROBINSON 

(197AI# THAT EFFECTIVELY REPRODUCES THE 
STANDING-KAT2 2-FACTOR CHARTS. 
COMPRESSIBILITIES ARE CALCULATED BY THE 
METHOD OF MATTAR,8RAR £ A2I2 119751 WHICH 
USES A DIFFERENTIATED FORM OF THE ABOVE 
EQUATION OF STATE. 

CORRECTIONS FOR THE PRESENCE OF HYDROGEN 
SULPHIOE ANO CARBON DIOXIDE ARE APPLIED BY 
THE METHOD Of WI CHERT C All* (1974). 


* CALLING SEQUENCE 

* - CALL 2AN0C C T£M» TEMPC# PRS# PRSPC# CNCM2S 

* CNCC02. ZED# CMPG# I ERRJ 

* PARAMETERS 

4 

« 1. INPUT PARAMETERS 

* TEM - TEMPERATURE OF THE NATURAL GAS# DEGREES f 

* TEMPC - PSEUDO-CRITICAL TEMPERATURE OF THE NATURAL CAS. 

* DEGREES R 

4 FRS - PRESSURE AT WHICH THE NATURAL GAS EXISTS# PSIA 

* PRSPC - PSEUDO-CRITICAL PRESSURE OF THE NATURAL GAS, PS I 

* CNCH25 - MGlE PERCENT HYOflOGEN SULPHIDE IN THE NATURAL GAS 
4 <NCC02 - MCLE PERCENT CARBON DIOXIDE IN THE NATURAL GAS 

4 

* 2. OUTPUT PARAMETERS 

* ZED - COMPRESSIBILITY FACTOR OF THE NATURAL GaS 

* CMPC - COMPRESSIBILITY OF THE NATURAL GAS 
4 I ERR - ERROR fLAG INDICATING BOUNDS ERROR 


A - CONSTANTS IN THE ORANCHUK ETAl. CORRELATION 

CMPPRC - PSEUDO-REDUCED COMPRESSIBILITY 
CENRO - REDUCED DENSITY 

C2EC - PARTIAL DIFFERENTIAL Cf ZED WITH RESPECT TO OENRD 

EPS - WICMERT AND AZIZ ADJUSTMENT FOR H2S AND C02 

FRCA - MCLE FRACTION H2S AND CC2 
fRC6 - HOLE FRACTION N2S 

PRSPC t - AOJUSTEO PSEUDO-CRITICAL PRESSURE* 

FRSPRC - PSEUDO-REDUCED PRESSURE 

TEMPC i - AOJUSTEO PSEUOO-CR1TICAL TEMPERATURE 

TEMPRE - PSEUDO-REOUCEO TEMPERATURE 


DATA A / 

A 0«31506237 * -1.C4670990 » -0.57832729 
B -0.61232032 # -0.10488813 # 0.68157001 


• CALCULATE ADJUSTMENT FOR PRESENCE OF H2S C C02 


FRCB - CNCH2S V 1J0. 

EPS - 12U. * (FRCA *4 0.9 - FRCA 4* l.*| ♦ 15. 
A - FRCB •• 4.01 


- FRICTION FACTOR DETERMINATION 

- THIS SUBROUTINE IS USEO BY THE BOTTOM HOLE 
PRESSURE CALCULATION PROGRAM FOR COMPUTING 
THE VARIABLE PTZ FOR THE FLOWING PRESSURE 


; LANGUAGE 
' CALLING SEQUENCE 


CALL FFCFLO IT EM, PRS# PTZI 


PARAMETERS 

1. INPUT PARAMETERS 


OLTPUT PARAMETER 


FFC - FRICTION FACTOR CALCULATED BY THE COLEBROOK 
EOUATI ON ' 

RETQ - REYNOLDS NUMBER 

VISC - NATURAL CAS VISCOSITY CALCULATED BY 

SUBROUTINE VISCV 


TEMPCA - TEMPC - EPS 
PRSPC* - PRSPC • TEMPCA / ITEMPC * 
TEMPRD - ITEM ♦ 46C- I / TEMPCA 
PRSPRO - PRS / PRSPCA 


FRC8 * U. - FRCB) 1 


SET ERROR FLAG, I ERR. TO 0 

CHECK UPPER AND LOWER LIMITS OF ThE PARAMETERS SPECIFIED 
BY THE FOLLOWING RANGES (INCLUSIVE) - 

1. TEMPRD - 1.05 TO 3.00 

2. PRSPRO - t.CO TO 15-00 

. 3. FRCA - O.vu TO 0.85 


IERR - 0.0 

IF (TEMPRD .LT. 1.05 .OR. TEMPRD .GT. 3.CC) GO TO 140 

IF (PRSPRO .LT. O.CO .OR. PRSPRD .GT. 15.CC) GO TO 1 VC 

If (FRCA .LT. 0.00 .OR. FRCA .CT. C.851 GO TO 1 AO 


.GT. C.85) GO TO 1 AO 




SUBROUTINE FFCFLO (TEM, PRS# PTZI 


4444444*4444444444444444444444444*444444444444444444444444444444 
4 4 

* CALCULATE THE REYNOLOS NUMBER FOR THE FLOWING GAS * 


PTZ - 1. / PTZ 
PRSPRO - PRS 1 PRSPC 
TEMFRO - (TEM ♦ 460.I / TEMPC 
CALL VISCY (TEMPRD# PRSPRD# SPG# TEM# CNCH2S# 
A CNCC02# CNCN2# VISGR# VISC# IERR) 

PEYO - 20011. * SPG * RTEG t (VI5G 4 OIAT) 
IF (ABSRNS .LE. 0.T ABSRNS - 0.00060 
RELRNS - ABSRNS / ClAT 


ITER «■ 0 

OOEL - I. / RELRNS 

Cl - A.67 * OOEL / REYC 

C2 * 1.73716 4 ALOC(OOEL) ♦ 2.28 

fFC - 1. / (C2 44 2) 

FUNC - CZ - 1.73716 * ALOGd. ♦ Cl / SORT (FFC)) 

A - 1. / SORT(FFC I 

OER - 0.8686 ♦ Cl / < FFC *♦ 1.5 ♦ Cl * FFC) 

A ♦ 0.5 / (FFC 44 1.5) 

FFCN - FFC - FUNC / DER 

IF (ABSI4 FFCN-fFCI/FFCN)-0.005) 300,300.2C0 

FFC - FFCN 

ITER - ITER + 1 

GO TO IOC 

FFC - FFCN 

FSQ “ 2*6665 • FFC ♦ RTEG * RTEG / (OIAT •• 5.0) 4 LTH / OPH 

PTZ - PTZ / (FSQ ♦ PTZ • PTZ ♦ 0.001) 


DENRO - 1.0 
00 120 HER*l# IQ 
DENRD2 • OENRD * DENRD 

DENRD3 - 0ENRD2 * DENRD 

DENROA - 0ENRD2 4 DENRD2 

0ENRD5 - OENRD3 • DENRD2 

P - (TEMPRO ♦ T1 * OENRD ♦ T2 • DENRD2 ■# T3 • OENI 

A • OENRD ♦ T«* 4 0ENR03 * U.O ♦ T5 • 0ENRD2) * 

B (-T 5 • DENR02) 

OP - TEMPRO ♦ 2.w 4 Tl 4 DENRD * 3.C • T2 • 0ENRD2 
A ♦ 6.C * T3 4 0ENRO5 ♦ N * DENRD2 * EXP 

B (-T5 * 0ENRD2) ♦ (3.0 ♦ 3.G • T5 ♦ 0ENRD2 

C - 2.C 4 T5 * T5 * DENROA) 

DENP01 *> OENRD - (P - L.270 * PRSPRD) / OP 

IF (DENRCl .GT. 0.0) GO TO 100 

DENRD1 - 0.5 ♦ OENRD 

IF (DENRCl .LT. 2.2) GO TO 110 

DENROI - DENRO ♦ 0.9 * <2.2 - DENRO) 

IF <AB S(CENRO - DENROi) .LT. 0.00001) CC TO 130 
DENRD - DENRCl 

ZEO - 0.270 * PRSPRD / (DENROI 4 TEMPRO) 

CENRO - OENRD1 

0ENR02 - DENRD ♦ OENRD 

CENROA - 0ENR02 • DENRD2 

D2EC - Tl / TEMPRO * 2.0 * 12 / TEMPRO » OENRD 
A ♦ 5.C ♦ T3 * DENRD4 / TEMPRO ♦ (1.0 ♦ T5 * DEI 

8 - T5 * T5 * OENRDa) • 2.C * Ta / TEMPRD * CENI 

C * EXPI-T5 * OENR02) 

CMPFRO - 1.0 / PRSPRO - 0.270 * OZEO i (ZEO * ZEO • TE: 

A 4 (l.o ♦ DENRD / ZEO 4 DZEOI) 

CMPG - CMPPRD / PRSPCA 


DATA ERROR PROCEDURE 


♦ 2.0 4J2 / TEMPRD * OENRD 
DENRDA / TEMPRO ♦ (1.0 ♦ T5 * DENR02 
OENRDA) • 2.C * Ta / TEMPRD * CENRC 


’RETURN PROCEDURE 


* RETURN PROCEDURE 


RETURN 

END 
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EXAMPLE 0-1. 


IKOOEA-l.KCOEB-lI 


INPUT DATA: 


WELL 

PIPE 

GAS FLOW 

TEMPERATURE 

DEPTH LENGTH 

INSIDE 

ABSOLUTE 

RATE 

DEGREES F 

FEET 

OIAMETER 

ROUGHNESS 

MMSCFO 

WELL 

BOTTOM 


INCHES 


HEAD 

HOLE 

10471. 10471. 

2.441 

.0018 

0.0 

146. 

242. 


PRESSURE » PS 1A 
BOTTOM 
WELL HOLE 
HEAD (ASSUHEO) 

2685. 2e85. 


CAS GRAVITY - 0.9800 
CALCULATED CAS PROPERTIES: 

PSEUDO-CRITICAL PRESSURE* PSIA - 652.06 

PSEUDO-CRITICAL TEMPERATURE. DEGREES RANKINE « 471.69 
MOLECULAR WEIGHT - 28.38 

** 4 * ***************** ************ ********************* ******** *********,** ***♦*♦ 


STATIC BOTTOM HOLE PRESSURE - 3961. 


NUMBER OF ITERATIONS - 4 


1 J 


EXAMPLE 0-2. 


<KODEA«l.KCDE8-2 I 


INPUT DATA: 

WELL 

DEPTH LENGTH 
FEET 

10471. 10471. 


PIPE 

INSIDE ABSOLUTE 
DIAMETER ROUGHNESS 
INCHES 

2.441 .0016 


GAS FLOW 
RATE 
MMSCFO 

11.716 


TEMPERATURE 
DEGREES F 
WELL BOTTOM 
HEAD HOLE 


146. 


242. 


PRESSURE. PSIA 
BOTTOM 
WELL HOLE 
HEAD (ASSUMEC) 

2685. 2885. 


GAS GRAVITY - 0.9800 
CALCULATED GAS PROPERTIES: 

PSEUDO-CRITICAL PRESSURE. PSIA - 652.06 

PSEUDO-CRITICAL TEMPERATURE. CEGREES RANKINE - 471.69 
MOLECULAR WEIGHT • 28.38 

*•••*•***»»**.»»**«♦•»»»*»**♦ 4 ***.»*•»»**♦*****»*•*».***..**..***************** 

FLOWING BOTTOM HOLE PRESSURE * 4557. NUMBER OF ITERATIONS - 3 
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Gas Production Operations 


EXAMPLE 0-3. 


IK00EA-2.KC0E8-1) 


INPUT DATA: 

WELL 

DEPTH LENGTH 
FEET 


10471. 10471. 


PIPE 

GAS FLOW 

TEMPERATURE 

INSIDE 

ABSOLUTE 

RATE 

DEGREES F 

OIAMETER 

ROUGHNESS 

MMSCFO 

WELL BOTTOM 

INCHES 


HEAD HOLE 

2.441 

.0018 

o 

• 

Q 

146. 242. 


PRESSURE. PSIA 
BOTTOM 

WELL HOLE 
HEAO I ASSUME CI 


2685. 


2885. 


GAS COMPOSITION. MOLE FRACTION 

H2S C02 N2 

.1706 . 0320 . 0 192 


GAS GRAVITY - 0.98C0 
CALCULATED GAS PROPERTIES: 

PSEUOO-CRIT I CAL PRESSURE. PSIA • 652.06 

PSEUOO—CRITI CAL TEMPERATURE. CEGREES RANKINE - 471.69 
MOLECULAR WEIGHT . 28.38 

***************************** A*********#*##*******..***#***.**#**#****..*#..*.. 


STATIC BOTTOM HOLE PRESSURE - 3870. 


NUMBER OF ITERATIONS ■ 4 


EXAMPLE 0-4. 


(KQOEA-2.KCOEB-2) 


INPUT DATA: 

WELL 

OEPTH LENGTH 
FEET 


10471. 10471. 


PIPE 

INSIDE ABSOLUTE 
DIAMETER ROUGHNESS 
INCHES 


2.441 


.0018 


GAS FLOW 
RATE 
MMSCFO 


TEMPERATURE 
DEGREES F 
WELL BOTTOM 
HEAD HOLE 


11.716 146. 


242. 


PRESSURE. PSIA 
BOTTOM 

WELL HOLE 
HEAD (ASSUMED) 

2685. 2885. 


GAS COMPOSITION. MOLE FRACTION 


H2S 

.1706 


C02 

.0320 


N2 

.0192 


GAS GRAVITY - 0.9800 
CALCULATED GAS PROPERTIES: 

PSEUOO—CRITI CAL PRESSURE. PSIA . 652.06 

PSEUDO-CRITICAL TEMPERATURE. CEGREES RANKINE - 471.69 
MOLECULAR WEIGHT . 28.38 

******************************************************************************* 


FLOWING BOTTOM HOLE PRESSURE * 4510. 


NUMBER OF ITERATIONS - 3 



EXAMPLE 0-5 


IK00EA-3.KC0E8-1» 


INPUT OATA: 

WELL ' 

DEPTH LENGTH 
FEET 


PIPE 

INSIDE ABSOLUTE 
OIAHETEP ROLGHNESS 
INCHES 


10471. 10471. 2.441 .0018 

GAS COMPOSITION. HOLE FRACTION 


GAS FLOW 
RATE 
NMSCFO 


0.0 


H2S 

C02 

N2 



1706 

.0320 

.0192 



Cl 

C2 

C3 

IC4 

KC4 

590 3 

.0727 

.0297 

.0079 

.Cl*4 


IC5 


NC 5 


CALCULATED GAS PROPERTIES: 

PSEUOO-CRITICAL PRESSURE. PSIA 
PSEUDO-CRITICAL TEMPERATURE. CEGREES RANKINE 
MOLECULAR WEIGHT 
GAS GRAVITY 


TEMPERATURE 
DEGREES F 
WELL BOTTOM 
HEAD HOLE 


146 . 


C 6 

.0120 


242. 


C7+ 

• 0391 


767.88 

476.78 

28.39 

0.9803 


PRESSURE, PSIA 
BOTTOM 
WELL HOLE 
HEAD (ASSUMEC) 


2685. 


2885. 


******************** ••****♦** 4#4*44444444*44*v*4*4*4***4**4*4444*4444444444444. 

STATIC BOTTOM HOLE PRESSURE » 3953. NUMBER OF ITERATIONS - 4 


EXAMPLE 0-6. 

INPUT OATA: 

WELL 

OEPTH LENGTH 
FEET 


10471. 


10471. 


IKO0EA-3.KCDEB-2) 


PIPE 

INSIDE ABSOLUTE 
DIAMETER ROLGHNESS 


2.441 


.0018 


GAS COMPOSITION. HOLE FRACTION 


H2S 

C02 

N2 


1706 

.0320 

.0192 


Cl 

C2 

C 3 

I C 4 

590 3 

.0727 

.0297 

.0079 


GAS FLOW 
RATE 
MMSCFD 


TEMPERATURE 
DEGREES F 
WELL BOTTOM 
HEAD HOLE 


11.716 146. 


NC 4 

. Cl 44 


242. 


IC5 NC 5 C6 C7 + 

.0059 .0062 .0120 .0391 


PRESSURE, PSIA 
BOTTOM 
WELL HOLE 
HEAD (ASSUMECI 


2685. 


2885. 


CALCULATED GAS PROPERTIES: 

PSEUOO-CRITICAL PRESSURE. PSIA . 767.88 

PSEUOO-CRITICAL TEMPERATURE. CEGREES RANKINE • 476.78 

MOLECULAR WEIGHT . 28.39 

GAS GRAVITY . 0.9803 


************** *************** 44444*4*** 4*44*4*44******44****444**44**4444444 444 

FLOWING BOTTOM HOLE PRESSURE • 4563. NUMBER OF ITERATIONS - 3 
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Gas Production Operations 


i 


EXAMPLE 0-7. 


IKODEA-4.KCDE8-1 ) 


INPUT DATA: 

WELL 

OEPTH LENGTH 
FEET 

10471. 10471. 


PIPE 

INSIDE ABSOLUTE 
OIAHETER ROUGHNESS 
INCHES 

2.441 .0018 


GAS FLOW 
RATE 
MMSCFD 


G.O 


TEMPERATURE 
DEGREES F 
WELL BOTTOM 


HEAD 

146. 


HOLE 

242. 


PRESSURE. PSIA 
BOTTOM 
WELL hQLE 
HEAO (ASSUMECI 


2665. 


2885. 


GAS COMPOSITION. MOLE 

FRACTION 



H2S 

.1706 

C02 

.0320 

N2 

.0192 





Cl 

.5903 

C2 

,.0727 

.02^7 

IC4 

.0079 

NC4 

.0144 

ICS 

.0059 

NC5 

.0062 

PROPERTIES OF 

C7* 






PSEUDO-CRITICAL PRESSURE. PSIA 

PSEUDO-CRITICAL TEMPERATURE. CEGREES RANKINE - 
MOLECULAR WEIGHT 
CALCULATED GAS PROPERTIES: 

PSEUDO-CRITICAL PRESSURE. PSIA 

PSEUDO-CRITICAL TEMPERATURE. CEGREES RANKINE - 
MOLECULAR WEIGHT 
GAS GRAVITY 


C6 

.0120 

360.22 

1045.22 

124.52 

767.86 

477.61 

28.80 

0.9642 


C7+ 

.0391 


************************************************************************ ***m ** * 

STATIC BOTTOM HOLE PRESSURE - 3976. NUMBER OF ITERATIONS * *. 


EXAMPLE D-8. 


4K0DEA-4.K0DE8-2 I 


INPUT DATA: 

WELL 

DEPTH LENGTH 
FEET 


10471. 10471. 


PIPE 

INSIDE ABSOLUTE 
DIAMETER ROUGHNESS 
INCHES 


2.441 


.0018 


CAS FLOW 
RATE 
MHSCFO 


11.716 


TEHPERATURE 
DEGREES F 
WELL BOTTOM 


HEAD 

146. 


HOLE 

242. 


PRESSURE. PSIA 
BOTTOM 
WELL HOLE 
HEAD I ASSUMECI 

2685. 2885. 


GAS COMPOSITION. MOLE FRACT 


H2S 

C02 

N2 


1706 

.0320 

.0192 


Cl 

C2 

C 3 

I C 4 

590 3 

.0727 

.0297 

.0079 


PROPERTIES OF C7+ 


ION 

NC 4 IC5 NC5 C6 

. C144 .0059 .0062 .0120 


C7 + 
.0391 


PSEUOO-CRITICAL PRESSURE. PSIA 
PSEU00-CR1TICAL TEHPERATURE. CEGREES RANKINE 
MOLECULAR WEIGHT 
CALCULATED GAS PROPERTIES: 

PSEUDO-CRITICAL PRESSURE. PSIA 
PSEUDO-CRITICAL TEMPERATURE. CEGREES RANKINE 
MOLECULAR WEIGHT 
GA|S GRAVITY 


- 360.22 
-1045.22 

- 124.52 

- 767.86 

- 477.61 

- 28.80 

- 0.9942 


***•**•***•***•***•*#•*•**«•************************** *************** ********** 
FLOWING BOTTOM HOLE PRESSURE - 4594. NUMBER OF ITERATIONS - 4 





EXAMPLE 0-9 


INPUT OATA: 


WELL 

PIPE 

GAS FLOW 

TEMPERATURE 

OEPTH 

LENGTH 

INS 10E ABSOLUTE 

RATE 

DEGREES F 

FEET 

OIAMETER ROLGHNESS 
INCHES 

MMSCFD 

WELL BOTTOM 

HEAD HOLE 

10000. 

1U000. 

2.441 .0006 

0.0 

35. 245. 


PRESSURE. PSIA 
BCTTON 

WELL HOLE 
HEAO (ASSUNECI 


2500, 


2700. 


CAS GRAVITY - 0.7500 
CALCULATED GAS PROPERTIES: 

PSEUDO-CRITICAL PRESSURE. PSIA - 665.57 

PSEUDO-CRITICAL TEMPERATURE. CEGREES RANKINE . 401.00 
MOLECULAR WEIGHT - 21.72 

**•»****»»**•**•»**♦**»•*****»»*«♦•**»*»•**•**».***»**• 


»»**»»*•**.**•**♦»«**** 


STATIC BOTTOM HOLE PRESSURE - 3388. 


NUMBER OF ITERATIONS - 5 


EXAMPLE D-1G. 






INPUT DATA: 






WELL 

OEPTH LENGTH 

FEET 

PIPE 

INSIDE ABSOLUTE 

CIAMETER ROLGHNESS 
INCHES 

GAS FLOW 
RATE 
MMSCFD 

TEMPERATURE 
DEGREES F 
WELL BOTTOM 

HEAD HOLE 

PRESSURE, PSIA 
BOTTOM 
WELL HOLE 

HEAD <ASSUMED) 

10000. 1000C. 

2.441 .0006 

4.915 

110. 245. 

200u. 

2 200. 

GAS GRAVITY • 0 

.7500 





CALCULATED GAS 

PROPERTIES: 





PSEUDO-CRITICAL 

PRESSURE, PSIA 

a 

665.57 



PSEUDO-CRITICAL 

TEMPERATURE. CEGREES 

RANKINE - 

401.00 




MOLECULAR WEIGHT « 21.72 

* 4 **•*♦*,*♦**♦**#*••*****• 

FLOWING BOTTOM HOLE PRESSURE - 2725. NUMBER OF ITERATIONS - 4 


EXAMPLE 0-1l. 


RESERVOIR TEMPERATURE. DEGREES F 
GAS GRAVITY 

PSEUDO-CRITICAL TEMP., OECREES R 
PSEUOO-CRITICAL PRESSURE. PSIA 
MOLE PERCENT - HYDROGEN SULPHIDE 
MOLE PERCENT - CARBON D10XI0E 
MOLE PERCENT - NITROGEN 


£?gi38 

357.00 

664.00 

0.0 

0.0 

0.0 


'RESSURE 

pseuoc-pres: 

SURE 

(PSIA) 

(PSIA *»2/( 

:pi 

0.0 

0.0 


400.0 

0.1416346E 

08 

800.0 

0.5636334E 

08 

1200.0 

C. 1251145E 

09 

1600.0 

0.2175370E 

09 

2000.0 

0.33C4471E 

09 






Appendix E 


! 

PRESSURE TRAVERSE 

j CURVES 
































Gas Production Operations 
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